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Attention: Ms. G. Cheryl Blundon, Director of Corporate Services
and Board Secretary

Dear Ms. Blundon:

Re: Newfoundland and Labrador Hydro - Amended General Rate Application — Island
Industrial Customer rates, effective January 1, 2015

These are the submissions of the Island Industrial Customers or [IC Group (Corner Brook Pulp
and Paper Limited, North Atlantic Refining Limited and Teck Resources Limited) regarding the
Hydro’'s request for interim rates for Island Industrial Customers effective January 1, 2015.

Newfoundland and Labrador Hydro filed its Amended General Rate Application (*“GRA") on
November 10, 2014. The GRA is requesting, among other things, an Order of the Newfoundland
and Labrador Board of Commissioners of Public Utilities (“the Board” or “PUB”) approving
revised interim rates for Island Industrial customers and revised RSP rules, to be effective
January 1, 2015.

Compressed process

The Board in its December 4, 2014 correspondence to the parties states that given the
proposed effective date, the process for the review of this interim rates application must be
compressed, that there will be no requests for information or filing of additional evidence, and
that the Board requests the parties to file their submissions by December 11, 2014.

The IIC Group in these submissions has made reference to evidence filed in previous
proceedings before the Board, and to the reasoning of other Canadian (and U.S.) utility
regulatory bodies in similar or analogous circumstances. Given the compressed process, the |IC
Group respectfully submits that it is fair and reasonable for the Board to consider this
information in these submissions, in addition to the evidence filed by Hydro.

The Board has specifically requested, in addition to submissions on other issues, that the
parties address whether Hydro's proposals are consistent with the Provincial Government's
direction in OC2013-089 (as amended)’. The IIC Group submit (at greater length below) that the
Orders-in-Council do not dictate rates that must inevitably result in “rate shock”, and to interpret

' 0C2013-207; 0C2014-319
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the Orders-in-Council as leading to this result would be manifestly unfair in the context of the
long-delayed GRA process, and would be contrary to the fundamental principles of regulated
rate design, which principles continue to provide the necessary context for implementation of
the Orders-in-Council, which in and of themselves do not provide sufficient direction to fully
guide rate design.

Rationale for Interim Rates

Given the current circumstances, the Island Industrial Customers Group support the
implementation of a reasonable increase in interim rates for the Island Industrial Customers,
effective January 1, 2015. This position reflects the underlying rationale for interim rates. Interim
rates secure a GRA-related cash flow for the utility, thereby establishing conditions necessary to
avoid a delayed (and greater) rate shock for customers, while at the same time ensuring that
any excess revenue earned by the utility by early implementation of GRA-related interim rates is
refundable to the customers, in the event that final rates are less than the interim rates. In the
current circumstances, it is acknowledged that interim rates should reflect to a reasonable
degree known cost-drivers that will be recognized by the GRA process, such as increases in
underlying fuel costs. All of these characteristics are understood to apply to the current situation.

However, the IIC Group submit that it is just as important that interim rates, as well as final
rates, should not result in significant rate impacts to utility customers that would classify as “rate
shock”, particularly where the testing of the underlying evidence is incomplete and where issues
such as the appropriate allocation of RSP balances remain undetermined.

Impacts of Interim Rates Proposed by Hydro

Hydro in its Amended 2013 GRA is seeking Board's approval for island industrial customer base
rates which would have rate increase impact on the order of 39%? (excluding ongoing RSP
riders). Hydro is also proposing an RSP Surplus Credit Adjustment which will apply to the
difference between the monthly base rate charges, calculated on pre-GRA approved rates and
post-GRA approved rates to comply with OC2013-089, in order to reduce the rate impact to the
island industrial customers. Absent any other RSP adjustments, the rate impact to the island
industrial customers would have been at about 6% effective January 1, 2015 and additional
18% effective September 1, 2015°, for total (compounded) 2015 rate increase of about 26%.
However, Hydro is also proposing to recover an accumulated RSP balance forecast at
December 31, 2014 totalling 0.722 cents/kW.h. This would further increase the rate impact to
the island industrial customers to 20.7% effective January 1, 2015, and an additional 16.3%
effective September 1, 2015, for a total (compounded) 2015 rate increase of about 41%.

Regardless of whether the rate impacts are being measured before the effects of the Orders-in-
Council phase-in (54.4%), or including those phase-in impacts (20.7%), the rate changes
proposed for island industrial customers can only be characterized as unacceptable rate shock.

Hydro's Amended 2013 GRA, Section 4: Rates and Regulation, Table 4.15.

Based on Hydro's Amended 2013 GRA, Section 4: Rates and Regulation, Table 4.10 the revenues at proposed
rates less RSP Surplus Credit Adjustment (January 1, 2015: $41 million - $9.8 million=$31.2 million over $29.4
million at existing rates results at 6.1% increase; September 1, 2015: $41 million - $4.1 million=$36.9 million over
$31.2 million at January 1, 2015 proposed rates results at additional 18.2 increase).
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Examples from Other Jurisdictions — Interim Rates

In considering rate impacts, it is well and widely understood that rate stability and minimizing the
magnitude of rate changes where possible is a desirable characteristic of any rate design for
regulated utilities. “Rate Shock” is a general concept coined to describe rate impacts that
exceed reasonable standards and which are to be avoided by reasonable rate design.

Examples of other jurisdictions recognizing and addressing rate shock include:

- In Saskatchewan the 2014-2016 SaskPower GRA proposed rate changes to occur
over 3 years, rather than 1 year, “to limit the maximum rate increases to any one
class of customers to avoid rate shock”. This was needed to keep rate increases
below 7.3% for all customers, and to average closer to 5%*. Previously, in 2001, the
Saskatchewan Rate Review Panel was considering a proposal to allow a 10%
impact from “rebalancing” on top of 0.9%-12% increases (depending on the
customer load profile) from revenue requirement increases. The Rate Review Panel
concluded that “a 22% rate increase for electrical service could be considered to
create rate shock” and concluded that the “maximum increase for an individual
customer be capped at 13 percent” including all rate components.®

- In Minnesota, the regulator has similarly recognized concerns with respect to rate
shock, specifically “Avoiding rate shock is a primary ratemaking goal, because
sudden, drastic increases in energy costs can be burdensome for residential and
non-residential customers alike.”® The Minnesota Attorney General Utilities Division
have _?rovided submissions that increases of 17.1 to 18.0 percent constitute rate
shock’.

- In NWT, a recent GRA for the Northwest Territories Power Corporation was
subjected to a special Government-led Due Diligence Review prior to being filed with
the regulator. The review was led by a former Chair of the BCUC, Mr. Peter
Ostergaard. The review concluded “As NTPC had not filed a General Rate
Application (GRA) for five years, we found that there was a significant degree of
“catch-up” required with respect to the revenue requirement. The revenue
requirement increase from $87.1 million to $101.6 million, is substantial, especially if
implemented in one year. At the outset of our review, we were made aware of a
proposal being developed by NTPC and the GNWT department of Finance to limit
rate increases to no more than 7% per year. This appears reasonable as a
fundamental principle of rate design is the avoidance of “rate shock”.”® Previously the
longstanding cap imposed in NWT to avoid rate shock was 15% on the energy
component of rates (lower than 15% overall, as this assumes fixed demand charges

http://www.saskpower.com/wp-content/uploads/2014-15-16 rate application.pdf page 45.

K Saskatchewan Rate Review Panel Report to the Minister on The Proposal from SaskPower for Changes in Electrical Rates,
December 6, 2001, page 15.

® FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of Application of Midwest Gas, a Division of lowa
Public Service Company, for Authority to Change its Schedule of Gas Rates for Retail Customers Within the State of
Minnesota, Docket No. G-010/GR-80-676 (July 12, 1991) at 35.

7 https://www.edockets.state.mn.us/EFiling/edockets/searchDocuments.do?method=showPoup&documentld={940EQ9EF4-47EC-
4A30-AC35-48C71D231F27}&documentTitle=20133-84991-03

8 http://www.assembly.gov.nt.ca/sites/default/files/12-06-06td20-173.pdf page 2
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and customer charges remain fixed)®. The same 15% test has been since adopted in
Nunavut.'

- In British Columbia, BC Hydro, FortisBC and the BCUC have long applied a “bill
impact test” to rate designs. This test is not absolute, as noted by the BCUC in
Decision G 124-08:

With respect to BC Hydro’s bill impact test the Commission Panel agrees
with those Intervenors who submitted that the Commission should not
endorse a “one size fits all” approach to “rate - shock” but should evaluate
each application on its own merits. In addition, as was noted in the Oral
Phase of Argument by virtually all counsel, the Commission has a
considerable degree of latitude in determining whether a proposed rate is
fair, reasonable and not unduly discriminatory. Counsel for BCOAPO
observes that there is no ‘red light” to go off when a rate crosses into “a
zone that’s unfair, unreasonable or discriminatory” and that “essentially
the question for the Commission is this: Does the structure pass the sniff
test?” The Commission Panel agrees.

In general, however, the threshold of concern arises with rate impacts which exceed 10
percent, as noted: “FortisBC notes that the 10 percent figure is generally seen as the
threshold of “rate shock”, though it is not an official position of the Commission.”"" Note
however that this standard has traditionally been applied to rate design pressures.
Revenue requirement pressures, such as the 2012 proposal for 9.73% increases per
year for 3 years have been capped by the BC Government — in that case at 50% of the
BC Hydro request'?, and subsequently at a government imposed five year increase caps
of 9%, 6%, 4%, 3.5%, 3%"°.

In each case discussed above, the guiding definitions of unacceptable rate shock are set well
below the rate impacts proposed for the island industrial customers as part of Hydro's interim
rates proposals.

As canvassed above, regulators faced with such circumstances have been prepared to
significantly reduce the approved level of rate increase, as compared to what was sought by the
utility.

As further examples, as provided in Hydro’s response to SIR-IC-NLH-012 (Hydro’s 2013
Second Interim Rates Application), the interim rate awarded to Manitoba Hydro was at 2.75%
(effective April 1, 2014) compared to 3.95% requested by the utility; the Yukon Utilities Board
set interim rates for Yukon Energy effective January 1, 2013 at 3.75% compared to 6.50%
requested by the utility; similarly the Northwest Territories Power Corporation interim rate

NWT PUB Decision 8-2002 page 8, Decision 3-2003, pages 27 and 31
Utility Rates Review Council report on Qulliq Energy General Rate Application, February 18, 2005
http.//www.fortisbc.com/About/RequlatoryAffairs/ElecUtility/Documents/FBC _Inc RIB Decision_Final.pdf page 13

https://www.bchydro.com/news/conservation/2011/rra_amended message.html

hitp://www.newsroom.gov.bc.ca/2013/11/10-year-plan-means-predictable-rates-as-be-hydro-invests-in-system. html
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applications propose interim rate riders to collect approximately 80% of the test year shortfall
subject to a maximum overall rate increase of 15% ™.

It is submitted that the particular circumstances of industrial customers are also a factor to be
taken into consideration in relation to the avoidance of rate shock (no more, but no less, so than
the circumstances of the retail customer). The Final Report'® released by the Industrial
Electricity Policy Review Task Force appointed by Minister of Energy, Mines and Natural Gas of
British Columbia notes that “[ilndustrial customers are typically price-takers in competitive global
commodity markets with limited ability to pass increased costs to customers. Proximity to
natural resources, access to capital and market competitiveness have driven, and will continue
to drive, investment decisions. Particularly for energy intensive industries, electricity costs
heavily influence decisions to invest, expand, contract, or close.” The news release'® by
Government of British Columbia on April 28, 2014 regarding BC Hydro rates also notes that “...
it's important for BC Hydro’s large industrial customers to stay competitive”."”.

Proposed Alternatives

Considering the above noted examples from this jurisdiction and other jurisdictions, the Island
Industrial Customer Group submit that the interim rates to be effective January 1, 2015 should
be implemented in such a manner so that the overall rate impact to the industrial class does not,
to the extent reasonably possible, exceed 15%, including the impacts of any RSP adjustments
and specifically assigned charges. It is acknowledged that, even under this submission, some
island industrial customers will see increases above 15% (i.e., those island industrial customers
who will bear, at least on an interim basis, above average increases in the specifically assigned
charges), but the overall class impacts should be limited within the limits of what is reasonably
recognized as “rate shock” levels.

The only downside risk to mitigating the interim rate impact for island industrial customers on
January 1, 2015 to below rate shock levels is that there is a possibility that the uiltimate GRA
rate approvals may require the implementation of greater rate increase, and that the funds
specifically allocated by the Orders-in-Council for the “phase-in” process may not be sufficient,
in themselves, to “smooth” that rate increase. However, in the event this circumstance arises,
the Island Industrial Customers Group note that there remain substantial RSP balances that
have yet to be allocated, in accordance with Board approved methodology. Such balances have
been used in the past to smooth such rate impacts, and are available to be applied for this
purpose in the Amended GRA. For example, Hydro in its Amended GRA is proposing that RSP
rules related to the allocation of the load variation component be modified such that the year-to-
date net load variation for both Newfoundland Power and island industrial customers is
allocated among the customer groups based upon energy ratios (effective date for the RSP
change is September 1, 2013)'®. Hydro also notes that the forecast balance in the segregated
RSP load variation component as of December 31, 2014 is approximately a $33 million credit to
customers'®. In short, a significant proportion of this segregated RSP load variation balance is
proposed to ultimately be allocated for the benefit of island industrial customers, but this has not

" Northwest Territories Public Utilities Board in its decision 11-2012 from May 1, 2012 approved interim rates at 7%
requested by the utility considering the fact that it was under 15% rate rmpact threshold.
http /lwww .newsroom.gov.bc.ca/downloads/Industrial_Electricity_Policy_Review_Task_Force_Final_Report.pdf
http Ilwww.news.gov.bc.calnews_releases_2013-2017/2014MEMO0013-000539.htm
7 http [rww .newsroom.gov.bc.ca/2014/04/bcuc-review-to-get-commission-back-to-setting-bc-hydro-rates.html
Amended 2013 GRA, Section 4, page 4.36.
® Amended 2013 GRA, Section 4, page 4.37.
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yet been included in any rate proposals. Furthermore, any potential shortfall regarding the funds
in the RSP plan can be recovered over a more extended period to reduce the rate impact to the
island industrial customers.

Government direction in OC2013-089

The Board’s statutory jurisdiction to make an interim rate order is founded in section 75 of the
Public Utilities Act.

Interim order

75. (1) The board may make an interim order unilaterally and without public
hearing or notice, approving with or without modification, a schedule of rates,
tolls and charges submitted by a public utility, upon the terms and conditions that
it may decide.

(2) The schedule of rates, tolls and charges approved under subsection
(1) are the only lawful rates, tolls and charges of the public utility until a final
order is made by the board under section 70.

(3) The board may order that the excess revenue that was earned as a
result of an interim order made under subsection (1) and not confirmed by the
board be
(a) refunded to the customers of the public utility; or
(b) placed in a reserve fund for the purpose that may be approved by the board.

Jurisdictionally, the Board is not limited by what has been proposed by Hydro in its present
Application, nor by the absence of full evidence or full testing of evidence, in respect of what the
Board may order as interim rates. For the Board to hold otherwise would be, respectfully, an
error in law. As stated by the Court of Appeal in Newfoundland and Labrador Hydro v.
Newfoundland and Labrador (Board of Commissioners of Public Utilities), 2012 NLCA 38:

[61] The power of the Board to authorize interim rates is granted in s. 75 of the PUB
Act. That section allows the board to set rates expeditiously without full evidence and
submissions, such rates being subject to review and possible modification in the final
order of the Board, as is expressly provided for in subsections 75(2) and (3).

As well, it necessarily follows from the Board’s decision in P.U. 25 (2010) that the Board has the
jurisdiction, when making interim rates, to make interim orders with respect to the operation of
the RSP rules. At page 13 of P.U. 25 (2010), the Board stated that:

The interim orders clearly provide the Board with the full jurisdiction to, in the words of
the Supreme Court of Canada, "modify in its entirety the rate structure” for the Industrial
Customer group, which includes all aspects of the Industrial Customers' rate, including
the RSP rate. The Board does not accept the position of the Industrial Customers that
the Board has no power to change the rules and regulations affecting the RSP.

The Orders-in-Council do not prohibit or preclude the establishment of interim rates consistent
with fundamental principles of regulated rate design, including the mitigation of rate shock. It is
Government’s direction that: “... effective January 1, 2014, the Island industrial customers will
be subject to Rate Stabilization Plan rate changes in accordance with the Board of
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Commissioners of Public Utilities-approved methodology”. The Board-approved RSP
methodology, on a go-forward basis from September 1, 2013, is not frozen or dictated by the
Orders-in-Council nor by the Board's own orders made since September 1, 2013. The Board
has full, and untrammelled, jurisdiction to order interim rates which, “in accordance with the
Board of Commissioners of Public Utilities-approved methodology”, mitigate rate shock. The
Board approved methodology need not be considered final, and may be implemented on an
interim basis.

Costs award to the IIC Group

The IIC Group comprise the majority of Hydro’s island industrial customers, and are significant
consumers of power supplied by Hydro. Since September 1, 2013, the island industrial
customers have been subject to an escalating, unstable and unpredictable rate regime. This,
unfortunately, promises to remain the case into at least mid-to-late 2015, when the Amended
GRA is concluded. The IIC Group submit that these are circumstances in which it is reasonable
to award to the 1IC Group their legal and consultant’s costs of participating in this compressed
process, and respectfully request that the Board make an order awarding the IIC Group their
costs.

All of which is respectfully submitted on behalf of the Island Industrial Customers Group.
Yours truly,

Stewart McKelvey

G

aul'L. Coxworthy

PLC/kmcd

C. Geoffrey P. Young, Senior Legal Counsel, Newfoundland and Labrador Hydro
Thomas J. Johnson, Consumer Advocate
Gerard Hayes, Newfoundland Power
Thomas J. O'Reilly Q.C. Cox & Paimer
Nancy Kieer, Olthuis, Kleer, Townshend LLP
Edward M. Hearn Q.C., Miller & Heamn
Yvonne Jones, MP, Labrador
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Introduction

The Saskatchewan Rate Review Panel (the "Panel") was asked by the Government of
Saskatchewan to review Crown corporations ' requests for monopoly rate changes.

The Panel consists of Bob Lacoursiere (Chair), Jack Boan (Vice Chair), Tracey Bakkeli, Jo-Ann
Carignan-Vallee, Sheldon Craig and Joan Meyer. Each member of the Panel has been appointed
until July 25, 2002.

MANDATE

In its general mandate, the Panel is instructed to conduct reviews and provide opinions on the
fairness and reasonableness of proposed Crown corporation rate changes referred by the Minister
of Crown Investments Corporation, considering the interests of the customer, the corporation

and the public.

In conducting its reviews, the Panel is required to:

. receive a rate change submission from a Crown corporation;

o establish procedures for conducting the review and ensure that these procedures are made
available to the public;

o engage the services of a consultant(s) to assist the Panel in its review of the fairness and
reasonableness of the proposed rate change;

L make available to the public, prior to holding public meetings, the Crown corporation rate
change submission, with the exception of commercially sensitive information;

L hold public meetings and provide appropriate notification to the public of the date and

location of public meetings, including any rules for public participation and Crown
corporation participation;

. provide members of the public with the opportunity to review and comment on the
proposed rate changes to the extent reasonably allowed by the mandate of the Panel and
by the schedule according to which the Panel is required to complete its work and provide
its report to the Minister of Crown Investments Corporation;

. receive presentations of the consultant(s) or the Crown corporation, review any written
submissions and receive comments from the public;
. prepare a report on the Crown corporation rate change submission for the Minister of

Crown Investments Corporation after considering the material received from the Crown
corporation, the consultant(s), the public and its own analysis:

L where the Panel determines the rate changes as proposed are fair and reasonable,
recommend that the changes be implemented; or,

L where the Panel determines the rate changes are not fair and reasonable as
proposed, recommend that the rate changes be adjusted providing reasons for this
conclusion;
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o provide its report respecting the proposed rate changes to the Minister of Crown
Investments Corporation on a date set out in or within any time period after
having received the rate change submission that is contained in the specific terms
of reference for particular Crown corporation rate reviews; and,

o make its report available to the public.

TERMS OF REFERENCE

On October 11, 2001, the Panel was instructed to conduct a review of the SaskPower proposal
for changes in electrical rates effective December 1, 2001.

With respect to the proposal, the Panel was instructed to consider the fairness and
reasonableness of the proposed changes considering:

. SaskPower 's anticipated cost for fuel (natural gas and coal);

. SaskPower ' s anticipated hydro facilities availability;

° SaskPower's load forecasts;

o SaskPower 's planned maintenance program;

. SaskPower ' s operating, administrative and maintenance expenses;
. SaskPower ' s depreciation and finance expenses;

o SaskPower's Corporate Capital Tax; and,

. the revenue requirement resulting from the delivery cost of service.

In reviewing the proposal, the Panel was instructed to take as given:

the current rate structure (ie. components and classifications);

the budgeted capital allocation, the rate base, and established corporate policies;

the Return on Equity target of 10 percent;

the non-capital spending levels as defined above;

the existing service levels;

any existing supply contract;

the revenue to revenue requirement ratio target range of 0.95 and 1.05 to be achieved by
2004; and,

. the cost of service methodology, which allocates SaskPower ' s costs between the various
rate classes.

The Panel was instructed to include in its report an explanation of how, in its opinion,
implementation of the Panel’s rate recommendations will allow SaskPower to achieve the
performance inherent in the parameters outlined above, where the Panel’s recommendations are
different from SaskPower’s proposed rate changes.

The Panel was instructed to present its report to the Minister of Crown Investments
Corporation by December 7, 2001 (see Appendix A).
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Proposal by SaskPower - Electrical Rates

SaskPower proposed a set of rate changes to generate an overall 5.4 percent revenue increase (6.8
percent excluding long term contracts) effective December 1, 2001. This increase should generate
approximately $4.7 million and $56 million in incremental revenue in 2001 and 2002,
respectively.

The proposal includes rate changes for all customer classes. SaskPower also proposed the
continuation of its rate rebalancing and redesign initiative that started with the rate package
approved effective April 1, 2001.

The following table summarizes the major components of SaskPower’s rate application, on
average, for each customer class.

Customer Class Requested Current Proposed
Increase R/RR Ratio* R/RR Ratio

(Average % Increase) 2002 2002
Urban Residential 7.1 0.97 0.98
Rural Residential 10.0 0.90 0.94
Farm 8.0 0.96 0.98
Urban Small Commercial 5.0 1.02 1.01
Rural Small commercial 8.0 0.95 0.97
Urban General Service 5.0 1.03 1.03
Rural General Service 6.0 1.01 1.01
Small Manufacturing 12.0 0.82 0.86
Large Manufacturing 12.0 0.83 0.89
Power Rate 4.0 1.04 1.03
Power Rate Contract 0.9 1.01 0.98
Oilfield 4.0 1.13 1.11
Streetlight 4.0 1.12 1.11
Reseller 10.0 0.95 1.00
System Average 5.4 1.00 1.00
System Average without 6.8 - -
Contracts

* R/RR: Revenue to Revenue Requirement ratio

Note: The SaskPower proposal allows a maximum increase for any individual customer of 10
percent above the proposed class average increase. For example, an individual manufacturing
customer could have a rate increase of 22 percent (12.0 + 10.0 percent).
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REQUEST HIGHLIGHTS

The application consists of three major elements:
1. an increase in revenues to offset fuel and purchased power expenses;
2. arequirement to rebalance rates to improve equity between rate classes and revenues that
cover the cost of service; and
3. arate design adjustment to improve consistency and equity among the components.

A key aspect of rate design is that the cost components are allocated to each customer group in a
fair and reasonable manner. That is, each customer class should reflect the share of costs that
accurately reflect the cost of providing service to that customer class. Customer classes are based
on location (rural or urban), type of customer and consumption attributes. Customer classes are
also divided into subcategories, each with a designated rate code.

Rates are composed of three components:
* Basic Monthly Charge;
* Energy Charge; and
* Demand Charge.

The actual charges for specific customer classes will vary with their usage, demand fluctuations
and applicable rate codes. The application includes changes to all three components with the goal
of bringing into alignment the charges for each cost element for each rate component for each
customer class.

Basic Monthly Charge

This component covers certain fixed costs associated with the delivery of service to a customer

regardless of the amount of electricity used. These costs include meter reading, billing, customer
service, marketing and a component of low voltage lines and associated transformers. The Basic
Monthly charge represents the minimum charge for a customer hookup to the system.

Energy Charge

This element covers the costs associated with generating electricity and consists primarily of fuel
costs (ie coal, natural gas and water rental). The Energy Charge also includes the cost of
providing the energy load as well as any losses due to moving the energy from the generating
stations to the point of use.

Demand Charge

This relates to the costs associated with meeting peak load requirements for a given customer
class. It consists of much of the generation and all of the transmission infrastructure as well as
the operating and maintenance expenses. The Demand Charge also includes most of the
distribution infrastructure and associated operating and maintenance costs.
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For example, for residential customers, SaskPower proposed to increase the basic monthly charge
in cities, towns, villages and urban resorts by $0.61 per month from the current rate of $12.57 to
$13.18 per month. At the same time, SaskPower proposed to increase the basic rate for rural
residences, rural resorts and those receiving electricity generated from diesel generators by $3.05
per month from $15.41 to $18.46 per month.

For all residential customers, the energy consumption rate would be increased from 7.36
cents/kWh to 7.93 cents/kWh. Residential customers do not have a demand charge component to
their bills.

Rate Rebalancing

One fundamental concept of rate rebalancing is an attempt to charge customers more accurately
for the actual costs associated with providing that customer electricity. The industry measures
this by setting a ‘revenue to revenue requirement ratio’ (R/RR). Ideally this should have a value
of 1.00. This would mean that the revenue gained from the customer class covers all the costs of
service for that class.

Simply put, with a R/RR of 1.00, for every $1.00 of costs, the company would receive $1.00 in
revenue. Ifa customer is only paying 0.90 the full cost of supplying electrical service is not
being recovered. Conversely, if a customer has a R/RR of 1.10, the customer is paying more than
their fair share of costs and is subsidizing other customers.

Because it is difficult to maintain a R/RR exactly at 1.00, most jurisdictions use a R/RR range of
0.95 to 1.05. SaskPower proposes to reach this range over a four-year period, ie by 2004.

If the proposal is approved as presented, only rural residential and manufacturing classes will be
below the range and only oilfield and streetlight customer classes will be above the target range.

SaskPower states without rate rebalancing, cross subsidization will continue. This is sustainable
only if the customer base remains captive to the utility because of technology or legislation.
Given recent industry trends across North America, the concept of jurisdictional monopoly is
eroding. In order to retain customer classes, SaskPower must reduce cross-subsidization both
among classes and within rate classes.

ISSUES

SaskPower identified the following issues related to its proposal.

Municipalities

SaskPower levies and collects a surcharge on behalf of certain, primarily urban, municipalities.

This is a historical obligation and is collected by SaskPower subject to the request of the
municipality.
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The municipal surcharge is up to 10 percent for cities and up to 5 percent for towns and villages.
It is applied to all appropriate customer bills and all eligible municipalities collect the surcharge.

When cost of the increase (est. $1.3 million) is combined with changes to the municipal surcharge
and grants in lieu of taxes totaling $2.3 million, SaskPower indicates municipalities will realize a
net revenue increase of approximately $1.0 million.

Public Facilities

This sub-category is contained within both urban and rural small commercial customer classes.
Public facility rates apply to schools, hospitals, nursing homes, skating and curling rinks, and
recreational facilities. The average increase ranges from 5.0 percent to 9.9 percent depending on
location and facility size.

Resellers — Saskatoon and Swift Current

A reseller is a wholesale customer who receives power in bulk from SaskPower and then
distributes it via its own system to final consumers, either residential or commercial. Both
Saskatoon and Swift Current would be subject to a 10 percent increase.

Effective November 1, 2001, the Open Access Transmission Tariff (OATT) was introduced
allowing both cities to seek other suppliers if they choose. SaskPower wishes to remain the
supplier of choice by offering a reliable supply at a competitive price. Because the R/RR ratio
for this group has been significantly impacted by increased fuel costs, the proposed increase is
larger than the system average to realign the ratio at an acceptable level of 1.00.

Manufacturing

The manufacturing classes, regardless of location, are the most heavily subsidized within the
system, with R/RR ratios of 0.82 for small customers and 0.83 for large customers. As a
consequence SaskPower is proposing a rate increase of 12 percent. This is significantly more
than the system-wide average increase of 5.4 percent. However an increase of this magnitude is
required to reach the four-year rate-rebalancing goal.

Power Rates

This class contains two components: published and contract. The escalation clauses in existing
contracts have not kept up with the increases in fuel costs. As a consequence, the R/RR for this
customer group will fall from 1.01 to 0.98 after the rate increase. As contracts lapse, SaskPower
plans to move these customers to published rates until fuel costs stabilize.
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Implications of Deferral

SaskPower believes that deferring the rate increase will promote a decline in the company’s
financial health. Failure to fund adequately and maintain the established electrical system will
place the costs of system failure and repair onto future users.

Insufficient revenues to fund required capital improvements, operating expenses and maintenance
can be managed by either postponing investment and accepting the inevitable decline in

capabilities or by borrowing with increased debt and interest costs with commensurate pressure
to increase rates.

Each month the rate increase is deferred represents a loss of approximately $4.7 million in
revenue to the corporation.

IMPACT ON CUSTOMERS

The table on the following page illustrates the average effect on customers in each classification
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Customer Class Impact

Current | SaskPowe
Average r
Class of Service Monthly | Proposed | Average | Average | Minimu | Maximum
Rate Average Increase | Increase* m Increase**
)] Monthly | ($/month * Increase *
Rate ) % % %
(&)
Urban Residential 58 62 4 7.1 4.9 7.7
Rural Residential 88 97 9 10.0 8.0 19.8
Total Residential 62 67 5 7.5 - -
Farms 134 145 11 8.0 0.0 18.0
Small Commercial — Urban 194 204 10 5.0 -15.5 13.1
Small Commercial - Rural 183 198 15 8.0 8.0 15.3
Total Small 192 203 11 5.5 - -
Commercial
General Service — Urban 1,307 1,372 65 5.0 5.0 6.1
General Service — Rural 860 912 52 6.0 6.0 7.0
Total General Service 1,161 1,222 61 5.2 - -
Small Manufacturing 1,883 2,109 226 12.0 -7.1 21.9
Large manufacturing 95,060 106,467 11,407 12.0 4.5 19.2
Power (Published) 164,647 171,233 6,586 4.0 - -
Power (Contract™*) 351,975 355,086 3,111 0.9 - -
Oilfields 954 992 38 4.0 -1.7 13.9
Streetlights 397 413 16 4.0 - -
Reseller 2,330,746 2,563,821 233,075 10.0 - -
Total (System) - - - 5.4 - -
Total System - - - 6.8 - -
(excluding Contracts)

* Contract sales are excluded from this review and rates are established through negotiation.

** Differences due to rounding.

***The SaskPower proposal allows a maximum increase for any individual customer of 10 percent above the proposed
class average increase. For example, an individual manufacturing customer could have a rate increase of 22 percent
(12.0 + 10.0 percent).

EFFECTIVE DATE

SaskPower proposes these increases come into effect December 1, 2001
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The Review Process

PUBLIC CONSULTATIONS

In reviewing the SaskPower proposal, the Panel received comments and suggestions from
individuals and groups throughout Saskatchewan through a public consultation process that
included:

* eight public meetings;

* use of a toll-free telephone message line;

* receipt of submissions by mail;

* receipt of messages by facsimile; and,

* receipt of electronic message correspondence.

These methods of public discussion were advertised in daily newspapers and in weekly
newspapers. In addition, radio clips were played on local radio stations.

Panel members were also involved in numerous media interviews and public appearances.

Copies of the SaskPower rate proposal were available to the public at SaskPower offices, at the
public meetings and on the Internet.

Public meetings were held on:

*  QOctober 29 in Swift Current;

* October 30 in Moose Jaw;

* October 31 in Regina;

* November 1 in Yorkton;

¢ November 5 in North Battleford;
* November 6 in Prince Albert

* November 7 in Melfort; and

* November 15 in Saskatoon.

The public meetings included:

. an introduction by the Panel Chair with an explanation of the proceedings and the Panel=s
mandate for the review;

. an overview by SaskPower of its request;

o an opportunity for submissions by individuals or organizations that had indicated an
interest in addressing the Panel; and,

. an opportunity for questions or comments from the floor.
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SUBMISSIONS
The Panel received formal submissions from the following organizations:

« City of Swift Current,

* City of Regina,

* (Canadian Association of Petroleum Producers,

* Small Explorers and Producers Association of Canada (SEPAC),
* (Cameco Corporation and COGEMA Resources Inc.,

e Saskatchewan Wheat Pool,

* Mr. Brian Clavier,

e Saskatchewan Chamber of Commerce,

e Saskatoon and District Chamber of Commerce, and

¢ Saskatchewan Recreation Facilities Association.

The Panel also received a number of submissions and comments from individuals and
organizations at public meetings, via telephone, fax and emails.

PRESENTATIONS

The Panel received presentations from officials of SaskPower and from the Panel’s consultant to:

o develop an understanding of the proposed rate changes;
. understand the analyses prepared for the Panel; and,

L develop its recommendations.

CONSULTANT

In conducting its review, the Panel engaged the services of a consultant to examine and advise on
the reasonableness and fairness of the SaskPower proposal.

Dillon Consulting Limited was contracted to provide consulting services to the Panel. Staff
assigned to the review have extensive experience in utilities regulation and have served as
consultants to a variety of regulatory and industry bodies in Canada and internationally.

The Panel met with the consultant and subsequently sought additional information from
SaskPower on the rate proposal.

The consultant prepared a report and assessment of the SaskPower proposal (attached as
Appendix B).
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CONSULTANT’S REPORT - HIGHLIGHTS
The Panel reviewed the consultant’s findings in detail and particularly noted the following:

* Overall Requirement — If SaskPower’s assumptions are accepted as presented, the request
for incremental revenue of $56 million for 2002 is reasonable. However, a number of
assumptions are subject to challenge as noted below. The consultant further noted that these
results are not strictly additive.

* Load Growth Forecast - SaskPower’s load growth forecast of 3.1 percent appears to be
optimistic. Given economic trends particularly subsequent to September 11, 2001, the
consultant suggested a more realistic rate would be in the range of 1.0 to 1.5 percent, for a
potential $8 to10 million reduction in revenue requirements.

« Natural Gas Pricing - Recent declines in natural gas prices suggest that SaskPower’s actual
2002 gas costs may be as much as 1 cent per KiloWatt hour (KWhr) lower, for a revenue
requirement reduction of up to $15 million.

* Hydro Power Availability — A positive change in stream flow forecasts and water supply
outlook could reduce the revenue requirement by up to $14 million. Conversely, a drier than
predicted year will increase the need for gas-fueled generation and create incremental costs of
up to $14 to 19 million.

« Import Power — The consultant suggests, based on the current economic situation, a more
positive view of potential import power costs should be considered. For example, off-peak
Manitoba Hydro prices are currently running in the 2.5 - 3 cents/KWhr range, compared to
the SaskPower forecasted rate of 6 cents/KWhr. In addition, the consultant indicated the
potential to buy lower-cost import power in place of increased usage of gas-fired generation.
These factors could result in savings of about $18 million.

* Operations, Maintenance and Administration (OM&A) — The consultant notes
SaskPower is capable of achieving greater productivity based on past performance than it is
currently registering. On a unit cost basis, OM&A has increased by approximately 20
percent over the past six years. On this basis the consultant suggests savings of up to $5
million may be achievable in this area if a productivity gain of 2 percent is realized. The
consultant also notes it is unlikely that short-term gains are possible.

» Cost of Service Study — SaskPower should carry out a detailed Cost of Service study to
examine the specific way in which SaskPower’s cost allocation methodology is applied, the
parameters and controls that are used and the acceptable degree of rate rebalancing measures
that should be implemented. This study should be undertaken in the next six months to
permit a Panel review well in advance of the next rate increase application.
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* Depreciation Study — SaskPower is expected to complete a Depreciation Study in the near
future. This should be forwarded to the Panel for its review in advance of the next rate
increase application.

« Cost Allocation Methodology and Application — Cost allocation methodology can be
complex. The cost allocation methodology and its application as well as any changes should
be provided to the panel for information prior to SaskPower’s next rate application.
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Panel Conclusions and Recommendations

OVERALL INCREASE

SaskPower proposed an average increase equivalent to 5.4 percent of its revenue from sales of
electricity in Saskatchewan with average increases ranging from 0.9 percent to 12.0 percent,
depending on the customer class. The overall average increase equates to 6.8 percent of revenue
excluding customers who are under long-term contract.

The Panel notes SaskPower is facing increasing costs of electrical generation. This is primarily
due to low water levels creating a shortage of hydro generated electricity which is normally
replaced by more expensive natural gas-fired generation.

Based on SaskPower’s assumptions for a number of factors, their stated revenue requirement of
$56 million appeared to be reasonable. However, the Panel notes and accepts the consultant’s
analysis that a number of these assumptions are subject to challenge and debate. Amendments to
these assumptions should provide SaskPower reasonable opportunity to achieve its stated
Return on Equity Target of 10 percent.

Load Growth Forecast — The Panel considered a range of options regarding the Load Growth
Forecast. While the general economic trend across Canada has not been positive, the Panel notes
Saskatchewan has often responded more moderately to both economic upturns and downturns
than the rest of the country. The Panel also recognizes the Load Growth Forecast is not fully
linked to the economic status of the province. The Panel believes a reduced Load Growth
Forecast is appropriate.

Natural Gas Pricing — The Panel noted natural gas prices remain volatile. A significant portion
of SaskPower’s natural gas prices remains unhedged (approximately 45 percent). If the
consultant’s outlook for lower gas prices materializes, there is potential for savings to be realized.

Hydro Power Availability — The Panel reviewed the November 1 Outlook provided by
SaskWater and noted the return to near normal hydro generation is unlikely. An allowance is
necessary to cover the cost of replacement generation.

Import Power — The panel believes current economic conditions warrant the consideration of
using cheaper imported power to replace gas-fired generation. It may be possible to achieve
savings through such a strategic move.

Operations, Maintenance and Administration (OM&A) — The Panel agrees with the
consultant’s assessment that productivity improvements are possible within SaskPower’s
operations. The Panel recognizes an improvement in productivity is most likely to happen if it
is determined to be a primary objective.
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Depreciation Study — The Panel agrees with the consultant that SaskPower’s Depreciation
Study should be forwarded to the Panel for its review well in advance of the next rate increase
application.

Cost Allocation Methodology and Application — Further to the previous Panel report and
consultant’s review, the cost allocation methodology and its application as well as any changes
should be provided to the panel for information in advance of SaskPower’s next rate increase
application.

The Panel recommends a set of rate changes that will generate a 4.54 percent revenue increase
(5.73 percent excluding contracts) sufficient to generate $47 M increased revenue for 2002.

RATE REBALANCING

The Revenue-to-Revenue-Requirement Ratio (R/RR) is commonly used in the industry as an
indicator of the ratio of the revenue generated from a customer or a class of customers to the

revenue required from that customer or class of customers to cover the costs associated with
providing services to that customer class.

The revenue requirement includes provision for:

e fuel and purchased power costs;

* operating, maintenance and administration costs;
* depreciation, depletion and amortization costs;

* royalties, water rentals and taxes;

* finance charges; and,

* atarget return on investment.

In the case of SaskPower, the costs of generating electricity for export sales is also included in
calculating the revenue requirement for sales within Saskatchewan.

SaskPower identified a number of customer classes for which the Revenue-to-Revenue-
Requirement Ratio was less than 0.95, (ie. Small and Large Manufacturing) as well as customer
classes where the R/RR was greater than 1.05 in 2001, particularly Oilfields and Streetlights.

The Panel recognizes that SaskPower must take steps to correct the inequities inherent in the
current rate structure and that rate rebalancing is an essential step. The Panel further recognizes
that the industry standard for the R/RR is a range rather than a fixed ratio.
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Rate and R/RR structures are complex formulae dependent upon a range of factors. There are
significant variations of revenue/cost relationships not only between rate classes but also within
the classes themselves. The Panel notes time constraints did not allow for an opportunity to
review specific goals, allocation methodology and the impact of a four-year rate rebalancing plan.
A full review at this time would determine if Rate Rebalancing allocations are on target, or if
further shifts of costs are required to reach parity within customer classes. The Panel believes a
detailed Cost of Service Study would be beneficial to all parties.

The Panel recommends a detailed Cost of Service Study be completed prior to the next rate
application by SaskPower.

LIMITS TO RATE INCREASES FOR CUSTOMER CLASSES

Given the Panel’s recommended adjustments to the assumptions leading to the revenue
requirement calculation, the Panel felt a cap on maximum increases was warranted. The Panel
noted SaskPower’s application contained a cap of 10 percent over the class average increase. For
example if the class average increase was 12 percent, no individual customer would be subject to
an increase exceeding 22 percent.

In the Panel’s view this cap, while relevant particularly in the context of rate rebalancing, should
be more modest. A 22 percent rate increase for electrical service could be considered to create
rate shock and have an extremely negative impact on retaining or advancing any economic growth
for the province.

The Panel recommends the maximum increase for an individual customer be capped at 13
percent including Basic Monthly Charge + Energy Charge + Demand Charge.

The table on the following page summarizes the Panel’s recommended average rate increase and
cap by Customer class compared to SaskPower’s application.
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Panel Recommended Average Increases

SaskPower Requested
Compared to

SaskPower Panel Estimated Panel
Requested | Recommended | Average | Recommended
Increase Increase $ Increase Maximum
Customer Class (Average %) (Average %) /Month Increase
(Including (% Cap)
Cap
Effect)
Urban Residential 7.1 7.1 4 13.0
Rural Residential 10.0 10.0 8 13.0
Farm 8.0 7.1 9 13.0
Urban Small Commercial 5.0 5.0 10 13.0
Rural Small Commercial 8.0 8.0 13 13.0
Urban General Service 5.0 5.0 64 13.0
Rural General Service 6.0 6.0 48 13.0
Small Manufacturing 12.0 10.0 164 13.0
Large Manufacturing 12.0 10.0 6,911 13.0
Power Rate 4.0 3.0 4,940 13.0
Power Rate - Contract 0.9 0.9 3,111 -
Qilfield 4.0 2.0 19 13.0
Streetlight 4.0 2.0 8 13.0
Reseller 10.0 7.1 165,483 -
System Average 5.4 4.5 - -
System Average without 6.8 5.7 - -
Contracts
EFFECTIVE DATE

SaskPower proposed to implement the new rate structure December 1, 2001. To meet this
implementation date now would require a retroactive application of the new rates to electricity

and services provided in the past.

The Panel is of the view that charges should not be increased on past services. The Panel
recognizes this will impact on SaskPower’s ability to attain its targeted ROE for 2001.

The Panel recommends the increases in SaskPower electrical rates be effective January 1, 2002.
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OTHER ISSUES AND CONCERNS
1. SaskPower International

The Panel notes that SaskPower International’s (SPI) performance over the short term (five
years) potentially impacts the customer rate base, creating pressure for SaskPower to require
further rate adjustments. The Panel acknowledges Corporate Structure as a ‘given’. However,
SPI’s activities are having an impact on the targeted Return on Equity and therefore have an
impact on both the customer and the public.

The Panel notes the consultant’s recommendation that SaskPower should seriously examine its
future business relationship with SPI with a view to moving SPI’s financial consequences from
the responsibility of the SaskPower rate payer.

2. Public Facilities

The Panel received representations, letters and phone calls from a wide range of individuals
representing public facility operators across the province. Concerns focused primarily on the
impact the rate increases have on their operation and the limited funding many of these
organizations have available to them to pay for the increased costs.

The Panel recognizes the pressure these proposed increases will create. However, the Panel
notes these issues are outside its mandate and respectfully suggests these concerns would be
more appropriately addressed through other mechanisms that can address public policy.

3. Energy Conservation/Consumption

As part of its rate restructuring program, SaskPower appears to be putting more emphasis on
increasing those rate components that are ‘fixed’, eg. Basic Monthly Charge.

The Panel notes with concern that this approach significantly reduces any financial incentive for
the customer to conserve energy and/or reduce consumption and suggests that SaskPower revisit
this approach and/or provide a more complete explanation of long term plans in this regard. The

results of the cost of Service Study may facilitate this review.
4. Rate Rebalancing Schedule

The Panel notes the SaskPower request for rate rebalancing was the second year of a four-year
plan. Depending on factors such as the outcome of the Cost of Service Study (see
recommendation on page 15), this four-year plan may warrant review and adjustment to a
different timeframe.
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5. Other Studies/Information

The Panel recommends SaskPower provide the Panel with its Depreciation Study and
Cost Allocation Methodology and any associated changes prior to its next rate
application.

6. Review Timetable

The Panel wishes to express significant concern regarding the very tight timetable (53 days)
available to them for the SaskPower review. SaskPower is a complex operation with many rate
components and customer classes requiring thorough review and analysis.

The Panel was further pressed by a concurrent SaskEnergy review.

In future, the Panel strongly recommends it have a minimum of 90 days for any
SaskPower review.
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Summary of Recommendations

In summary, the Panel recommends:

» aset of rate changes that will generate a 4.54 % revenue increase (5.73 percent excluding
contracts) sufficient to generate $47 M increased revenue for 2002;

» adetailed Cost of Service Study be completed prior to the next rate application by
SaskPower;

 individual customer increases be capped at 13 percent including Basic Monthly Charge +
Energy Charge + Demand Charge;

 electrical rate increases be effective on services beginning January 1, 2002;

« SaskPower provide the Panel with its Depreciation Study and Cost Allocation
Methodology prior to its next rate application; and

 in future the Panel be given a minimum of 90 days for any SaskPower Review.

IMPACT ON CUSTOMERS

The Panel recognizes many aspects of the Saskatchewan economy are particularly challenged at
this time, ie. agriculture, manufacturing, forestry, mining and oilfields. Utility rate increase must
be held to a minimum while establishing strategies to improve economic recovery.

Rate Rebalancing is critical so that customers who may be able to opt for alternative electrical
suppliers because of the onset of the Open Access Trade Tariff (OATT) choose to remain with
SaskPower. A large-scale departure of these customers would be detrimental to both the
remaining customer classes and to SaskPower. Practically, seeking another supplier is not an
option for the Resellers or large Power Class customers. This may change as new patterns for
wheeling power are established.

The recommended rate changes reflect a closer balance between customer and movement towards
SaskPower’s goals of rate rebalancing.
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IMPACT ON SASKPOWER

The North American economic climate has changed significantly in the four months since the
preparation of the SaskPower Rate Proposal. Most of the changes have been of such a nature as
to enable SaskPower to potentially reduce their revenue requirements.

The Panel is of the view SaskPower is capable of making these revisions to achieve the
recommended reduced revenue levels and still have a reasonable opportunity to earn its target
Return on Equity of 10 percent.

IMPACT ON THE PUBLIC

The rate changes will have an effect on several aspects of the public. Municipalities will have the
advantage of increased surcharge revenues as a result of the new rates.

The public will benefit from rates that avoid rate shock and offer moderate increases that can be
handled through steady growth and economic development. Increased, sustainable development
will in turn have an even greater positive impact on the economy and the General Revenue Fund.

As SaskPower’s principle shareholder, the restoration of the Return on Equity to a target near 10
percent benefits the public by earning a reasonable return on their investment.

It is the Panel’s view, therefore, the rate changes recommended by the Panel are fair and
reasonable, considering the interests of the customer, Crown corporation and the public
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Minister's Order
Saskatchewan Rate Review Panel SaskPower Rate Change

WHEREAS by an Order dated July 27, 2000, issued pursuant to Section 16 of The Government
Organization Act, the Minister of Crown Investments Corporation appointed a Ministerial
Advisory Committee known as the Saskatchewan Rate Review Panel;

AND WHEREAS that Order provides for specific terms of reference for particular Crown
Corporation rate change reviews to be attached by further minister's order;

AND WHEREAS it is desirable to establish terms of reference for a SaskPower rate change
review and to attach the Terms of Reference to the previously mentioned Minister's Order;

NOW THEREFORE, I hereby amend the said Order by attaching Appendix A affixed hereunto
as ""Schedule F: SaskPower Rate Change Proposal Terms of Reference" to the said
Minister's Order.

Dated at Regina, Saskatchewan this 11th day of October, 2001.
Maynard Sonntag
Minister of Crown Investments Corporation

APPENDIX A

Schedule F:

SaskPower Rate Change Terms of Reference
Terms of Reference

The Saskatchewan Rate Review Panel is requested to conduct a review of SaskPower's request
for an increase in its rates effective December 1, 2001.

The Panel shall provide an opinion of the fairness and reasonableness of SaskPower's proposed
rate changes, considering the interests of the customer, the Crown Corporation and the public.

In conducting its review, the Panel will consider the following factors:
A) The reasonableness of the proposed changes to the rates in the context of SaskPower's
forecasted delivery cost of service, comprised of:

(1) SaskPower's anticipated costs for fuel (natural gas and coal);

(i1) SaskPower's anticipated hydro facilities availability;

(ii1) SaskPower's load forecasts;

(iv) SaskPower's planned maintenance program;

(v) SaskPower's operating, administrative and maintenance expenses;
(vi) SaskPower's depreciation and finance expenses; and,

(vii) SaskPower's Corporate Capital Tax.

B) The revenue requirement resulting from the delivery cost of service.
C) The Panel shall consider the following parameters as given:



(1) the current rate structure (i.e. components and classifications);

(i1) the budgeted capital allocation, the rate base, and established corporate policies;

(iii) the Return on Equity target of 10%;

(iv) the non-capital spending levels as defined in (A) above;

(v) the existing service levels;

(vi) any existing supply contract;

(vii) the revenue to revenue requirement ratio target range of 0.95 to 1.05 to be achieved
by 2004; and,

(viii) the cost of service methodology which allocates SaskPower's costs between the
various rate classes.

The Panel must include in its report an explanation of how, in its opinion, implementation of the
Panel's rate recommendations will allow SaskPower to achieve the performance inherent in the
parameters outlined in (C), where the Panel's recommendations are different from SaskPower's
proposed rate changes.

The Panel will not publicly release or require SaskPower to publicly release commercially
sensitive material including, but not limited to, its fuel purchasing strategies (including hedging
activities) and contracts with specific customers.

The Panel will release, as part of its final report, the results of the review of SaskPower's rate
request as conducted by an independent third party.

Conduct of Review
The Panel will present its report to the Minister of Crown Investments Corporation no later than
December 7, 2001.
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In reply, please refer to:
Our File: 01-9706-0101

November 30, 2001

Saskatchewan Rate Review Panel
310 — 20" Street East, Suite 400
Saskatoon, Saskatchewan S7K 0A7

Attention: Mr. Bob Locoursiere
Chair — Sask Rate Review Panel

Independent Review of the SaskPower Rate Proposal of October 2001
Dear Mr. Locoursiere:
We are pleased to submit our independent review of SaskPower’s Rate Proposal of October 2001.

The Rate Review Panel in their deliberations should note that in the SaskPower Proposal its
forecasted revenue and expenditure assumptions are predicted on past trends and economic forecasts.
Between the time the proposal was prepared and filed, a number of world economic circumstances
have dramatically changed.

Based on these most recent trends and economic forecasts, the results of this review suggest the
following:

1. Given the recent economic indicators, SaskPower’s target of 3.1% growth in 2002 will not
materialize.

2. @Gas costs have significantly declined in the fall and are forecasted to remain lower than that
presented in the application.

3. Imported power may be a cost-effective alternative to gas-fired generation, particularly if
imported power is purchased during off-peak times.

While one cannot forecast the financial results with definitive certainty, it is fair to suggest that there
are a number of options available to SaskPower’s management team to generate the financial results
required to meet their rate of return target of 10% and yet pass on a reduced rate increase for their
consumers in this application. Based on our review, a $20 M reduction from the requested $56 M
should be readily achievable.

Given SaskPower’s plans to ask for a further increase of 1.98% next year, should the Review Panel
recommend a lesser increase than that requested by SaskPower, and the suggested results do not
materialize, future rate adjustments can then be taken to mitigate the negative or positive
consequences.

Should you have any questions, please call.

Yours truly,

Dillon Consulting Limited

L. A. Buhr, M.Sc. Kurt B. Simonsen, M.N.R.M.
Senior Consultant Dillon Consulting Limited
Project Manager

LAB/KBS:kse

Attachments
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Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001 — Executive Summary

EXECUTIVE SUMMARY

On October 11, 2001, the Saskatchewan Rate Review Panel (“the Panel”) received Terms of
Reference from the Minister responsible for Saskatchewan’s Crown Investment Corporation, to
conduct a review of SaskPower’s request for an increase in rates effective December 1, 2001.

The Terms of Reference supplied by the Minister require the Panel to review the Proposal in light
of a number of factors and parameters. These are summarized below:

* The Panel shall provide an opinion of the fairness and reasonableness of SaskPower’s
proposed rate changes, considering the interests of the customer, the Crown Corporation, and
the public.

* In conducting its review, the Panel will consider the following factors:

- The reasonableness of the proposed changes to the rates in the context of SaskPower’s
forecasted delivery cost of service, comprised of:

- SaskPower’s anticipated costs for fuel (natural gas and coal).

- SaskPower’s anticipated hydro facilities availability.

- SaskPower’s load forecasts.

- SaskPower’s planned maintenance program.

- SaskPower’s operating, administrative, and maintenance expenses.
- SaskPower’s depreciation and finance expenses.

- SaskPower’s Corporate Capital Tax.

- The revenue requirement resulting from the delivery cost of service.
As part of the Panel’s mandate, the Panel was required to engage the services of a consultant to
assist the Panel in its review of the SaskPower Rate Proposal. Dillon Consulting Limited (Dillon)
was retained by the Panel in October of 2001.
SaskPower is seeking a set of rate changes that will result in a 5.4% system average increase (6.8%
increase, excluding contracts) effective December 1, 2001. The proposed rate increase will result
in an additional $56 M in annual revenues.

SaskPower’s Rate Proposal is designed to accomplish three objectives:

* Increase revenues to offset increases in fuel and purchased power expenses. These costs are
expected to increase $57 M between 2001 and 2002.

» Rebalance rates to ensure that there is more equity between various rate classes and less cross-
subsidization.

» Improve the rate design itself for each rate class to improve consistency and equity.
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Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001 — Executive Summary

SaskPower has provided substantial documentation to support this revenue requirement. Specific
elements that have been suggested as primary contributors to the requested amount are:

* Load growth of 3.1% in 2002, which when supplied by high price natural gas, could result
in an increased cost/shortfall of $13 M.

* Lower hydro production than normal (median), which when offset by higher priced natural
gas generation, could increase costs by $14 M.

* Higher coal costs due to royalty increases and price escalations could increase costs by
$23 M.

* Higher natural gas costs in 2000 and 2001 probably cost SaskPower $12 M and $50 M,
respectively. Current gas prices are to a large degree set for 2002, but with slumping
prices in late 2001, it is difficult to translate this into an increased cost for 2002.

* Export electricity sales are expected to decline in quantity and unit price for 2002, with a
potential 10% reduction in revenue of $10 M.

* Import electricity prices will rise for 2002 and use of import power will be reduced. The
cost of natural gas-fired generation to compensate could be in the order of $18 M.

e Operating, maintenance, and administration costs are expected to rise by $13 M in 2002,
but spread over a large energy load will mean the unit cost remains unchanged.

* Depreciation charges in 2002 will be up by $9 M.

* Financing charges in 2001 will remain constant for 2002.

* Losses/debt charges flowing from SaskPower International would add $1 M to $2 M to
2002 costs.

Assuming all of the above assumptions are valid, these items, as defined by Dillon, would
theoretically add significantly to SaskPower’s revenue requirements. However, they are not
directly additive and could realistically equate to $40 to $60 M. As such, they appear to support
the $56 M additional revenue requirement identified by SaskPower.

However, it is reasonable to re-examine some of the foregoing assumptions. Based on our review
and consideration of recent economic circumstances, we are recommending the following
alternative short-term scenarios be considered:

* Load Growth — Recent events and economic forecasts would suggest that SaskPower’s
3.1% energy load growth in 2002 is too optimistic. An assumed growth rate of 1.0 to
1.5% would reduce the projected revenue requirement by $6 to $10 M.

* Hydro Power Availability — A more favourable outlook of normal flow conditions would
reduce the revenue requirement by approximately $14 M. Conversely, a less favourable
outlook could increase the requirement for gas-fired generation and associated cost
increases of approximately $14 M.

* Higher Coal Costs — Because there are consequences of higher taxes and already negotiated
price escalations, no change in additional revenue requirement is likely.

*  Higher Natural Gas Costs — Recent declines in the price of natural gas would suggest that
SaskPower’s actual costs in 2002 could be as much as ¢1/KWhr lower than indicated in the
Rate Proposal. This could equate to a reduction in revenue requirements of approximately
$15 M, assuming the indicated gas generated energy is actually used.
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*  Export Electricity Sales — A more optimistic viewpoint would suggest that export prices
will remain constant with continuing good sales assuming that Alberta’s energy needs and
current high prices will only drop gradually from their current high levels. This would
suggest that an anticipated revenue gain of $15 M for 2002.

*  Higher Import Prices/Lower Power Availability — The current economic situation suggests
that a more optimistic view of potential import power may be warranted. SaskPower’s
interconnections to the US Basin and Manitoba do have significant capabilities for import
of power at levels three times SaskPower’s 2002 forecast. Prices in Manitoba for off-
peak power have been running in the ¢2.5-¢3.0/KWhr range. This is significantly lower
than the average import price paid by SaskPower in 2001 of ¢3.95/KWhr and
considerably lower than the ¢6/KWhr forecast by SaskPower. This 2001 scenario suggests
that SaskPower could reduce costs by at least $18 M in 2002 by increased focus on import
power relative to natural gas generation.

* Increased Operation/Maintenance/Administration Costs - Past performance by SaskPower
suggests that higher productivity is achievable. For 2002, with the recent introduction of
Queen Elizabeth Gas Turbines, Meridian Co-generation, and Cory Co-generation, it is
likely that short-term gains are possible.

* Increased Financing Costs — SaskPower’s forecast of little or no increase in financing
costs for the Year 2002 is probably appropriate. However, the longer-term implications
of investments in SPI or other generation facilities may see a significant increase in
financing costs two to four years from now.

* Depreciation — Forecasts provided by SaskPower suggest that the depreciation expense will
rise by $9.0 M in 2002, presumably reflecting the addition of the Cory facility. If the
overall capital program, including SPI ventures taking place, the future depreciation
charges will rise significantly.

* SPI Ventures — SaskPower forecasts suggest that capital investments inside Saskatchewan
and elsewhere may add $483 M to the long-term debt by 2006. The result would be
interest charges of $30 M/year at that time. This level of financing cost increase will be
difficult to absorb if SaskPower’s financial situation is below target in 2002.

This review examined a number of operational scenarios which demonstrated potential savings.
These scenarios assumed a 1.5% economic growth rate, a shortfall in SaskPower’s hydraulic power
production of 390 GWhr due to lower water levels, and various increases in the amount of
imported energy. Based on this analysis, savings of $27 M to $32 M could be achieved. Our
recommendation would be to consider reducing the requested increase by a similar or lesser
amount. A $20 M reduction from the requested $56 M should be readily achievable.

SaskPower should carry out a detailed Cost-of-Service study, which examines the specific way in
which SaskPower’s cost allocation methodology is applied, the parameters and controls that are
used, and the acceptable degree of rate rebalancing measures that should be implemented. This
should be undertaken within the next six months in order to permit a Rate Panel Review well in
advance of the next rate increase proposal.
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SaskPower’s soon to be completed Depreciation Study should be forwarded to the Rate Review
Panel for its review as soon as possible and certainly no later than mid-summer 2002.

SaskPower should seriously examine its future business relationship with SaskPower International
with a view to moving SaskPower International’s financial consequences from the responsibility
of the SaskPower rate payer. It would also reflect on the perceived issue of conflicting business
interests of the two organizations in selecting future power supply strategies.
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Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001

1. INTRODUCTION AND TERMS OF REFERENCE

On October 11, 2001, the Saskatchewan Rate Review Panel (“the Panel”) received Terms of
Reference from the Minister responsible for Saskatchewan’s Crown Investment Corporation, to
conduct a review of SaskPower’s request for an increase in rates effective December 1, 2001,

The Terms of Reference supplied by the Minister require the Panel to review the Proposal in light
of a number of factors and parameters. These are summarized below:

* The Panel shall provide an opinion of the fairness and reasonableness of SaskPower’s
proposed rate changes, considering the interests of the customer, the Crown Corporation, and
the public.

* In conducting its review, the Panel will consider the following factors:

- The reasonableness of the proposed changes to the rates in the context of SaskPower’s
forecasted delivery cost of service, comprised of:

- SaskPower’s anticipated costs for fuel (natural gas and coal).

- SaskPower’s anticipated hydro facilities availability.

- SaskPower’s load forecasts.

- SaskPower’s planned maintenance program.

- SaskPower’s operating, administrative, and maintenance expenses.
- SaskPower’s depreciation and finance expenses.

- SaskPower’s Corporate Capital Tax.

- The revenue requirement resulting from the delivery cost of service.
* The Panel shall consider the following parameters as given:

- The current rate structure (i.e., components and classifications).

- The budgeted capital allocation, the rate base, and established corporate policies.

- The return on equity target of 10%.

- The non-capital spending levels as defined in the above.

- The existing service levels.

- Any existing supply contract.

- The revenue to revenue requirement ratio target range of 0.95 and 1.05 to be achieved by
2004.

- The cost of service methodology which allocates SaskPower’s costs between the various
rate classes.

Dillon Consulting Limited Page |



Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001

As part of the Panel’s mandate, the Panel was required to engage the services of a consultant to
assist the Panel in its review of the SaskPower Rate Proposal. Dillon Consulting Limited (Dillon)
was retained by the Panel in October of 2001.

The objective of this report is to review the SaskPower Rate Proposal considering the interests of
the customer, the Crown Corporation (SaskPower) and the public, and ascertain the overall
fairness and reasonableness of the proposed rate change. To accomplish this objective, Dillon
met with officials from SaskPower and the Panel to discuss details of the Rate Proposal and
subsequently requested and reviewed supporting documentation.

This report examines the SaskPower Rate Proposal from a number of functional perspectives as
outlined below:

* System Operational Analysis

* System Operational Costs

* Load Forecasts

* Capital and Maintenance Programs (including subsidiary companies)
* Annual Revenue Requirements

* Revenue-Revenue Requirements

» Rate Structures/Rate Increases

The methodology used to complete this review involved the following:

+ Attendance at a formal presentation by SaskPower of the Proposal to the Panel on October
19, 2001.

* A comprehensive review of the Proposal by the study team.

* The derivation of questions for SaskPower as a result of the study team’s review of
documentation.

*  Meetings with SaskPower officials on October 29, 30, and 31 to discuss questions posed by the
study team and review additional documentation.

* Follow-up conference calls and correspondence with SaskPower officials on additional
questions.

* Submission of a draft report to the Panel on November 23, 2001, followed by a meeting with
the Panel on November 26 and 27, 2001 to discuss the draft report.

* Submission of the final report on November 30, 2001.
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Through the course of this review, numerous documents were provided by SaskPower to the study
team in support of the Rate Proposal and in response to questions from the study team. A list of
documents reviewed for this report is provided in Appendix A.

Dillon would like to acknowledge SaskPower’s cooperation in their response to questions and
provision of supporting documentation for this review.

The scope of this review was largely to determine the overall fairness and reasonableness of
SaskPower’s proposed rate change. It was not within the scope of this review to conduct a
comprehensive study of SaskPower’s operations for the purpose of making specific
recommendations. Rather, SaskPower’s operations and costs were reviewed to ascertain the
fairness and reasonableness of SaskPower’s proposed rate change.
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2. THE SASKPOWER RATE PROPOSAL

SaskPower is seeking a set of rate changes that will result in a 5.4% system average increase (6.8%
increase, excluding contracts) effective December 1, 2001. The proposed rate increase will result
in an additional $56 M in annual revenues. The proposed increases by rate class are outlined in
Table 2.1 below.

Table 2.1: Proposed Rate Class Increases

Customer Class Revenue Increase*
Urban Residential Customers 7.1%
Rural Residential Customers 10.0
Farm Customers 8.0
Urban Small Commercial Customers 5.0
Rural Small Commercial Customers 8.0
Urban General Services Customers 5.0
Rural General Service Customers 6.0
Small Manufacturing Customers 12.0
Large Manufacturing Customers 12.0
Power Rate Customers 4.0
Power Rate Contract Customers 0.9
Oilfield Customers 4.0
Streetlight Customers 4.0
Reseller Customers 10.0

Notes to the above table:

1. Revenue increases are weighted averages.
2. The average rate increase is 5.4%, including power rate contract customers and 6.8%, excluding the power rate
contract customers.

SaskPower’s Rate Proposal is designed to accomplish three objectives:

* Increase revenues to offset increases in fuel and purchased power expenses. These costs are
expected to increase $57 M between 2001 and 2002.

* Rebalance rates to ensure that there is more equity between various rate classes and less cross-
subsidization.

» Improve the rate design itself for each rate class to improve consistency and equity.
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SaskPower’s Rate Proposal of October 2001 notes that there has seen a substantial increase in fuel
and purchased power expenses. The major cause has been the rise in consumption of natural gas
as well as historically high natural gas prices and natural gas price volatility. SaskPower has
committed to expanding generating capacity, largely through construction of gas-fired facilities.
As of June 2001, SaskPower had the following mix of generation sources:

* Three coal-fired thermal generation plants - 1,653 megawatts:
- Boundary Dam
- Poplar River
- Shand

* Four gas-fired thermal stations - 539 megawatts:
- Queen Elizabeth
- Landis
- Meadow Lake
- Success
* Seven hydro generation stations - 853 megawatts:
* SaskPower wind - 5 megawatts.

Total Installed Capacity = 3,050 megawatts

In addition, SaskPower also has contracts with the following energy suppliers:

* BEPL Seasonal Diversity 50 megawatts
* Meridian (gas) 232 megawatts
*  Cory* (gas) (50% owned by SPI) 263 megawatts
*  Sunbridge Wind 11 megawatts
Total Contractual Capacity 556 megawatts
Total SaskPower Capacity (installed and contracts) 3,606 megawatts

* Cory comes on stream in November of 2002.

Figure 1 shows the location of SaskPower’s generating facilities, major transmission lines, and
interconnects.

Increased Revenues and Costs

With a substantial portion of SaskPower’s generating capability relying on natural gas, and the
recent volatility in gas prices, fuel and purchased power costs have increased from $172 M in
1996 to an estimated $485 M in 2001. Fuel and purchase power costs are expected to be $441 M
in 2002.
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Revenues at SaskPower have increased from $883 M in 1996 to an estimated $1,124 M in 2001.
The increase in revenue of approximately $241 M falls short of offsetting the increase in fuel and
purchased power costs.

Table 2.2 summarizes SaskPower’s income and expenses.

Table 2.2: SaskPower Revenue and Expenses

2000 Actual 2001 Forecast* 2002 Budget*
Revenue
SaskPower Customers $952 M $1,000 M $1,092 M
Export Revenues $128 M $112 M $95 M
Ancillary Revenues $21 M $17 M $16 M
Total Revenue $1,101 M $1,129 $1,203
Expenses
Fuel and Purchased Power $384 M $485 M $441 M
Operating, Maintenance, and Administration $264 M $273 M $284 M
Depreciation and Amortization $151 M $154 M $160 M
Taxes $24 M $26 M $27 M
Future Asset Removal and Site Restoration $14 M $12 M $12 M
Finance Charges $138 M $151 M $151 M
Total Expenses $975 M $1,102 M $1,075 M
Net Income $126 M $27 M $128 M

* as at September 7, 2001, with proposed rate increase.

With the proposed rate increase, SaskPower’s net income in 2002 is expected to be $128 M.
Without the rate increase, net income is forecasted to be $70 M. The return on equity for 2002
is expected to be 10%, with the approved rate increase.

Rate Rebalancing

The second objective of SaskPower’s Proposal is to rebalance the rates so there is more equity
between the various rate classes and less cross-subsidization. SaskPower is seeking rate rebalancing
to ensure that rates better reflect the cost of providing electrical services. The standard that
exists throughout the industry holds that revenues for a given class of customer should fall within
a range ratio of 0.95 to 1.05 to the cost of serving that class of customer, with 1.00 representing
revenues exactly matching costs. SaskPower’s current rate structure falls short of this standard
and needs to be adjusted accordingly to meet current and future challenges. SaskPower is seeking
to establish rates that meet competitive standards for the revenue-to-revenue requirement ratio.
SaskPower’s objective is to have a revenue-to-revenue requirement ratio of 0.95 to 1.05. It is
generally accepted in the industry that achieving a complete range of rates that are all at the ideal
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ratio is not practically feasible, given all the dynamic variables. Consequently, the range falling
on either side of the ideal has been accepted. Table 2.3 illustrates the current status of
SaskPower’s rate structure showing the cross-subsidization and the impact of the proposed rates.

Table 2.3: Revenue-to-Revenue Requirement Ratios

. Year 2002 Revenue/Rev. Req. Ratio | Year 2002 Revenue/Rev. Req. Ratio
Class of Service L.
(existing rates) (proposed rates)
Urban Residential 0.97 0.98
Rural Residential 0.90 0.94
Total Residential 0.96 0.97
Farms 0.96 0.98
Small Commercial - Urban* 1.02 1.01
Small Commercial - Rural* 0.95 0.97
Total Small Commercial 1.01 1.01
General Service - Urban 1.03 1.03
General Service - Rural 1.01 1.01
Total General Service 1.03 1.02
Small Manufacturing 0.82 0.86
Large Manufacturing 0.83 0.89
Power (published rates) 1.04 1.03
Power (contract rates) 1.01 0.98
Oilfields 1.13 1.11
Streetlights 1.12 1.11
Reseller 0.95 1.00
Total (System) 1.00 1.00

* Public facilities included within class.
Note:

A ratio of greater than 1.00 implies that the customer class is paying too much relative to the cost of supplying
electricity. A ratio below 1.00 implies that the class is being subsidized.

There are three key factors that are driving SaskPower to design its rates in this direction. The
first is the basic issue of fairness in that all customers should pay their fair share of the costs of
service, and no more. Fundamentally, customers should not pay for costs attributable to other
customers. The second key factor is that properly balanced rates reduce the incentive for
uneconomic alternatives for those customers who are providing the subsidy. The final factor is
the desire to secure the contribution to fixed costs from those customer classes at risk of leaving
the SaskPower system in order to contain the rates across the system. Should such customers
abandon SaskPower for self-generation alternatives, there will inevitably be additional upward rate
pressure on the remaining customer base to cover those fixed costs that do not vary with demand.
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The study team has reviewed the costing methodology adopted by SaskPower. In general,
SaskPower has implemented the recommendations of the Foster Report “Review of Costing
Methodologies” (Foster, 1998), which examined costing methodologies used by SaskPower. With
the absence of a detailed Cost-of-Service-Study and rate allocation process, the study team was
unable to specifically address the current rate design and how various parameters would effect
individual customers.

Rate Class Improvements

As with the rate balancing proposal, SaskPower also wishes to address the cross-subsidization issue
within the rate classes themselves. As a result, not all customers within a rate class will necessarily
see the same increase. Some may actually see a rate decrease while others may see up to a 22%
increase within a rate class. The actual increase is dependent on energy consumed, the basic
charge, and the demand rate.

To generate additional revenues, SaskPower is recommending revenues from each customer class
be increased as highlighted in Table 2.1.

Dillon Consulting Limited Page 9



Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001

3. SYSTEM OPERATIONAL ANALYSIS

3.1. System Description

SaskPower is the principal supplier of electricity in Saskatchewan. Founded as the Saskatchewan
Power Commission in 1929, its mandate is to deliver safe, reliable, cost-effective power to the
residents of Saskatchewan. SaskPower was incorporated as a provincial Crown Corporation in
1950 and is governed by the Province’s Power Corporation Act.

The system currently consists of:

* Three coal-fired thermal plants.

* Seven hydro-electric systems.

* Four natural gas combustion stations.

*  More than 150,000 km of electrical transmission and distribution power lines.

Additionally, SaskPower purchases electricity from:

* The Meridian co-generation plant at Lloydminster.
e Alberta, U.S. Basin, and Manitoba electrical utilities.

Coming on-stream in 2001-02 are:

* Cory co-generation facility near Saskatoon (50% owned by SaskPower International).
*  Wind generating facilities (Sunbridge).
* SaskPower wind generating facilities (in partnership with the federal government).

The following table identifies the current capacities (MW) and maximum/median energy
capabilities (GWhr) based on historical and projected performance of the various coal, gas, hydro,
co-generation, wind, and import power sources.
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Table 3.1: SaskPower Approximate Generating Capacity (MW) and Energy Capability

(GWhr)
2003 2002 2001 2000 1998
Hydro
. MW 853 853 853 853 847
*  GWhr Variable year to year (2,400 - 4,400)
l______________________________________________________ ________________ ___________ __________|
Steam/Coal
c MW 1,658 1,658 1,658 1,658’ 1997
*  GWhr 11,500+ (since 2000)
- ]
Gas Turbine
. MW 539 539 539 378! 136"
*  GWhr 900 - 2,500 (subject to gas availability)
- - - -]
Internal Purchase
. MW 556° 232 232 180° -
*  GWhr 3,400° 1,800 1,800 1,500 -
- |
Out of Province Purchase
« MW 325* 325* 325 325 325
*  GWhr 900 - 2,000 (subject to transmission constraints during peak and off-peak times)
Total MW 3,931 3,607 3,607 3,394 3,305
GWhr 19,000 - 24,000 (depending on climatic/market/transmission constraints)
I ———
Notes:
1. Queen Elizabeth coal-fired plant switched to gas-fired after 1998.
2. Meridian co-generation plant came on-stream in 2000.
3. Cory co-generating plant will fully come on-stream in 2003.
4. Actual capacity is subject to transmission constraints.
5. Wind Power would add approximately 16 MW, but is not considered firm capacity.

Figure 1 illustrates the location of the various generation facilities and the major transmission
network.

Natural Gas Generation

SaskPower’s emphasis in satisfying future generating requirements seems to rely largely on
expanding gas-fired generation. The recent conversion and repowering of the Queen Elizabeth
Station and SaskPower International (SPI’s) investment in the Cory Co-generation project reveals
this trend. In addition, SaskPower has entered into a contractual arrangement to purchase power
from the Meridian Plant in Lloydminster, Saskatchewan.

Total gas generation capability is in the order of 539 MW. The average fuel cost for gas-fired
generation is forecasted at approximately ¢5.9/KWhr for 2002.

Dillon Consulting Limited Page 11



Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001

Thermal (Coal) Generation

SaskPower has no long-term plans for expansion of coal generating facilities due to capital costs
and environmental concerns from release of greenhouse gases. The current coal-fired generating
capacity at the Boundary Dam, Poplar River, and Shand stations account for approximately 55%
of the total installed capacity. Total coal generation capability amounts to approximately 1658
MW. The average reported cost of coal-fired generation is ¢1.6/KWhr.

Hydraulic Generation

SaskPower owns and operates seven hydro generating facilities. Under ideal circumstances, hydro
generation can account for approximately 28% of total installed capacity. Future additional
hydraulic generating capability is very limited. Hydraulic generating capability is also premised on
adequate water flow conditions. The recent low water conditions have resulted in a forecast of
hydraulic power accounting for 17% of total forecast production. This loss in available hydraulic
capacity results in a reliance on power from gas or coal sources or the importation of electricity.
Should water levels improve, the cheaper hydraulic power becomes more attractive. The average
cost of hydro generation is ¢0.3/KWhr, primarily for water rental fees.

Wind Generation

SaskPower has also invested in wind power. These are the Sunbridge 11 MW and SaskPower 5
MW projects. Although wind power is a clean source of power, it has a poor reliability factor
resulting in the need to have 100% back-up generating capacity.

Purchased Power

Purchased power also forms a large part of SaskPower’s overall supply capability. Total
purchasing capacity is in the order of 556 MW from either the Meridian, Cory, or Sunbridge
Energy facilities within Saskatchewan.

Imported Power

Imports also account for a component of SaskPower’s energy supply. In the Year 2000, imports
accounted for approximately 12% of total energy sales. Imported energy comes from Manitoba,
the United States, and to a lesser less extent from Alberta. The average cost to purchase power
from imports was approximately ¢3.5/KWhr in 2000.
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3.2. System Load Forecasts
3.2.1. Basic Premise — Economic Growth

System load forecasts for an electrical utility are typically conducted annually. These load
forecasts serve as long-term planning tools in an effort to anticipate future electrical generation
demands as well as transmission and distribution requirements. One of the fundamental tools used
for anticipating future energy demand is projected economic growth.

The Province of Saskatchewan has achieved an increase in GDP of 4.9% over the last ten years,
and 2.7% over the last five years. This was achieved with a provincial population growth increase
of 1.7% over the last ten years and 1.4% over the last five years. Recent forecasts suggest that
the population growth for the next five years could be in the order of 0.10% and 0.16% for the
next ten years.

Forecasts of GDP growth rates in current dollars for the province, as used in SaskPower’s Business
Plan, are 3.5% for the next five years and 4.4% for the next ten years. These growth rates may
be somewhat optimistic after the September 11, 2001 terrorist event and the recent downturn in
the world economy.

The most recent economic forecasts indicate that there will be a significant decline in economic
growth and inflation in the short-term (six to twelve months). The prospects beyond that is very
uncertain. The size and duration of the economic consequences of the terrorist attacks of
September is difficult to assess. For this reason, the Bank of Canada did not present its usual
conventional semi-annual forecast in November but chose instead to present an “economic
outlook” based on two assumptions: (1) that there will be no further major escalations of
terrorism and (2) that business and consumer confidence will return to normal levels in the second
half of 2002. Based on these two assumptions and given the extensive monetary and fiscal
stimulus provided, the Bank of Canada is anticipating a 2% growth in the first half of 2002 and a
4% in the second half of 2002. Core inflation is anticipated at 1.5% and total inflation at 2%.

The significant uncertainty on the geopolitical front makes the economic outlook
internationally, very difficult. The wildcard in the outlook in the US, as well as in Canada, is the
state of confidence, both with consumers and with business. The 11% plunge in equity markets
immediately following the terrorist attacks of September 11 and the flurry of layoff
announcements speaks further of how companies and individuals are assessing their own near-term
prospects. Consumer confidence is at risk and has shown a considerable drop. Layoffs and
corporate bankruptcies may add to the gloom. Consumers will likely wait for good news on both
fronts; the war and layoffs, before they become a driving force in the economy again.
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Canada is the sixth largest exporter of goods in the world. Within Canada, Saskatchewan is the
second most export dependent province behind Ontario. Saskatchewan exports more than 60% of
all its produce and more than 70% of all its agricultural production. Global overproduction,
depressed international prices, both in agriculture and energy, and depressed international
economies (especially the US) does not bode well for Saskatchewan for 2002.

The current economic slowdown is almost synchronized globally which means that it is harmful to
trade dependent economies and will certainly affect Saskatchewan as a result. Commodity
producers may feel the decline keenly; weakness in agricultural output and consumer spending may
limit growth.

The drought of 2001 has reduced crop production by 31% compared with 2000. The forecast for
2002 is an increase of 13.9% over 2001, far short of 2000 levels. In the mining sector, low
commodity prices for oil and gas will result in fuel output growth of 2.1% and 2.9% for 2001 and
2002 respectively. Net inter provincial migration shows a decline of 0.4% in 2001 and 0.1%
growth in 2002. The job count shows a 2.2% decline in 2001 and a 0.2% growth is forecasted for
2002. Real GDP is forecasted to grow 1% in 2001 and 2% in 2002. Based on this data, a 0%
growth path is quite possible in the first quarter.

The prospects for global economic growth are not positive. The factors which are driving
economic uncertainty — the war and dwindling consumer and business confidence — are not
showing any positive signs. For the year 2002 the Province of Saskatchewan could expect
minimal growth in its agricultural sector with little changes in the price of oil and gas. A 1-1.5%
growth in the economy and an inflation rate of 1.5% may not be unreasonable.

SaskPower’s load growth is expected to reflect the influence of overall provincial economic
performances, particularly in the short-term (five years) with the recent global economic
downturn.

3.2.2. Electricity Use Forecasts

SaskPower is forecasting its total energy requirements (energy sales and losses) to grow by 1.6%
per year over the next ten years. This will result in a 3,082 GWhr increase from 18,179 in Year
2001 to 21,261 GWhr in 2011. Of the 3,082 GWhr growth, approximately two thirds is
expected by 2006.

SaskPower’s forecast of peak system load anticipates a 1.5% per year growth over the next ten
years. This equates to a 475 GWhr increase from 2,882 GWhr in 2001 to 3,357 GWhr in 2011.
Of the 475 GWhr growth, approximately two thirds is expected by 2006.

These forecasts are based on a compilation of sales forecasts for key account, oilfield,
commercial, residential, farm, and reseller customers, including internal use, system losses, etc.
Tables 3.2 and 3.3 highlight total system energy and peak demand projections by SaskPower.
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Table 3.2: SaskPower Total System Energy Use (GWhr)

% of
1991 1996 2001 2006 2011 Ten-Year G.rowth. in
Forecast Forecast Forecast First Five
Years
Key Account 3,444 5,267 6,083 6,869 7,246 1.8%/year 68%
Oilfield 623 1,031 1,620 2,375 2,530 4.6%/year 83%
Commercial 3,027 3,135 3,488 3,801 3,973 1.3%/year 67%
Residential 2,243 2,376 2,375 2,466 2,548 0.7%/year 60%
Farm 1,381 1,450 1,327 1,354 1,382 0.4%/year 49%
Reseller 1,081 1,162 1,259 1,343 1,396 1.0%/year 61%
Corporate Use 82 90 120 116 117 -0.3%/year --
Losses, etc. 1,362 1,847 1,897 2,001 2,068 0.9% 61%
Total Energy 13,243 16,357 18,179 Low = 19,096 | Low = 19,515 1.6% 73%
Requirements Most Likely = [ Most Likely = (2.3% for first
20,324 21,261 five years)
High = High =
21,442 23,054

The above table illustrates SaskPower’s most likely forecast of total energy requirements. This
amounts to a 2,145 GWhr increase by 2006 and a 3,082 GWhr increase by 2,011 from 2001
levels. The low forecast would see these additional requirements at 954 MW (by 2006) and 1,373
MW (by 2011). A high forecast would see additional requirements at 3,300 MW (by 2006) and
4,911 MW (by 2011).

Table 3.3 shows projected peak electrical demands.

Table 3.3: SaskPower Peak Demands (MW)

Five-Year Ten-Year
2 2011
1991 1996 2001 006 0 Growth Growth
Forecast Forecast
Rate Rate
Total Grid - - - 3,030 (low) 3,086 (low) 1.5% 0.9%
Demand
2,300 2,650 2,882 3,219 3,357 2.2% 1.5%
(most likely) (most likely)
- - - 3,402 (high) | 3,645 (high) 2.9% 2.1%
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From the above, it is apparent that the most likely scenario would require an additional capacity
need of 337 MW (by 2006) and 475 MW (by 2011). This additional need could be as low as 118
MW (by 2006) and 204 MW (by 2001) or as high as 520 MW (by 2006) and 763 MW (by 2001).

3.2.3. System Load Forecast Summary

SaskPower has anticipated a GDP growth rate for the province of approximately 3.5% for the
next five years and 4.4% for the next ten years. Given today’s economic climate, low agricultural
and mining commodity prices, and overall population growth, total system energy requirements
and peak demand requirements may well favor the low side of forecast expectations. This would
result in a total system energy requirement of 19,000 GWhr and a peak demand of 3,030 MW in
2006. The Rate Proposal is predicated on a relatively optimistic growth scenario. This has
implications to the corporation on fuel costs and revenue expectations. Given the recent
substantial decline in natural gas prices and less optimistic growth scenario, fuel and energy costs
could be less than that forecasted by SaskPower.

3.3. System Operation Description
3.3.1. Coal-Fired Thermal Generation
3.3.1.1. General

SaskPower currently operates three coal plants:

] Boundary Dam (six units) - 875 MW capacity/5,600 GWhr/year.
. Shand (one unit) - 298 MW capacity/2,300 GWhr/year.
. Poplar River (two units) - 592 MW capacity/4,600 GWhr/year.

These plants utilize lignite coal from the mines in southern Saskatchewan. They produce
relatively inexpensive energy with fuel costs in the range of ¢1.6/KWhr.

The coal plants operate as base load energy suppliers, running almost continuously and provide in
excess of 48% of SaskPower’s energy needs.

These plants however have considerable outstanding environmental liabilities, which are being
addressed in cooperation with Saskatchewan Environment. In recent years, these liabilities have
led to energy conversion and upgrading projects that have used 50+% of the annual capital budget.

Table 3.4 highlights historical energy produced by coal-fired thermal generation and forecasted
generation potential.
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Table 3.4: SaskPower Coal-Fired Energy Production

Actual Estimated
2001
1996 | 1997 | 1998 | 1999 [ 2000 | Foreca | 2002 2003 | 2004 | 2005 [ 2006
st
Generation GWhr | 11,225 | 11,256 | 11,609 | 11,551 | 11,436 | 11,711 | 11,789 | 11,448 | 11,613 | 11,450 | 11,541
3.3.1.2. Coal-Fired Thermal Generation Summary and Analysis

As can be seen from Table 3.4, SaskPower is maintaining a ‘“stay-the-course” approach with
respect to coal-fired energy production. SaskPower’s long-term plans do not see the construction
of coal-fired generating stations. Long-term plans continue to see coal servicing the base energy
demands. Expenditures in coal-fired energy production are focussed on ongoing operation and
maintenance of existing stations and improvements in emission control equipment

3.3.2. Hydro Generation

3.3.2.1. General

SaskPower has a total of seven hydroelectric generation stations. These are outlined in Table 3.5

below.

Table 3.5: SaskPower Hydraulic Generation Capability

Installed, Capacity' (MW)

Saskatchewan River

. EB Campbell Generating Station (eight units) 288

. Nipawin Generating Station (three units) 255

. Coteau Creek Generating Station (three units) 186
Churchill River

. Island Falls Generating Station 95
Subtotal 824
Athabasca

. Wellington Generating Station 5

. Waterloo Generating Station 8

. Charlot River Generating Station 10
Subtotal 23
TOTAL 847

' Based on 1998 ratings/2000 ratings total is 853.
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These generating stations, with the exception of Coteau Creek at the outlet of Lake Diefenbaker,
are essentially run of the river plants with little reservoir storage capacity.

The energy generating capability of these stations is stream flow dependent and as such, subject to
highs and lows. The following table illustrates the range of available hydro-electric energy:

Table 3.6: SaskPower Hydraulic Energy Generated (GWhr)

2001 2001 2002 2003
1984 1985 1988 1989 1996 |(as per Rate| (as per (as per (median)
Proposal) | Nov 1/01) | Nov. 1/01)
Saskatchewan River
* EB Campbell 627 717 603 797 1,180 586 556 676 956
Generating
Station
*  Nipawin NIL! 91 654 859 1,274 667 636 782 1,020
Generating
Station
* Coteau Creek 301 363 336 404 1,085 345 331 457 601
Generating
Station
Subtotal 928 1,170 1,594 2,060 3,539 1,598 1,523 1,915 2,577
Churchill River
* Island Falls 766 762 735 719 688 748 747 872 852
Generating
Station
Athabasca
+  Wellington NIL' NIL' 6 17 38 NA 33 34 NA
Generating
Station
+  Waterloo NIL' NIL' 4 25 52 NA 44 39 NA
Generating
Station
+  Charlot River NIL! NIL' 5 21 80 NA 65 46 NA
Generating
Station
Subtotal NIL NIL 15 63 170 138 142 119 121
TOTAL 1,694 1,933 2,343 2,841 4,397* 2,484 2,412 2,907° 3,550
Notes:

1. Not in service.
2. Maximum hydraulic energy generated (theoretically exceeded four times since 1969).
3. The SaskPower 2002 Business Plan was 3,297 GWhr.
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As of the time of this review, SaskPower was facing a challenge in terms of available water flows.
The recent dry conditions on the prairies have resulted in reduced water flows and therefore a
decrease in capacity to generate hydraulic power. Flows in the Saskatchewan and Churchill River
Basins are expected to be well below normal into the spring of 2002. Hydraulic power generation
during years of median flows is estimated at 3,550 GWhr. Total hydraulic power generation for
2001 is estimated at 2,412 GWhr based on November 1 updates submitted to the review team.
The 2002 Business Plan anticipates hydraulic power generation for 2002 at 3,297 GWhr. (This
differs from the November 1, 2001 update.) This increases to 3,550 GWhr in 2003 and remains
in the order of 3,500 GWhr through to 2006. Given the continued challenge of available water,
actual hydraulic production in 2002 may be as little as 2,907 GWhr according to SaskPower
officials.

Predicting water flows and availability is a difficult task. Water flows can quickly rebound under
the right conditions, such as a heavy winter snowfall and wet spring. History has proven that
water conditions do rebound quickly. Under median and above flow conditions, SaskPower has the
capacity to generate 3,550 GWhr of cheap electricity.

3.3.2.2. Hydro Generation Summary and Analysis

The Saskatchewan and Churchill River watersheds are experiencing below normal water levels
resulting in reduced hydraulic generating capacity for SaskPower. The outlook for 2002 continues
to be pessimistic in terms of water supply. Long-term predictions of water supplies and stream
flows is an inexact science. History has proven itself that stream flows can recover very quickly
given the right circumstances. Therefore, forecasted median flows and resulting hydraulic power
generation for the Years 2003 to 2006 may be overly pessimistic. Obviously, the more available
hydraulic power, the cheaper the cost of electrical energy production.

3.3.3. Gas/Turbine Generation

3.3.3.1. General

SaskPower currently produces approximately 18% of its energy needs from natural gas-fired
plants. These plants are outlined in Table 3.7 below.

Table 3.7: SaskPower Gas/Turbine Generating Capability

Net Maximum Capacity
Queen Elizabeth (nine units) 386 MW (since 1999)
* Landis (one unit) 80 MW
*  Meadow Lake (one unit) 43 MW
*  Success (three units) 30 MW
Total 539 MW
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As a group, they contribute approximately 18% of SaskPower’s total demand capacity capability
and because of high variable fuel costs, are used primarily to meet peak load requirements or to
meet emergency supply needs.

As peaking plants, the energy generated by these natural gas turbines has been and will continue to
be highly variable. The following table illustrates the recent supply history and probable future
use.

Table 3.8: SaskPower Gas/Turbine Energy Generated (GWhr)

Actual Estimated
2001 2001
1995 1996 1997 1998 1999 | 2000 Budget | September 2002 | 2003 | 2004 2005 2006
Queen Elizabeth| -- - -- --
Landis 35 49 80 131
Meadow Lake 84 98 89 205
Success Neg. 1 4 12
Totals 119 148 173 | 348 | 995 | 924 746 990 1563|1265| 1368 1827 | 1723
3.3.3.2. Gas Turbine Generation Summary and Analysis

SaskPower’s long-term strategy for additional energy production focuses on gas-fired turbine
generation. This can readily be seen by the anticipated gas turbine energy production for 2002
increasing by 573 GWhr or 58% from 990 GWhr to 1,563 GWhr. The long-term trend sees a
continued reliance on gas for energy production peaking at upwards of 1,827 GWhr in 2005.

The reliance on gas-fired energy generation sources puts SaskPower at some degree of financial
risk, given the volatility of natural gas prices as witnessed in the last year. Natural gas purchase
hedging practices by SaskPower have resulted in a more stable price guarantee for large volume
purchases. The recent economic slowdown and warmer than usual weather patterns have brought
the forward price of natural gas down substantially from levels seen in the previous year. At the
time of preparation of this review, the December 2001 to October 2002 forward price for natural
gas was in the order of $3.93 per gigajoule. SaskPower has currently hedged approximately 55%
of their 2002 gas purchases at a price of approximately $4.61 per gigajoule. Possible future
savings in gas purchases should be realized in 2002 for remaining gas purchases required.
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3.3.4. Energy Imports and Exports

3.3.4.1.

SaskPower’s transmission grid system has three interconnections to neighbouring utility systems,

as shown on Figure 1. Because of a variety of constraints (energy availability, trip line

transmission capacity,

General

and emergency reserves), the actual

currently achievable under normal circumstances.

ability to bring power into
Saskatchewan is considerably less. The following table provides a simplistic summary of what is

Table 3.9: SaskPower Import/Export Potential

On-Peak Availability (MW)

Off-Peak Capability (MW)

From MAPP
(USA and Manitoba)

187.5 (winter)
262.5 (summer)

225 (winter)
225 (summer)

From PPA
(Power Alberta)

75 (winter)
75 (summer)

75 (winter)
75 (summer)

Combined Totals

262.5 (winter)

300 (winter)

337.5 (summer)

300 (summer)

The foregoing would suggest that SaskPower could theoretically import a maximum of 2,700
GWhr/year (assuming there were no conflicting exports).

The actual historical and forecasted power imports are presented in the following table:

Table 3.10: SaskPower Imported Energy Used and Costs

Actual Estimated| Forecasted
1995 | 1996 1997119981999 2000| 2001 |2002]2003|2004|2005| 2006
PPA - -- -- -- -- -- -- -- --
Basin - -- -- -- -- -- -- -- --
Manitoba - -- -- -- -- -- -- -- --
GWhr 291 741 | 982 [1,536(1,910(1,940( 2,120 [906| 618 | 634 | 786 903
Cost ($ Millions) 12 21 44 51 69 89 54| 30 27 36 43

In the past three years, SaskPower has been importing 70 to 75% of the theoretically possible
energy. Forecasts which suggest that imports will decline to the 600 to 800 GWhr range seem
somewhat pessimistic (e.g., the 2001 budget import forecast was exceeded by 120%).

The same interconnections to external grids that allow import of energy also allow for export of
energy when market prices rise. SaskPower has been able to export generally increasing amounts
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of energy over the last five years. The following table illustrates this and provides the forecasts
for future exports.

Table 3.11: SaskPower Exported Energy Generated (GWhr)

2001 2001 2002 2003
1996 | 1997 | 1998 1999 { 2000 Budget | Estimated |Forecasted|Forecasted 2004 2005 2006
GWhr 467 | 369 | 618 801 |1143] 1176 964 951 1040 ]936] 915 | 840
Revenue ($ M) 137 97 112 95 88 75| 67 | 56

It should be noted that the combined total of import and export reached 3,100+ GWhr in 2001.
Forecasts for 2002 and 2003 show 1,857 and 1,658 GWhr, respectively in combined import and
export. This decline may be overly pessimistic.

3.3.4.2. Energy Imports and Export Summary and Analysis

SaskPower’s ability to import and export power is constrained by system limitations and both
seasonal and daily on-peak and off-peak timing restrictions. In general, however, SaskPower is
expecting imported energy to drop in 2002 due to anticipated increases in import energy costs.
2002 imported energy costs are expected to rise from approximately ¢3.9/KWhr in 2001 to
$6.0/KWhr in 2002. This unit cost for import energy is anticipated to decrease to ¢4.8/KWhr in
2006.

SaskPower also anticipates export revenues to decline in 2002 due to an anticipated decrease in
demand and unit price for energy. Export revenues are expected to decline from $109 M in 2001
to $95 M in 2002. This translates into an average export price of ¢10/KWhr in 2002. This
declines to ¢6.7/KWhr in 2006.

This creates somewhat of a paradox since import costs per KWhr are expected to rise while
export costs per KWhr are expected to decline. It is considered very unlikely import costs will
approach ¢6/KWhr in 2002; especially if imports are purchased during off-peak hours. This
would amount to a 70% increase in KWhr costs from a 2000 average price of ¢3.5/KWhr.
Average import costs for 2001 to date have been in the order of ¢4.2/KWhr.

Should SaskPower consider the purchase of import power during off-peak times, import power
costs of ¢3.5/KWhr to ¢4.5/KWhr should be readily achievable. Recent off-peak import power
costs from Manitoba Hydro (November 2001) varied from ¢2.06 to ¢2.54/KWhr. Thus, import
costs may compare favorably with local gas generation. For 2001, gas generation costs averaged
¢13/KWhr and ¢6.25/KWhr from co-generation facilities. SaskPower has forecasted 2002 gas
generation costs at ¢5.9/KWhr and ¢4.9 to ¢6.8/KWhr from co-generation facilities, assuming gas
prices decline somewhat in 2002.
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This analysis therefore suggests that the purchase of import power may be the more economical
option than the operation of gas generating facilities. This would be especially applicable if
import power could be purchased during off-peak time periods.

3.3.5. Meridian and Cory Co-Generation Plants

The Meridian co-generation plant at Lloydminster came on-line in 2000. It is natural gas-fired
with an average capacity of 210. With no major overhaul anticipated for at least six years, the
full plant capacity should be available for the next six years.

The Cory Co-generation Plant is a 228 MW natural gas-fired co-generation/combined cycle plant
scheduled to come on-line after November 1, 2002. SaskPower’s initial commitment is to
purchase 80 MW of non-dispatchable take or pay capacity and energy for the entire year. The
remaining capacity can be purchased by SaskPower at its discretion (in August of each year, the
entire plant capacity is available on a dispatchable basis). There has been some indication in this
review that SaskPower’s obligations may be to purchase most of the dispatchable power.

3.3.6. Wind Generating Facilities

There are two wind generating facilities in SaskPower’s system. These are:

* Sunbridge - Seventeen wind turbine towers (coming on stream between July 2001 and December
2001), with an initial capability of 2 MW and a total capability of 11.2 MW.

» SaskPower - Eight wind turbine towers (August 2002 in service) capable of producing 5.3 MW
with an assumed energy production of 20 GWhr (43% capacity factor).

These wind generating facilities can be used to complement gas generation, when wind conditions
permit. They are not firm energy generators.

3.3.7. Transmission and Distribution
Figure 1 illustrates the major transmission networks for Saskatchewan. These facilities have been

progressively improved and expanded over the last five years. Table 3.12 illustrates the growth in
transmission and distribution facilities from 1995 to 2000.

Dillon Consulting Limited Page 23



Saskatchewan Rate Review Panel
Independent Review of the SaskPower Rate Proposal of October 2001

Table 3.12: Growth in T & D Facilities from 1995 to 2000

Component/km 1995 2000 % Increase
230 KV 3,457 3,684 6.6%
138 KV 4,116 4,327 5.1%
115 KV 400 400 0
110 KV 190 190 0
72 KV 4,382 4,386 Neg.
72KV' 7 7 0
25KV 20,914 22,799 9.0
25KV 420 709 69
14KV 72,821 72,437 -0.5
14KV 41,997 42,914 2.2

' Underground km

SaskPower appears to have been diligent in keeping transmission capabilities in step with increased
generation and load. Presumably, additional transmission requirements will track new generation
plants such as the Cory co-generation plant.

3.3.8. Energy Conservation

In May 2001, the Premier of Saskatchewan appointed Peter Prebble (MLA for Saskatoon-
Greystone) to coordinate the development of a Saskatchewan GreenPrint for Energy
Conservation (provincial conservation strategy). In conjunction with this initiative, Mr. Prebble
is working with a government-wide committee to identify conservation program options. These
options will be evaluated, interest groups consulted, and a GreenPrint program menu will be
presented to cabinet in the September to October period. Some of the organizations contributing
to the planning effort include: Saskatchewan Energy and Mines (SEM), SaskPower, SaskEnergy,
SaskHousing, SERM, Saskatchewan Research Council, etc. The government has also engaged a
consultant from the Pembina Institute, Roger Peters, to work with Mr. Prebble in this
undertaking.
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Because SaskPower and SaskEnergy are the primary energy providers of electricity and natural gas
to the people of Saskatchewan, these organizations have a significant interest in the outcome of
this planning process. Existing SaskPower/SaskEnergy programs (like the PowerCheck on-line
energy audit, the Energy Performance Contracting (EPC) program, the SaskEnergy high
efficiency furnace load programs are being integrated into the GreenPrint plans. As well, other
new programs are being considered.
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4. SYSTEM OPERATIONAL COSTS

4.1. Energy Sales

SaskPower has seen a general increase in annual energy sales (41% increase since 1991). Only in
2001 does it appear that there was some slippage. Sales revenue on the other hand has increased
every year (69% increase since 1991). However, as illustrated in Table 4.1, the average price
during this period has increased by 20%, suggesting increased sales revenue is being driven more by
increasing energy volume than by unit price gains.

Table 4.1: SaskPower Energy Sales Revenue from Annual Reports and Business Plan

Year Energy Sales Revenue Average Sales Value
(GWhr) ($ Million) (¢/KWhr)
1991 12,031 667 5.54
1992 12,657 712 5.63
1993 13,748 790 6.06
1994 13,820 837 6.06
1995 14,383 861 5.99
1996 15,064 886 5.88
1997 15,608 917 5.88
1998 16,187 958 5.92
1999 16,210 977 6.03
2000 17,049 1,080 6.33
2001* 16,981 1,124 6.62
2002* 17,505 1,148 6.78
2003* 18,086 1,240 6.86

**QOctober 26, 2002 Business Plan

4.2. Fuel and Purchased Power Costs

Table 4.2 (SaskPower Summary of Power Supply Costs) attempts to illustrate the relationships
(historical and forecast) that have determined the choice of energy sources.

From careful analysis of this table, a number of observations and trends are apparent:

* Hydro is the preferred supply source at costs of less than ¢0.3/KWhr. It has been and will
continue to be the energy choice to the maximum extent available. Unusually low stream
flows in the 2000 to 2001 period reduced the hydro percentage of total energy provided
from approximately 20% to 16%.
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Table 4.2:

SaskPower Summary of Power Supply Costs

1995%* 1996* 1997* 1998* 1999* 2000* Sept. 2001 2002%%* 2003 ##* 2004%#%** 2005%#% | 2006%**
Update**

GWhr Export 464 369 618 801 1,143 964 951 1,040 936 915 840
$ M Revenue 9 8 21 42 128 109.5 95.3 87.5 75.5 67.8 56.4
¢/KWhr 1.93 2.17 3.40 5.24 11.2 11.3 10.02 8.4 8.07 7.41 6.7
GWhr Import 291 741 982 1,536 1,811 1,995 2,120 906 618 634 786 903
$ M Cost 50.5 68.8 83.8 54.1 30.0 27.5 36.0 43.4
¢/KWhr 2.64 3.44 3.95 6.0 4.85 4.33 4.58 4.81
Hydro GWhr 4,137 4,396 4,005 3,668 3,668 3,046 2,424 3,297 3,550 3,562 3,549 3,549
$ M Cost 9.3 7.9 6.6 8.9 9.8 10.0 10.2 10.4
¢/KWhr 0.25 0.25 0.28 0.28 0.28 0.28 0.28 0.28
Coal GWhr 12,669 12,565 13,251 13,584 11,568 11,436 11,711 11,789 11,448 11,613 11,450 11,584
$ M Cost 144.6 167 182.7 185 185 188 174 175
¢/KWhr 1.25 1.42 1.56 1.6 1.6 1.6 1.5 1.5
Gas GWhr 119 148 173 348 995 924 990 1,563 1,265 1,368 1,827 1,723
$ M Cost 42.1 66.8 116.6 92.1 71.5 80.2 102.9 9.25
¢/KWhr 4.7 7.2 11.8 6 6 6 5.5 5.5
Meriden GWhr
$ M Cost
¢/KWhr
Cory GWhr
$ M Cost
¢/KWhr
Wind GWhr
$ M Cost
¢/KWhr
Total Sales GWhr 14,400 15,000 15,600 16,200 16,200 17,050 16,981 17,509 18,090 18,449 18,753 19,051
(excludes loss)
$ M Supply Cost 256 387 477 439 474 477 490 502
¢/KWhr 1.6 2.3 2.8 2.5 2.6 2.6 2.6 2.6

*  Annual Reports

** From SaskPower Third Quarter Report

*%* SaskPower 2002 Business Plan
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* Coal accounted for 80% of the energy supply until 1998, after which the conversion of
the Queen Elizabeth generating station to natural gas, reduced the coal share of energy
supplied to approximately 67%. Coal costs have risen from ¢1.25/KWhr in 1999 to
¢1.6/KWhr by 2002. However, coal continues to cost ¢2.5 to ¢3.0/KWhr less than gas-
supplied energy sources. Environmental liabilities associated with coal-fired generation are
continuing to grow and may force progressive movement away from coal generation. or
costly environmental control equipment.

* Imported energy has played an increasing role in SaskPower’s energy supply reaching a
high of 2,120 GWhr or 12% of total energy sold. The Business Plan forecasts suggest that
this import level will be reduced to 600 to 800 GWhr in future years as a result of
anticipated higher market prices for imported energy. A similar forecast was made for
2001, but proved to be incorrect as natural gas prices rose dramatically while import prices
did not rise to the extent anticipated. Import energy costs for 2001 were approximately
¢3.95/KWhr.

¢ The Cory Co-generation Station is contracted to supply 80 MW on a firm basis to
SaskPower. Additionally, there are up to 148 MW available on an as-required/dispatchable
basis.

* Export sales prices have increased dramatically to ¢11.2/KWhr in 2000 and ¢11.3/KWhr
in 2001 from ¢5.24/KWhr in 1999 and ¢3.40/KWhr in 1998.
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4.3.

System Operations Summary and Analysis

The following items represent an analysis of system operational practices and possible savings.

SaskPower’s assumptions on future energy generation appear to be predicated on meeting
its net income targets in a period when climatic conditions and the natural gas market
have created an extremely unfavorable financial condition in 2001 and are likely to do so
again in 2002. Unless domestic rates are increased, they expect the same results in 2002.
In addition, growth in energy demand is projected at 2.5% to 3% for 2002. Recent events
and the declining economy would suggest that SaskPower’s load forecasts are overly
optimistic. Contrary to expectations that 2001 would see an energy growth of 1.3%,
there was little or no growth. Forecasts of a 2.5% to 3% energy growth for 2002 are very
optimistic. A growth rate of 1% to 1.5% is more likely. This amounts to approximately
250 GWhr in increased demand rather than 528 GWhr in estimated demands. Savings in
electrical generation requirements would therefore be in the order of 250 to 280 GWhr.
If we assume this energy savings of say 250 GWhr was produced by gas generation, net
savings would be 250 GWhr x (¢6/KWhr for gas generation — the average sale price to the
non-residential component in the SaskPower rate table). This amounts to 250 GWhr x
(¢6/KWhr - ¢3.7/KWhr) = $5.75 M or approximately $6.0 M.

The Proposal assumes an anticipated inability to continue to purchase import power at
attractive rates (¢3.5 to ¢4.0/KWhr) in sufficient quantities (2000 =+ GWhr in 2000 and
2001) to avoid expenditures in gas turbine generation (¢6/KWhr). The experience in
2001 was that SaskPower could buy significant (1000 GWhr) additional power from
Manitoba Hydro at lower than budgeted prices. This scenario, if repeated in 2002, would
have potential savings of $10 to $20 M (500 to 1,000 GWhr of imported power @
¢4/KWhr would replace gas turbine generation at ¢6/KWhr). Off-peak surplus energy
rates in Manitoba have remained at or below ¢2.5/KWhr during 2001.

If this import price and availability experience in 2001 is projected into the 2002 and
2003 period, SaskPower could reasonably expect to import an additional 500 to 1,000
GWhr of electricity as a substitute for natural gas-fired turbine energy or SPI’s Cory Co-
generation dispatchable (or non-firm) energy. Average imported energy prices paid by
SaskPower have been increasing over the last three years (from ¢2.64/KWhr in 1999 to
¢3.95/KWhr in 2001). This latter projected value is 0.35¢ lower than the ¢4.30/KWhr
use in the 2001 budget. As such, it is not unreasonable to suggest that import costs may be
significantly lower than the ¢6.00/KWhr proposed for 2002 in the current SaskPower
Business Plan.
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* SaskPower anticipates a 10% to 20% below median (normal) forecast hydro generation
output, based on a partial recovery from the 30 to 32% below medium hydro energy
available in 2001.

Historically, following drought scenarios, SaskPower’s hydro production has returned after
two years. An unlikely full recovery to the median energy level would have potential
savings of $14 M (approximately 250 GWhr @ ¢6/KWhr for gas minus ¢0.30/KWhr for
hydro).

This saving is a low probability. It can however be rationalized to some extent as it is
likely that 50% of future years will be above median and these could theoretically occur
within the next five years. SaskPower estimates a three in four chance that their 2002
Business Plan forecast for hydraulic power generation will not be realized. Recent
forecasts have budgeted approximately 2,900 GWhr in hydraulic generating capability for
2002.

* Cory energy, over and above the committed firm purchase, could be attractive during peak
demand periods.

Environmental benefits associated with co-generation will continue (in the long-term) to
justify Cory production relative to coal energy. High export prices (on-peak) could also
encourage Cory production.

* SaskPower currently hedges natural gas purchases to avoid substantial swings in natural gas
costs. For 2002, SaskPower estimates a natural gas requirement in the order of
31,300,000 GJ. SaskPower has already hedged in the order of 18,000,000 GJ at a price of
$4.61 per GJ. The remaining 13,300,000 GJ will be purchased on the open market. In
SaskPower’s Business Plan and Rate Proposal, they have assumed a weighted average price
for gas of $5.00/GJ, including transportation costs. The recent December to October 2,
2001 forward averaging price for natural gas is now approximately $3.93/GJ. These prices
are anticipated to fall even further. If we assume a weighted average price of $4.25/GJ
rather than $5.00/GJ, as a result of lower gas costs, a 15% saving in gas purchase price
may be realized. This would amount to gas prices in the order of ¢5/KWhr instead of the
anticipated ¢6/KWhr. As of November 19, 2001, spot market gas prices were in the order
of $2.96/GJ.
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5. CAPITAL COSTS, OPERATING, MAINTENANCE, ADMINISTRATION,
PLUS OTHER FINANCIAL ISSUES

5.1.  Capital Cost Programs

SaskPower has over the last seven years been spending $160 M (on average) per year on Capital
Works such as customer access, distribution system upgrades, new transmission facilities, and
environmental improvements to generation plants. These actual and anticipated expenditures are
outlined in Table 5.1.

Table 5.1: SaskPower Capital Expenditures

Actual Budget Forecast

1996 1997 1998 | 1999 | 2000 ( 2001 2001 | 2002 | 2003 | 2004 | 2005 | 2006

Capital 117 160 137 185 | 212 365 302 335 346 354 | 416 492
Works (§ M)

These cash requirements include capital investments by SPI.

While the actual dollar investment in capital varies from year to year, the capital expenditures in
2001 were allocated as follows:

Budget ($ M) Revised Forecast ($ M)

Corporate Services 215 12.7
(Financial/Regulatory/Information Technology)

Customer Services 4.7 4.7

Existing Power Production (including Carbon Office) 70.4 75.4

New Generation (Queen Elizabeth and Wind) 103.1 90.3
Transmission and Distribution 115.5 108.0
(including Customer Connects @ $38.2 M and $43.2 M) ' '

SPI (Cory Co-generation) 50.0 10.7

Total 365.2 301.7

Available information does not permit a definitive allocation of revised forecast 2001 generation
system upgrade costs to coal, hydro, gas turbine, or co-generation; however, it is suggested that
these funds were allocated on the following basis:

= Coal — 67%
. Hydro — 0%.
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. Gas Turbine — 30%.
. Co-generation — 3%

Environmental costs (site remediation/air quality improvements) are included in these categories.
SaskPower, with its broad scope of power supply sources, is faced with difficult choices when it

comes to new plant investments and also facility decommissioning. SaskPower’s current strategy
appears to be focussed on:

. Add co-generation facilities while decommissioning older gas turbines.

. Upgrade coal generation plants progressively to meet evolving environmental
requirements.

. Enhance hydro production, if possible.

. Add wind power where appropriate.

There does not appear to be a plan to enhance import/export transmission capabilities at this
time.

5.2.  Operating/Maintenance/Administration
Table 5.2 highlights SaskPower’s Operation, Maintenance, and Administration (OM&A) costs.

Table 5.2: SaskPower OM&A Costs

Actual Forecast
1996 | 1997 | 1998 | 1997 | 2000 2°°1 | 2002 | 2003 | 2004 | 2005 | 2006
Budget
[Cost G M) 197 714 | 238 | 281 | 264 | 276 | 200 | 312 | 322 | 352 | 396

SaskPower’s operating, maintenance, and administration costs represent 25 to 40% of total
operating costs and expenses. On a unit cost basis, these costs have increased from ¢1.3/KWhr in
1996 to ¢1.55/KWhr in 2001 (20% increase over six years compared to an inflation rate of
10%).

In other jurisdictions (e.g., Manitoba Hydro), the OM&A costs account for 20 to 25% of total
operating costs/expenses. At Manitoba Hydro, these unit OM&A costs rose from ¢0.79/KWhr in
1996 to ¢0.83/KWhr in 2001 (a 5% increase over six years).
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In terms of staff resource efficiencies, SaskPower has generated between 6 and 8 GWhr for each
equivalent full-time employee since 1995. In 1995, SaskPower generated 6.7 GWhr/employee.
This productivity rose to 7.50 GWhr per employee in 1998 and has since declined to 5.6
GWhr/employee in 2001. Ideally, most utilities strive to achieve a steady increase in
productivity. SaskPower is budgeting for an additional 99 full-time equivalent positions in 2002.
The resulting increase in employee growth seems excessive in comparison to the load growth.
Based on this review, it would seem SaskPower was more efficient in prior years in terms of GWhr
generated per employee.

Comparison to industry standards such as the CAE-COPE rating system is difficult because of the
considerable variation in the way that different utilities allocate costs.

Operation/maintenance and administration costs are generally allocated as follows at SaskPower:

= Generation - 44%.

= Transmission/Distribution - 25%.
= Customer Service - 10%.

= Corporate/etc. - 21%.

These appear to be reasonable with the possible exception of corporate elements.
5.3. Return on Equity

SaskPower’s targeted Return on Equity of 10% may have been appropriate over the last ten years,
when interest rates were in the 7.5 to 8% range. Even recognizing that most of the corporation’s
debt is long-term and subject to interest rates in the 8 to 10% range, it may be appropriate to
consider lowering this target, given that new borrowing is achievable at much lower interest rates
(e.g., 6%). The fact that the cost of borrowing money has decreased, consideration of a lower
return on equity may be warranted.

5.4. SaskPower International

The establishment of SPI (then Commercial) was authorized by the SaskPower Board on
December 15, 1993 and ratified by the Crown Investments Corporation Board on February 24,
1994. It was incorporated as a wholly owned subsidiary of SaskPower in September 1994 with a
mandate to diversify and enhance SaskPower’s revenue base, promote job creation and economic
development of the Province, and to achieve a suitable return on invested capital. The declared
strategy in SPI’s original business plan to achieve those objectives was to market SaskPower’s
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expertise to national and international markets; to market and sell by-products and equipment
that is surplus to the needs of the Corporation, and to pursue business opportunities that utilize
SaskPower’s core business knowledge and networks.

SPI, as a subsidiary of SaskPower, is aligned to contribute to SaskPower’s vision of excelling in
competitive energy markets. As such, SPI has been mandated to seek new sources of generation
and new sources of corporate and business growth for SaskPower.

In response to this desire to grow the corporation, SPI continues to seek power project
investments, including co-generation projects in Saskatchewan and beyond, in conjunction with
knowledgeable partners.

SPI’s investments outside of Saskatchewan will be targeted in the primary market (North
America) with a focus on the region adjacent to the province, other parts of Canada, and

subsequently in regions where the culture, language, and business practices are similar to our own.

SPI’s primary goals are as follows:

. Market SaskPower’s expertise to national and international markets.
. Sell flyash and other by-products.
= Invest in power projects where the Proposal of core skills of SaskPower can add value

and where commercial and political risks are acceptable and manageable.

SPI, through a 50-50 joint venture with ATCO Power Canada Ltd. (ATCO), entered the
construction phase of the Cory Co-generation Station in 2001.

Investments outside of Saskatchewan by SPI will be targeted in the primary market (North
America) with a focus on the region adjacent to the province, other parts of Canada, and
subsequently in regions where the culture, language, and business practices are similar to our own
(secondary markets).

SPI has budgeted $250 M in equity over five years (to 2006) for such investments. This amounts
to SaskPower’s equity position in SPI. In addition, SPI has budgeted approximately $233 M in
non-recourse financing over the same period.
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SPI expects to incur losses of $1 to $2 M/year over the next three to four years.

As a result, SaskPower’s net income will be reduced by approximately $4 to $5 M/year (SPI losses
plus financing cost estimated at $30 M/year by 2006). These costs form part of the SaskPower
revenue requirements to be covered by rate payers.

As SaskPower International grows, capital expenditures are expected to total approximately $483
M by 2006. This is a significant capital investment for a subsidiary company. Based on this
review, it would appear that SPI projected revenues by 2006 would potentially not cover interest
charges on capital expenditures (estimated to reach $28 to $30 M/year by 2006). This would
seem to put the Saskatchewan rate payers at risk to cover the potential costs of SPI investments.
As a result, it is suggested SaskPower seriously consider that SPI be treated as a fully cost
accounted non-regulated company.

5.5. Depreciation

Depreciation expense is forecasted to increase by approximately $9.0 M over the 2001 forecast.
Total depreciation for 2002 is estimated at $175.1 M. It was not within the scope of this review
to undertake a depreciation study of SaskPower assets. The last depreciation study was conducted
in 1996. SaskPower is scheduled to complete a new depreciation study by November of 2001.
Without undertaking a detailed depreciation analysis or being able to review the newest
depreciation study, this review is obviously limited as to the overall reasonableness of the
depreciation value developed by SaskPower. The individual depreciation rates for assets, and
overall depreciation value, appear to be reasonable.

5.6. Corporate Capital Tax

The Corporate Capital Tax is the tax on the Capital of SaskPower. This tax rate is set at 0.6% of
“taxable paid-up capital.” There is an exemption to Corporations with capital assets less than
$10 M. SaskPower’s Paid-up Capital (PUC) is made up by adding all balance sheet liabilities with
adjustments for short-term accounts payable, and differences between amounts for book and
income tax purposes.
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SaskPower is allowed to deduct amounts, which represents capital in the form of shares or debt
that have been loaned to other corporations or government, including accounts receivable in
excess of 90 days.

In addition to the 0.6% regular rate, a resource corporation is subject to a resource surcharge. The
surcharge is 3.6% of the corporation’s value. However, a corporation is only required to pay the
greater of the regular rate or resource surcharge. Corporations that have resource sales are
required to pay tax at 3.6% of resource sales that take place in Saskatchewan.

Based on this formula and the legislated requirements, SaskPower’s Corporate Capital Tax is
estimated at $12.5 M for 2002.

5.7. Planned Maintenance

SaskPower’s planned maintenance seems to logically follow their capital spending budget. The
majority of SaskPower’s maintenance activity is in the Power Production and transmission, as
well as distribution business units. The allocation of maintenance expenditures seems reasonable
based on this review.

5.8. Summary of Issues

SaskPower Capital Costs are largely focussed on new generation facilities as well as continued
upgrading and customer connections to the transmission and distribution system. Future capital
expenditure are largely focussed on new generation projects in 2003 to 2006. This also includes a
commitment of $50.0 M/year by SaskPower as an equity position in SaskPower International
(SPI) projects and an additional $50 M/year by SPI in non-resource financing. This amounts to a
$76 M capital investment in 2002 and a budgeted $100 M/year investment commencing in 2003
(total investment to 2006 amounts to $483 M). This represents a significant commitment by
SaskPower and SPI in capital expenditures.
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SPI is currently functioning as a subsidiary to SaskPower. As such, return on equity flows
ultimately to SaskPower. Likewise, SaskPower and their rate payers would seem to absorb the
risks from investments made by SPI in new projects. It was not within the scope of this review to
attempt to rationalize budgeted capital expenditures and investments by SPI and SaskPower’s
equity commitment in SPI. This review is designed to bring to the attention of the Panel the
significant capital investments planned by SPI and SaskPower in as yet undefined projects. These
projects are not necessarily based in Saskatchewan, but represent equity positions deemed to have
potential benefits by SPI. As this is a significant departure in investing in more traditional
SaskPower-based activities, SaskPower should consider SPI investments and financing as an
independent, non-regulated, and fully cost-accounted arm of SaskPower.

Depreciation, corporate capital tax, and planned maintenance activities seem reasonable based on
this review.
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6.

6.1.

REVENUE REQUIREMENTS

General

SaskPower has identified total revenue requirements of:

$1,129 M in 2001, increase of 0.2% over 2000 actual of $1,100 M.
$1,203 M in 2002, increase of 2.6% over 2001.
$1,260 M in 2003, increase of 4.7% over 2002.
$1,283 M in 2004, increase of 1.8% over 2003.
$1,313 M in 2005, increase of 2.3% over 2004.
$1,337 M in 2006, increase of 1.8% over 2005.

These revenue requirements are based on:

6.2.

Load growth estimates of 0.4% in 2001, 3.1% in 2002, 3.3% in 2003, and 2.0% in
2004. These additional load growth demands must be largely fuelled by natural gas
generation, with estimated fuel costs in the order of ¢6/KWhr.

Summary

For 2002, the estimated increased energy requirement of 550 GWhr will result in a
net income reduction of $13 M (e.g., 550 GWhr @ ¢6.0 — ¢3.7/KWhr of cost-revenue
shortfall). A less optimistic load growth forecast of approximately 1.0% could
reduce the negative impact on net income by $8 to $10 M.

Lower hydro production — SaskPower has assumed hydro production of 3,297 GWhr in
2002. Hydro production rates are estimated in the order of 2,907 GWhr based on
November 1, 2001 updates. The difference of approximately 250 GWhr must be
made up by either gas generation or imported energy. The increase in revenue
requirements due to gas generation is 250 GWhr x (¢6/KWhr - ¢0.3/KWhr) = $14 M.
If imported energy was used, the increased revenue requirement would be 250 GWhr x
(¢4 KWhr - ¢0.3 KWhr) or $9 M. A more favourable hydraulic outlook approaching
median flows resulting in 3,550 GWhr could provide a comparable saving in the order
of $14 M.
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. Higher coal costs due to royalty increases and price escalation are expected to increase
the unit cost of thermal energy by ¢0.2/KWhr. At an average energy capability of
11,500 GWhr, this translates into a net income reduction of $23 M.

. Higher natural gas costs were a very significant factor in 2000 and 2001 when average
unit costs were 7¢ and ¢11/KWhr. The forecast for 2002 and on onward is at or
below ¢6/KWhr. As such, there is little direct impact on future net income, even
though SaskPower was impacted substantially during the past two years (e.g., as much
as $12 M in 2000 and $50 M in 2001). If supply costs for natural gas were to
drop below current prices to ¢5/KWhr, there would be a positive impact on
net income of $15 M.

. A small decline in the export market for SaskPower’s surplus power is forecasted for
2002 relative to 2001. This is expected to result in about a 10 to 15% reduction in
export revenue (e.g., $14 M) largely as a result of lower unit market prices
(10¢/KWhr down from ¢11.3/KWhr). Further similar reductions in future years are
forecasted.

] Higher import prices and lower import availability are forecasted for power supply.
Average import prices are expected to rise to ¢6/KWhr in 2002 (from ¢3.95/KWhr in
2001), then drop to ¢5/KWhr in 2003. Import power is to drop to 50% of average
for last three years because at ¢6/KWhr, it does not really compete with gas
generation. The ¢2/KWhr unit price increase raises revenue requirements by $18 M.
If on the other hand average import prices remain at 4¢, imported energy
might rise by 500 to 1,000 GWhr to 2001 levels (displacing gas generation)
and result in a rise in net income of $10 to $20 M.

= Increasing operations, maintenance, and administration costs (salaries/inflation/etc.)
are expected to rise from $262 M in 2000, $273 M in 2001, $284 M in 2002, $293
M in 2003, $301 M in 2004, $310 in 2005, and $320 M in 2006. This represents a
4% increase in 2002, with subsequent increases declining to 3%=. This cost will
remain constant at ¢1.62/KWhr of energy sold. A productivity gain of 2%, if
achieved, would provide approximately $5 M in net income gain.
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. Increasing depreciation charges. Due to substantial capital works in 1999 and 2000,
SaskPower’s depreciation charges have increased by $9.0 M in 2002. Some of this
relates to capitalized interest charges during construction, but is first being paid in the
upcoming year. These charges essentially flow out of past year’s
commitments and therefore cannot be adjusted in the short-term. In the
long-term, the currently forecasted capital works may require scrutiny,
because these will eventually lead to requests for rate increases.

. Increasing finance costs. SaskPower anticipates that because of previous debt
reduction measures and low current interest rates, financing costs will be held constant
or may be reduced. However, the recent and forecasted capital programs (particularly
the SPI investments) will result in increasing debt levels in the short-term and, in the
longer-term, increased interest payments. Again, there is no opportunity for
short-term adjustments to reduce revenue requirements. In the long-term,
it is important to examine the level of capital expenditures/investment.

. SPI’s investment program has had only modest, if any, impacts to date on
SaskPower’s net income. However, the addition of $50 M/year over the next five
years will progressively increase debt levels and financing charges. By 2000,
SaskPower’s revenue requirements to service this debt must rise by $28 to $30 M/year.
Given SaskPower’s current situation, it may be appropriate to defer/extend
this SPI investment process. A one-year delay would potentially reduce
revenue requirements in 2002 by $1.5 M and by $3.0 M in 2003.

= Return on Equity Issues. SaskPower has made a strong case for retaining the current
Return on Equity target of 10%, even though current interest rates point to lower
expectations in the years to come. The corporation operates in more volatile
sections of the energy market than do BC Hydro, Manitoba, or Quebec Hydro, whose
cost side is relatively stable. In the last five years, SaskPower has achieved and
exceeded its current return on equity target of 10%, four times (1996, 1997,
1998, and 2000). In the other two years (1999 and 2001), it has fallen short of
target, quite substantially in 2001, primarily as a result of lower hydro
generation capability leading to gas consumption at high unit costs and to
increased imports/reduced exports. Over the six-year period, the average
rate of return on equity was just under 10%.
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SaskPower’s net income forecasts for the next five years appears to be premised on achieving an
average of 9.8% return on equity. Toward this end, they have requested a 5.41% increase as of
December 1, 2001 and suggest a further increase of 1.99% for 2003. In general, based on
SaskPower’s assumptions, the proposed revenue requirements appear appropriate.

However, based on revised assumptions indicated from the above analysis, the following scenarios
outlining potential savings should be achievable:

Scenario 1: . 1.5% Economic Growth
. 906 GWhr of Imported Power
. Gas Purchase Savings
. Shortfall in Hydraulic Power Production is made up with Imports

(approximately 3,297 GWhr — 2,907 GWhr = 390 GWhr)

For this scenario, it is assumed the savings as a result of slower economic growth (of 250 GWhr) is
accrued to gas generation resulting in approximately 1,300 GWhr of gas generated power supply
in 2002.

Savings from reduced economic growth =250 GWhr x (¢6/KWhr - ¢3.7/KWhr) = $5.75 M say $6.0 M
Gas savings = 1300 GWhr x (¢1/KWhr saving) = 13.0 M
Imported power savings =906 GWhr x (¢2/KWhr saving) = 18.0 M
Additional imported power costs for =390 GWhr x (¢4/KWhr) = -15.0 M
hydraulic energy shortfall

Total Savings $22 M
Scenario 2: Same as Scenario 1, except imported energy is increased to approximately

1,400 GWhr to replace costlier gas generation.

Savings from reduced economic growth =250 GWhr x (¢6/KWhr - ¢3.7/KWhr) = $5.75 M say $6.0 M
Import 1,400 GWhr = 1,400 GWhr x (¢2/KWhr saving) = 28.0 M
Gas savings =800 GWhr x (¢1/KWhr saving) = 8.0 M
Additional imported power costs for =390 GWhr x (¢4/KWhr) = -15.0 M
hydraulic energy shortfall

Total Savings $27 M
Scenario 3: Same as previous scenario, except now SaskPower imports 1,900 GWhr.

Savings from reduced economic growth =250 GWhr (¢6/KWhr - ¢3.7/KWhr) = $5.75 M say $6.0 M
Import 1,900 GWhr = 1,900 GWhr (¢2/KWhr saving) = 38.0 M
Gas savings =300 GWhr (¢1/KWhr saving) = 3.0 M
Hydraulic energy shortfall is made up =390 GWhr (¢5/KWhr) = -19.0 M
by gas generation at ¢5/KWhr

Total Savings $28 M
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The above scenarios illustrate potential savings of $22 M to $28 M based on:

* Lower economic growth.

* Greater emphasis on import power during off-peak times.
* Potential gas savings.

* Changes in system operation.

* Unfavorable hydro generation conditions.

In addition to the above three scenarios, the following additional savings could be accrued:

* QOperation, Maintenance, and Administration — A productivity increase of 1% would result
in a net savings of approximately $1.0 M.

* Timing of Capital Expenditures — A delay of expenditure in capital investments could
result in a savings of $2.5 M.

* Actual financing charges related to new investments could be reduced by $1.5 M to reflect
recent interest rate reductions.

From the foregoing, it appears that with the proposed rate scenarios, SaskPower’s net revenues
could increase by at least $27.0 M. Our recommendation would be to consider reducing the rate
increase by a similar or lesser amount. A $20 M reduction would be readily achievable.
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7. REVENUE TO REVENUE REQUIREMENT RATIOS

7.1.

Impacts on Various Customer Classes

SaskPower has provided data on the revenue to revenue ratios for the various customer classes at
The following table illustrates the wide range of
individual customer impacts as defined in Appendix I of the Rate Proposal.

existing rates and at the proposed new rates.

These rate changes were based on an overall approach stipulated by SaskPower, namely:

. Classes above 1.0 R/RR would stay the same or move to a lower RR.
= Classes below 1.0 R/RR would be increased on a levelized basis to minimize impacts and
the manufacturing sector would be targeted for a larger increase in order to move it

closer to target.

. No classes currently below 1.0 R/RR would be moved above unity.
. Increases would be limited to 10% above class average for any one customer.

Table 7.1: Year 2002 Rate Change & R./R.R. Ratios

Year 200,2 Year 200_2 Proposed % |Probable Range
Class of Service R/Rl? R.atlo R/RR Ratio Increase within | of Increases %
(Existing | (Proposed Class Within Class
Rates) Rates)
Urban Residential 0.97 0.98 7.1% 4.85 to 7.9
Rate Code EO1 — City 0.97
Rate Code E02 — Town, Village, Urban Resort
Rural Residential 0.90 0.94 10.0% 7.97 to 19.79
Rate Code E03 — Rural, Rural Resort 0.90
Farms 0.96 0.98 8.0% 2.14 to 17.49
Rate Code E19 — Farm — SP Transformers 0.79
Rate Code E34 — Farm 0.97
Rate Code E41 — Interruptible (Mains) 0.97
Rate Code E42 — Interruptible (Pivots) 0.79
Small Comm. — Urban 1.02 1.01 5.0% -15.30 to 14.99
Rate Code E75 — GSS — SP Transformers 1.02
Rate Code E77 — GSS — Customer Transformers 1.02
Rate Code E85 — CS/SP — SP Transformers 1.02
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Year 200,2 Year 200,2 Proposed % |Probable Range
. R/RR Ratio| R/RR Ratio er s
Class of Service L. Increase within | of Increases %
(Existing | (Proposed Class Within Class
Rates) Rates)

Rate Code E87 — BS/SP — Customer Transformers 1.02

Small Comm. — Rural 0.95 0.97 8.0% 0.01 to 17.64

Rate Code E76 — GSS — SP Transformers 0.95

Rate Code E78 — GSS — Customer Transformers 0.95

Rate Code E86 — GS/SP — SP Transformer 0.95

Rate Code E88 — GS/SP — SP Transformer 0.95

Gen. Service — Urban 1.03 1.03 5.0% -6.60 to 14.79

Rate Code E05 — GSL — SP Transformers 1.03

Rate Code E07 — GSL — Customer Transformer 1.04

Rate Code E15 — GS — Other Unmetered 1.01

Rate Code E16 — GS — Other — Power Supply Units 1.01

Rate Code E17 — GS — Other Cable Television 1.01

Rate Code E18 — GS — LS — SP Transformers 1.01

Rate Code E95 — GS/LP — SP Transformers 1.03

Rate Code E97 — GS/LP — Customer Transformer 1.04

Gen. Service — Rural 1.01 1.01 6.0% -0.41 to 15.73

Rate Code E06 — GSL — SP Transformers 1.03

Rate Code E08 — GSL — Customer Transformer 0.98

Rate Code E10 — GSL — Customer Transformer 0.94

Rate Code E12 — GSL — Customer Transformer 0.97

Rate Code E90 — GS/LP — Customer Transformer 0.94

Rate Code E92 — GS/LP — Customer Transformer 0.97

Rate Code E96 — GS/LP — SP Transformers 1.03

Rate Code E98 — GS/LP — SP Transformers 0.98

Manufacturing — Small 0.82 0.86 12.0% -7.08 to 21.99

Rate Code E60 — MFP — Customer Transformer 1.08

Rate Code E65 — MFP — SP Transformer 0.87

Rate Code E66 — MFP — SP Transformer 0.80

Rate Code E67 — MFP — Customer Transformer 0.83

Rate Code E68 — MFP — Customer Transformer 0.64

Rate Code E69 — MFP — Customer Transformer No Customers

Manufacturing — Large 0.83 0.89 12.0 4.54 to 19.15

Rate Code E62 — M/FP — 25 KV Customer Transformer 0.80

Rate Code E63 — M/FP — 72 KV Customer Transformer 0.89

Rate Code E64 — M/FP — 138 KV Customer 0.79

Transformer

Power — Published Rates 1.04 1.03 4.0% 1.40 to 7.86

Rate Code E22 — Power — 25 KV 1.00

Rate Code E23 — Power — 72 KV 1.06

Rate Code E24 — Power — 138 KV 1.06

Rate Code E46 — Power — 230 KV No Customers

Oilfields 1.13 1.11 4.0% -1.67 to 13.96

Rate Code E20 - 1.13

Streetlights — S01 to S23 1.12 1.11 4.0% N/A

Reseller 0.95 1.00 10.0% N/A

Rate Code E32 — Swift Current — 72 KV 0.96

Rate Code E33 — Swift Current and Saskatoon — 138 0.95

KV
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SaskPower’s proposal will see a 5.4% increase overall for its full slate of customers. If the key
account contract customers are excluded, the average increase for the balance of customers is
6.8%.

Based on the proposal, urban customers, not including Saskatoon and Swift Current, will see
average rate class increases of 5% to 7%. Non-urban customers and Saskatoon/Swift Current will
see rate increases that average 8% to 10% on a class basis. These changes reflect the fact that the
R/RR for rural customers were in the 0.86 to 0.96 range. These values suggest that urban
customers have, in the past few years, been paying at least their full share of costs, while rural
customers have been paying less than their full share of costs.

Within the urban residential classes, proposed rate changes will result in individual customer rate
increases between 5% and 7%. Such a narrow range is unusual when a rate rebalancing process is
taking place. However, urban commercial will see rate changes between —15% and +15%; this
extreme variation is also unusual and could be viewed as inappropriate.

Within the rural/manufacturing/industrial classes, proposed rate changes vary from 8% to 12%
(class average). This is intended to move R/RR upward by 0.04 to 0.06 for these classes.

However, the variability of individual customer rate increase is much larger for rural and industrial
than for the urban group. Some customers will experience rate increases as high as 22%, while
others will see rate decreases of up to 7%. This broad variation in rate change could be considered
excessive.

Overall, there appears to have been a general trend by SaskPower towards increasing the fixed cost
portion of a customer’s bill (e.g., basic monthly charge and/or demand charges), and reducing the
customer’s sensitivity to energy consumption. This, in conjunction with the historical
significantly lower charges for second block energy, does not provide any great incentive for
energy conservation.

Within the current rate Proposal process, there has been insufficient time and opportunity to
fully address the specific goals, allocation methodology, and progressive results of the four-year
rate rebalancing venture. It is suggested that SaskPower undertake a detailed Cost of Service Study
well in advance of the next rate increase Proposal (which has been indicated for 2003). This
would permit a proper vetting of the objectives/reasonableness of the rebalancing process.
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8. RATE COMPARISONS

SaskPower rate structure as of July 2001, provided Saskatchewan consumers (e.g., Regina with
power bills at the following percentages of other utilities (Appendix C of Rate Proposal).

Table 8.1: Typical Electricity Bill Comparisons

ity of E
Service Manitoba Hydro l\f«:(ti)i,c(i)ne ATCO (Edll;)lf)jl(:fon) Enmax BC

(Winnipeg) Hat (Alberta) (Calgary) Hydro
Residential 148% 120% 64% 109% 98% 147%
Small Commercial
*  Non-Manufacturing 124% 91% 54% 86% 83% 137%
*  Manufacturing 117% 86% 52% 82% 79% 130%
Medium Commercial
*  Non-Manufacturing 130% 98% 53% 75% 75% 116%
*  Manufacturing 121% 91% 49% 70% 70% 108%
Standard Commerecial
*  Non-Manufacturing 147% 126% N/A N/A N/A 151%
*  Manufacturing 117% 83% N/A N/A N/A 119%
Standard Grain Farm 131% 100% 97 — 116% 62 —79% N/A 144%
Large Grain Farm 120% 89% 73% N/A N/A 122%
75 KV Farm
*  Non-Manufacturing 139% 120% N/A N/A N/A 130%
*  Manufacturing 119% 103% N/A N/A N/A 111%

ot surprising, SaskPower rates are not competitive wi anitoba or utilities. ey are

Not surp g, SaskP t t petit th Manitob BC utilit They

however marginally competitive with the City of Medicine Hat in most service classes. As such,
the proposed rate may have some impact on export prospects. However, SaskPower enjoys a
substantial rate advantage over ATCO and EpCor, which should allow for continued power export
at least in the short-term.

Within Saskatchewan, some electricity consumers are likely to see the proposed rate increases as
an increasing economic disadvantage to residing/operating businesses in the province. SaskPower
is already viewed as a high-price provider of electricity. These rate changes, driven in part by
SaskPower’s increasing reliance on natural gas as the fuel for on-peak, as well as off-peak power,
will stand to confirm this viewpoint.
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9.

9.1.

SUMMARY AND CONCLUSIONS

Revenue Requirements

SaskPower’s Rate Proposal of October 2001 has requested an average rate increase of 5.4%
(6.8%, excluding contracts) commencing December 1, 2001 and running through the Year 2002.
This increases translates into a revenue increase of $56 M for the Year 2002.

SaskPower has provided substantial documentation to support this revenue requirement. Specific
elements that have been suggested as primary contributors to the requested amount are:

Load growth of 3.1% in 2002, which when supplied by high price natural gas, could result
in an increased cost/shortfall of $13 M.

Lower hydro production than normal (median), which when offset by higher priced natural
gas generation, could increase costs by $14 M.

Higher coal costs due to royalty increases and price escalations could increase costs by
$23 M.

Higher natural gas costs in 2000 and 2001 probably cost SaskPower $12 M and $50 M,
respectively. Current gas prices are to a large degree set for 2002, but with slumping
prices in late 2001, it is difficult to translate this into an increased cost for 2002.

Export electricity sales are expected to decline in quantity and unit price for 2002, with a
potential 10% reduction in revenue of $10 M.

Import electricity prices will rise for 2002 and use of import power will be reduced. The
cost of natural gas-fired generation to compensate could be in the order of $18 M.
Operating, maintenance, and administration costs are expected to rise by $13 M in 2002,
but spread over a large energy load will mean the unit cost remains unchanged.
Depreciation charges in 2002 will be up by $9 M.

Financing charges in 2001 will remain constant for 2002.

Losses/debt charges flowing from SaskPower International would add $1 M to $2 M to
2002 costs.

Assuming all of the above assumptions are valid, these items would theoretically add significantly
to SaskPower’s revenue requirements. However, they are not directly additive and could
realistically equate to $40 to $60 M. As such, they appear to support the $56 M additional
revenue requirement identified by SaskPower.
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However, it is reasonable to re-examine some of the foregoing assumptions. Based on our review
and consideration of recent economic circumstances, we are recommending the following
alternative short-term scenarios be considered:

* Load Growth — Recent events and economic forecasts would suggest that SaskPower’s
3.1% energy load growth in 2002 is too optimistic. An assumed growth rate of 1.0 to
1.5% would reduce the projected revenue requirement by $6 to $10 M.

*  Hydro Power Availability — A more favourable outlook of normal flow conditions would
reduce the revenue requirement by approximately $14 M. Conversely, a less favourable
outlook could increase the requirement for gas-fired generation and associated cost
increases of approximately $14 M.

* Higher Coal Costs — Because there are consequences of higher taxes and already negotiated
price escalations, no change in additional revenue requirement is likely.

* Higher Natural Gas Costs — Recent declines in the price of natural gas would suggest that
SaskPower’s actual costs in 2002 could be as much as ¢ 1/KWhr lower than indicated in the
Rate Proposal. This could equate to a reduction in revenue requirements of approximately
$15 M, assuming the indicated gas generated energy is actually used.

*  Export Electricity Costs — A more optimistic viewpoint would suggest that export prices
will remain constant with continuing good sales assuming that Alberta’s energy needs and
current high prices will only drop gradually from their current high levels. This would
suggest that an anticipated revenue drop of $15 M in 2002.

*  Higher Import Prices/Lower Power Availability — The current economic situation suggests
that a more optimistic view of potential import power may be warranted. SaskPower’s
interconnections to the US Basin and Manitoba do have significant capabilities for import
of power at levels three times SaskPower’s 2002 forecast. Prices in Manitoba for off-
peak power have been running in the ¢2.5-¢3.0/KWhr range. This is significantly lower
than the average import price paid by SaskPower in 2001 of ¢3.95/KWhr and
considerably lower than the ¢6/KWhr forecast by SaskPower. This 2001 scenario suggests
that SaskPower could reduce costs by at least $18 M in 2002 by increased focus on import
power relative to natural gas generation.

* Increased Operation/Maintenance/Administration Costs - Past performance by SaskPower
suggests that higher productivity is achievable. For 2002, with the recent introduction of
Queen Elizabeth Gas Turbines, Meridian Co-generation, and Cory Co-generation, it is
likely that short-term gains are possible.

* Increased Financing Costs — SaskPower’s forecast of little or no increase in financing
costs for the Year 2002 is probably appropriate. However, the longer-term implications
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of investments in SPI or other generation facilities may see a significant increase in
financing costs two to four years from now.

* Depreciation — Forecasts provided by SaskPower suggest that the depreciation expense will
rise by $9.0 M in 2002, presumably reflecting the addition of the Cory facility. If the
overall capital program, including SPI ventures taking place, the future depreciation
charges will rise significantly.

* SPI Ventures — SaskPower forecasts suggest that capital investments inside Saskatchewan
and elsewhere may add $483 M to the long-term debt by 2006. The result would be
interest charges of $30 M/year at that time. This level of financing cost increase will be
difficult to absorb if SaskPower’s financial situation is below target in 2002.

This review examined a number of operational scenarios which demonstrated potential savings.
These scenarios assumed a 1.5% economic growth rate, a shortfall in SaskPower’s hydraulic power
production of 390 GWhr due to lower water levels, and various increases in the amount of
imported energy. Based on this analysis, savings of $27 M to $33 M could be achieved. Our
recommendation would be to consider reducing the requested increase by a similar or lesser
amount. A $20 M reduction from the requested $56 M should be readily achievable.

9.2. Revenue to Revenue Requirement Issues

It is apparent that SaskPower is faced with a serious problem, probably not of their making, in the
area of revenue/cost relationships for different rate classes and subgroups. Rate balancing, as per
their four-year program, is an essential operation.

However, this is complicated by the large discrepancy of R/RR within rate classes. In the absence
of a detailed Cost of Service Study, it is not possible to suggest specific modifications to
SaskPower’s proposed rate schedule.

However, our view is that the proposed rate structure is attempting to move costs from a unit of
energy basis to a front end/demand charge scenario. Consequently, high load factor customers will
pay comparatively less than low load factor customers. It also benefits high energy users,
particularly those using second block energy at significantly lower unit costs.  Energy
conservation does not appear to have a high priority.

The current review did not have the time frame required, sufficient detailed data, or rate history
available to venture specific opinions on the reasonableness and fairness of the currently proposed
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rebalancing exercise. It would require a much more detailed in-depth study outside of a rate review
to adequately address these issues.

To arbitrarily place tighter constraints on the range of increase would not correct imbalances
which currently exist, but rather perpetuate these.

9.3. Comparative Costs

SaskPower’s proposed rate increases do not appear to significantly harm its position in the
import-export market. They do however perpetuate the Province’s image as being a high energy
cost jurisdiction.

For the domestic customers, the rate increases are no doubt unwelcome for all rate classes. They
will be particularly unwelcome for manufacturing and food process customers who must compete
in the non-Saskatchewan market as goods and services providers.

9.4. Recommendations for Required Studies

SaskPower should carry out a detailed Cost-of-Service study, which examines the specific way in
which SaskPower’s cost allocation methodology is applied, the parameters and controls that are
used, and the acceptable degree of rate rebalancing measures that should be implemented. This
should be undertaken within the next six months in order to permit a Rate Panel Review well in
advance of the next rate increase proposal.

SaskPower’s soon to be completed Depreciation Study should be forwarded to the Rate Review
Panel for its review as soon as possible and certainly no later than mid-summer 2002.

SaskPower should seriously examine its future business relationship with SaskPower International
with a view to moving SaskPower International’s financial consequences from the responsibility
of the SaskPower rate payer. It would also be useful to reflect on the perceived issue of
conflicting business interests of the two organizations in selecting power supply strategies.
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STATE OF MINNESOTA

OFFICE OF ADMINISTRATIVE HEARINGS
FOR THE
PUBLIC UTILITIES COMMISSION

In the Matter of the Application of Northern MPUC Docket No. E002/GR-08-1065
States Power Company d/b/a Xcel Energy for OAH Docket No. 3-2500-20148-2
Authority to Increase Rates for Electric Service

in Minnesota

INITIAL BRIEF OF THE OFFICE OF THE ATTORNEY GENERAL
1. INTRODUCTION

The Office of the Attorney General - Residential and Small Business Utilities Division
(“OAG”) respectfully submits its Initial Brief addressing Northern States Power Company d/b/a
Xcel Energy's (“NSP”) request for an approximately $156 million increase in rates for electric
service in Minnesota. NSP and the OAG were able to resolve several issues throughout the
pendency of this rate case review; however, significant issues that needlessly inflate NSP’s
requested rate increase remain for Commission consideration. This Brief will address both the
resolved and contested issues on which the OAG has taken a position and request that the
Commission:

e Approve the proposed Fuel Clause Adjustment Incentive Settlement offered by NSP.

e Approve NSP’s proposed Employee Expense Compliance Plan.

e Approve the OAG’s proposal for establishing the appropriate test year level of rate case
expenses.

e Reject NSP’s proposed change in accounting for nuclear refueling.



e Reject NSP’s current corporate cost three factor general allocator and require NSP to
implement the Commission’s preferred general allocator.

e Reject NSP’s proposed Nuclear Plant Rate Stability Proposal.

e Approve a revenue allocation that assigns the same percentage rate increase to all rate
classes.

II. PROCEDURAL HISTORY

On November 3, 2008, NSP filed its electric general rate case requesting a final base rate
increase of $156.065 million, or approximately 6.05 percent annually. As part of that filing,
NSP requested an interim rate increase of $155.103 million or approximately 6.0 percent over
existing rates. The Commission met on December 16, 2008 to consider this matter. On
December 23, 2008, the Commission issued an Order approving a lesser interim rate increase of
$132.221 million, effective January 2, 2009."

In a separate, contemporaneous Order, the Commission accepted NSP’s November 3,
2008 filing as substantially complete as of the date it was filed and suspended NSP’s request for
a final rate increase, pending its investigation into the merits of NSP’s request.” In a third Order

issued that same day, the Commission referred the matter to the Office of Administrative

" ORDER SETTING INTERIM RATES, In the Matter of the Application of Northern States
Power Company d/b/a Xcel for Authority to Increase Rates for Electric Service in Minnesota,
Docket No. E002/GR-08-1065 (Dec. 23, 2008).

> ORDER ACCEPTING FILING, SUSPENDING RATES, AND REQUIRING FILING OF
WAIVER, In the Matter of the Application of Northern States Power Company d/b/a Xcel for
Authority to Increase Rates for Electric Service in Minnesota, Docket No. E002/GR-08-1065
(Dec. 23, 2008).



Hearings for a contested case proceeding and gave Notice regarding the preliminary hearing to
be held in that proceeding.’

Public hearings were held at eight locations throughout NSP’s service territory between
April 13, 2009 and April 29, 2009. Prefiled testimony was submitted by NSP, the Office of
Energy Security (“OES”), the OAG, the Commercial Group,* Xcel Large Industrials (“XLI”),
the Minnesota Chamber of Commerce (“MCC”) and the Suburban Rate Authority (“SRA”™).
Administrative Law Judge (“ALJ”) Kathleen Sheehy conducted evidentiary hearings between
June 2 and 9, 2009.

A. Resolved Issues

The OAG’s Direct,” Rebuttal” and Surrebuttal® testimony identified and addressed a
number of concerns with NSP’s initial rate increase petition. While many of these issues remain
contested, some of the concerns were resolved between NSP and the OAG through testimony
and/or proposed settlements filed for the ALJ’s and Commission’s approval. The OAG briefly
addresses the issues that it considers resolved.

1. The OAG’s recommendation for a cap on fuel and purchased power
costs.

In the 2009 test year, NSP will automatically recover in rates approximately $1 billion of

fuel and purchased power costs annually, an increase in automatic recovery of approximately

* NOTICE AND ORDER FOR HEARING, In the Matter of the Application of Northern States
Power Company d/b/a Xcel for Authority to Increase Rates for Electric Service in Minnesota,
Docket No. E002/GR-08-1065 (Dec. 23, 2008).

* The Commercial Group is an association of large commercial customers including but not
limited to Best Buy Co., Inc., Macy’s, Inc., Sam’s West, Inc., Target, Inc., and Wal-Mart Stores
Inc.

> XLI is a group of large industrial customers comprised of Flint Hills Resources, Gerdau
Ameristeel Corporation, and Marathon Petroleum Company, LLC.

° Ex. 66.

TEx. 67.

* Ex. 68.



$110 million over 2008.° These costs will be automatically passed to customers through an
automatic adjustment, the fuel clause adjustment (“FCA”) and collected through customers’ bills
each month." The costs that are automatically recovered by NSP are not investigated in a rate
case proceeding and therefore the revenues associated with these costs are not investigated in this
proceeding. Because an increasing percentage of NSP’s revenues are being generated through
automatic recovery of costs, including the FCA, and are not subject to investigation as part of a
rate case proceeding, the OAG recommended instituting a 3 percent cap on NSP’s proposed fuel
and purchased power costs in order to create an incentive for NSP to minimize or otherwise

manage its costs for fuel and purchased power."

NSP generally supported the concept of FCA
incentives, but argued that an incentive mechanism should be considered outside of a rate case
and should be applied to all electric utilities, not just NSP."

In an effort to remove this issue from this rate case proceeding, NSP proposed a FCA
Incentive Settlement.”* Pursuant to the FCA Incentive Settlement, NSP commits to file a FCA
incentive proposal in Docket No. E999/CI-03-802 (an open docket investigating the FCA) for
consideration by all stakeholders and for potential implementation by all electric utilities."
NSP’s proposal will include a provision that provides positive and negative financial
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consequences for controlling fuel and purchased power costs,” similar to the mechanism that

Wisconsin employs, which the OAG discussed in its Direct Testimony.'® NSP will file its

* Ex. 66, Lindell Direct at 13 and JJL-2.

1d. at7.

"1d. at 10

> Ex. 49, Beuning Exhibit SJB-4, Supplemental Pre-Filed Comments in Response to Surrebuttal
Testimony and Settlement Discussions at 4.

P Ex. 49 at Schedule 1 (“Proposed FCA Incentive Settlement”).

“1d.

5 Id.

s Ex. 66, Lindell Direct at 11-13.



proposal within 90 days of the Commission’s final Order in this proceeding. In exchange for
NSP’s commitment to provide a FCA incentive proposal in the alternative docket, the OAG
agrees to withdraw its proposal for a 3 percent cap on fuel and purchased power costs in this
proceeding. The OAG may; however, pursue the cap in the alternative FCA docket, Docket No.
E999/CI-03-802, for application to all electric utilities.

The OAG agrees that the open FCA investigation docket provides an appropriate
alternative forum to address the OAG’s concerns related to the management of costs that are
automatically passed through the FCA. The OAG believes it is appropriate for all interested
parties to work to develop appropriate incentives to ensure that fuel and purchased power costs
are adequately managed and all electric ratepayers are protected with appropriate cost controls.
NSP’s commitment to timely file a FCA Incentive proposal in Docket No. E999/CI-03-802 will
initiate the development of an appropriate mechanism in that docket. Therefore, the OAG does
not object to deferring this issue to Docket No. E999/CI-03-802 for further development.

2. NSP’s travel, entertainment and related employee expenses.

The OAG raised numerous concerns related to Xcel Energy’s excessive expenses for
travel, entertainment and related employee expenses, particularly those incurred by Xcel’s top
employees, its Officers and members of the Board of Directors.” Many of these excessive
corporate expenses, including extravagant hotel fees, expensive restaurant tabs, personal gifts,
sporting event tickets and golf expenses were allocated to Xcel Energy’s Minnesota regulated
utility, NSP-Minnesota, and included on the regulated books of the Minnesota operation to be
recovered through NSP’s Minnesota electric rates. The OAG objects to rate recovery of these
excessive expenses because they are neither reasonable nor necessary in the provision of electric

utility service in Minnesota.

7Ex. 66, Lindell Rebuttal at 2-23, JJL-1, JJL-2 and JJL-3.



As a result of the OAG’s review into Xcel Energy’s corporate expenses, NSP agreed to
exclude approximately $3.862 million from its revenue requirement for the purposes of the rate

case.'®

This revenue requirement adjustment includes, among other things, an exclusion of
approximately $437,000 in executive expenses, $300,000 related to purchases of sporting tickets,
significant adjustments associated with capping meals at $200 per transaction regardless of how
many people attended the meal and a $150 per night cap on hotel stays. The $3.862 million
revenue requirement adjustment does not necessarily address all expenses that the OAG
characterizes as improper, but given the time constraints of this rate case proceeding and the
amount of resources of both NSP and the OAG that would be necessary to conduct further
review, the adjustment resolves this issue for the purpose of this rate case proceeding.

In addition to the $3.862 million reduction to the rate case revenue requirement, NSP
offers an “Employee Expense Compliance Plan”" to improve its employee and Board of
Director expense policies going forward. As part of the Compliance Plan, NSP commits to
perform a comprehensive review of its policies to determine where changes are necessary to
better manage its overall costs.”” The Compliance Plan requires the Company to provide the
OAG and any other interested stakeholders a copy of its proposed policies for employee
expenses, as well as its proposal for the appropriate regulatory accounting treatment of those
expenses. The policies will include direction on how certain expenses will be treated in

subsequent rate proceedings.”’ After receiving feedback from the OAG and other interested

stakeholders, the Company will submit a filing to the Commission to initiate a full review and

8 Ex. 17, Heuer Public Surrebuttal at 33.

1 Ex. 45, Heuer Supplemental Pre-Filed Comments in Response to Surrebuttal Testimony and
Settlement Discussions at Exhibit ___ (AEH-4), Schedule 2 (“Compliance Plan”).

*Ex. 8, Sparby Surrebuttal at 3.

*' Compliance Plan.



comment process of the appropriateness of the revised employee expense policies and the
Company’s corresponding proposed regulatory accounting treatment.” The filing will outline
how those expenses that are included in rates are reasonable and necessary for the provision of
utility services for Minnesota ratepayers.”

In addition to the $3.862 million revenue requirement adjustment and the proposed
Compliance Plan, NSP commits to make the same adjustments to employee and Board expenses
that it agreed to in this proceeding in all future natural gas or electric rate case proceedings that
may be filed before the results of the new policies are incorporated in future budgets.*

NSP’s $3.862 million reduction to its revenue requirement, combined with its
Compliance Plan and a commitment to make consistent adjustments to any subsequent natural
gas or electric rate case proceeding that may be filed before the results of the new policies are
incorporated in future budgets are necessary to attempt to address the OAG’s concerns related to
Xcel Energy’s travel, entertainment and other corporate expenses. The $3.862 million rate case
adjustment works to eliminate excessive expenses that inflated test year revenue requirement
numbers and the accompanying Compliance Plan provides a forum to review and rework, where
necessary, NSP’s revised employee expense and related policies to ensure that in the future
ratepayers are responsible for only those expenses that are reasonable and necessary for the
provision of utility service to Minnesotans. The commitment to make consistent adjustments to
any subsequent natural gas or electric rate case proceeding that NSP may file before the results
of the new policies are incorporated in future budgets provides all parties and the Commission

some assurance that the same level of excessive expenses will not be included in subsequent

21d.
2 Id.
» Ex. 8, Sparby Surrebuttal at 4.



filings. The OAG respectfully requests that the ALJ and Commission approve NSP’s proposed

Compliance Plan.

3. The exclusion of unamortized rate case expenses.

In its initial filing, NSP proposed test year rate case expenses that would recover previous
unamortized rate case expenses of $99,000 plus an additional $397,000 for the current case.”
The OAG and the OES objected to NSP’s attempt to recover unamortized rate case expenses
from NSP’s previous rate case.” In Rebuttal, NSP agreed to no longer seek annual recovery of
$99,000 in unamortized rate case expense.” NSP’s voluntary adjustment resolves this previously
contested issue.

B. Contested Issues

Many issues that the OAG identified in NSP’s rate increase petition remain contested.
The OAG’s remaining contested issues include: (1) NSP’s request for a change in accounting
for nuclear refueling expenses; (2) the appropriate test year level of rate case expenses; (3) the
appropriate corporate cost general allocator consistent with the Commission’s directives
articulated in Docket No. E,G-999/CI-90-1008;* (4) NSP’s request for approval of its Nuclear
Plant Rate Stability Proposal; and (5) the appropriate revenue allocation of any approved rate
increase.

The OAG addresses each remaining contested issue below.

» Ex. 13, Heuer Direct at 103-104.

2 Ex. 66, Lindell Direct at 48, Ex. 103, Lusti Public Direct at 14-16.

T Ex. 15, Heuer Public Rebuttal at 50-51.

* ORDER SETTING FILING REQUIREMENTS, In the Matter of an Investigation into the
Competitive Impact of Appliance Sales and Service Practices of Minnesota Gas and Electric
Utilities, Docket No. G,E-999/CI-90-1008 (September 28, 1994).



I11. ARGUMENT
A. Burden of Proof

The Legislature has conferred upon the Commission the duty to protect the public interest
by ensuring just and reasonable rates for utility service.” The goal of the Commission’s rate
case process is to arrive at just and reasonable rates and it is NSP’s burden to demonstrate that its
demand for an approximately $156 million rate increase is just and reasonable.” Any doubt as to
the reasonableness of any rate demanded must be resolved in favor of the consumer.”

The Minnesota Supreme Court has instructed that the utility requesting a rate increase
must prove the facts necessary to sustain its burden by a “fair preponderance” standard.”> The
Supreme Court further instructs that when weighing the evidence submitted in a rate case
proceeding, the Minnesota Public Utilities Commission:

“is not so much concerned with the sufficiency and credibility of the evidence, as

it is concerned with whether the evidence submitted, even if true, justifies the

conclusion sought by the petitioning utility when considered together with the

Commission’s statutory responsibility to enforce the state’s public policy that

retail consumers of utility service shall be furnished such services at reasonable

rates.”*

It is with this backdrop that NSP’s $156 million increase request is evaluated.

* Minn. Stat. § 216B.03. See also ORDER ACCEPTING OFFER OF SETTLEMENT, In the
Matter of a Petition by the U.S. Department of Defense, the General Services Administration,
and All Other Federal Executive Agencies of the United States Challenging the Reasonableness
of the Rates Charged by Northwestern Bell Telephone Company, Docket No. P-421/CI-86-364
(February 10, 1988) at 3.

* Minn. Stat. § 216B.16, subd.4 (2008) (“The burden of proof to show that the rate change is just
and reasonable shall be upon the public utility seeking the change.”)

' Minn. Stat. § 216B.03 (2008).

2 In the Matter of the Petition of Northern States Power Company for Authority to Change its
Schedule of Rates for Electric Service in Minnesota, 416 N.W.2d 719, 722 (Minn. 1987).

B Id.



B. NSP’s Proposed Change In Accounting For Nuclear Refueling

1. NSP seeks to recover nuclear refueling expenses through the deferral
and amortization method instead of the direct expense method.

NSP owns and operates three nuclear energy generating plants in Minnesota — Prairie
Island Units 1 and 2 and Monticello. These reactors must be refueled on a regular basis because
the nuclear fuel becomes spent over time. Because the reactors are out of service during
refueling, NSP takes those opportunities to perform necessary repairs and inspections. Typical
work performed during these outages includes replacement of fuel assemblies, inspections to
ensure safety, tests and maintenance that cannot be performed when the reactors are operational,
and other repairs.” Each reactor requires refueling every 18 to 24 months.

In its petition, NSP requests Commission approval to recover its nuclear refueling
expenses using the deferral and amortization accounting method that the Commission allowed
for financial reporting purposes in Docket No. E 002/M-07-1489, rather than the direct expense
method NSP currently employs. Unlike the direct expense method, where nuclear refueling
expenses are reported in the period they are incurred, under the deferral and amortization method
these expenses would not be reported as an expense in the period in which they are incurred (i.e.,
deferral), but instead would be spread over the period between refuelings (i.e., amortization). In
its Order,” the Commission approved deferral and amortization for accounting purposes only;
ratemaking treatment was to be reserved for a ratemaking proceeding:

The Commission cautions . . . that approval of the proposed accounting
methodology in this proceeding does not mean that the Commission is not free to

* See Petition In The Matter Of The Petition Of Northern States Power Company, A Minnesota
Corporation, Regarding The Accounting Treatment For Nuclear Refueling Outage Costs, Docket
No. E002/M-07-1489 (November 28, 2007) at 4.

* ORDER APPROVING CHANGE IN ACCOUNTING METHODOLOGY WITH
CONDITIONS In the Matter of a Petition by Northern States Power Company, a Minnesota
Corporation, for Accounting Treatment for Nuclear Refueling Outage Costs, Docket No. E-
002/M-07-1489 (September 16, 2008).
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employ its normal rate setting procedures when the Company files a rate case.
Commission approval of the deferral-and amortization methodology should not be
read to suggest that the Commission has pre-approved some form of exact cost
recovery in future rate cases.

Instead, the Company will, as always, bear the burden of proof that the proposed

cost for re-fueling is reasonable — with those costs clearly subject to a

reasonableness and prudence review in a rate case — where the Commission will

make its determination of a reasonable cost using standard ratemaking

principles.”

Under NSP’s proposed approach using the “deferral-and-amortization method,” refueling
expenses would be deferred and amortized during the period between refueling outages, rather
than expensed when incurred. If approved for ratemaking purposes, this method would create a
“regulatory asset,” which operates like an IOU, whereby ratepayers become liable for payment
of these expenses at a future time.

The average, or normalized, costs associated with refueling were determined in NSP’s
previous rate case” and are reflected in current rates. The accounting and ratemaking treatment
reflected in NSP’s last rate case is known as the “direct expense method,” where costs are
expensed in the year they are incurred. The Commission should continue using this method for

ratemaking purposes for the reasons set forth below.

2. The commission’s reasons for approving the change in accounting
methodology for NSP’s nuclear refueling expenses.

Each of NSP’s three nuclear plants go through a refueling phase of approximately one
month when nuclear refueling is done. The nuclear fuel lasts for approximately 18-24 months.
NSP’s concern was that in years when two and possibly three refueling events happen in a single
year, it raises the costs that it reports on its financial statements, even though the benefits and

cost recovery of those refuelings will overlap into another year. The Commission approved the

* Id. at 6-7 (footnote omitted).
7 Docket No. E002/GR-05-1428.
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change from the direct expense to the deferral and amortization method of accounting for NSP’s
nuclear refueling expenses by accepting NSP’s arguments that deferral and amortization would
spread the costs of nuclear refueling over the 18 to 24 month refueling cycle instead of incurring
those costs in a single month and recording them in a single year. The Commission also stated
that the benefit of this accounting method would produce a more levelized basis of refueling
costs from year to year and allow NSP to show a more levelized refueling outage cost for
reporting purposes on its financial statements.

However, for ratemaking purposes, the Commission does not need the deferral and
amortization method to achieve levelization of the nuclear refueling costs. Currently, the process
for determining refueling costs for ratemaking purposes involves reviewing those costs over a
number of years to determine a reasonable or normalized level of costs to reflect future costs
going forward. This is the same process that is used for other types of expenses or costs which
are high in some years and low in other years. There is no reason to deviate from this approach,
and important reasons for not using the deferral and amortization method for ratemaking.

3. The use of the deferral and amortization method for financial

reporting purposes does not mean that it should be used for rate
setting purposes.

Utilities request approval of accounting changes periodically to conform with Generally
Accepted Accounting Purposes (“GAAP”) or to change from one acceptable accounting method
to another acceptable accounting method. The Commission has authorized NSP to change from
one acceptable accounting method (direct expense) to another acceptable method (deferral and
amortization) for NSP’s nuclear refueling outage expenses. However, changes in accounting for
financial statement reporting purposes are not always appropriate for establishing rates. As the

Commission held, it is not required to adopt this proposed change in accounting for nuclear

12



refueling outage expenses for ratemaking purposes if it determines that doing so would not be
just and reasonable.

An example of using different methods for accounting and ratesetting purposes is found
in the recent Minnesota Power rate case. In its Order in that case, the Commission provides an
example of different accounting treatment for financial reporting and for ratemaking in its
disposition of asset retirement obligations (“ARO”). To be in compliance with GAAP, the
accounting for AROs was changed to record current costs that relate to the future obligations to
retire assets. The new ARO accounting method established different and generally higher annual
expenses to recognize future AROs for companies. Minnesota Power, in its rate case, proposed
to also adopt the new ARO accounting change for ratemaking purposes. However, the
Commission determined that the accounting change was appropriate for financial reporting
purposes to comply with GAAP, but it was not appropriate for ratemaking purposes.”® Similarly,
with regard to NSP’s nuclear refueling costs, the Commission should retain the direct expense
method for ratesetting purposes even though it has accepted the deferral and amortization
method for financial reporting purposes.

4. NSP’s nuclear refueling expenses do not qualify for deferred
accounting treatment.

A threshold determination with regard to NSP’s nuclear refueling expenses is whether
they qualify for deferred accounting treatment. The Commission enunciated the parameters for
the granting of deferred accounting in NSP’s 1992 electric rate case: “Items for which deferred

status is sought should be limited to significant and unusual disputed items related to utility

* FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER In the Matter of the
Application of Minnesota Power for Authority to Increase Electric Service Rates in Minnesota,
Docket No. E-015/GR-08-415 (May 4, 2009) at 25-28.
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operations, for which ratepayers have incurred costs or received benefits.””

In subsequent
decisions,* the Commission has allowed deferred accounting treatment where the items are:

¢ related to utility operations for which ratepayers have incurred costs or receive benefits;

e significant in amount;

¢ unusual or extraordinary items; and

® subject to review for reasonableness and prudence.

NSP’s nuclear refueling expenses only qualify under the Commission’s first prong in its
test for deferred accounting treatment: the costs are related to utility operations where the utility
has incurred costs and ratepayers have received benefits. The refueling costs have always been
recognized as necessary in the provision of electric service and that is not disputed. However,
none of the remaining standards are met. The second standard, that the costs are significant, is
not met. A $25 million to $35 million cost is not significant in relation to NSP’s total revenues
of approximately $2.5 billion. Refueling expenses are approximately one percent of revenues
before tax and less than one percent after tax. Therefore those costs would not be considered
significant. The third standard, that the refueling expenses are unusual and extraordinary, is also
not met. These costs have been incurred since the 1970’s and have consistently been recovered

in rates through the direct expense method. There is nothing unusual or extraordinary about

these expenses that supports deferral and amortization for rate recovery. Finally, the fourth

* FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER In the Matter of the
Application of Northern States Power Company for Authority to Increase Its Rates for Electric
Service in the State of Minnesota, Docket No. E-002/GR-92-1185 (September 29, 1993) at 60.

* Deferred accounting has been granted for manufactured gas plant pollution cost and related
insurance recovery in Docket Nos. GO08/M-91-1015, GO01/M-94-633, G001/M-95-687, and
G002/M- 99-248. Some recent electric utility dockets where deferred accounting was approved
for Midwest Independent Transmission system Operator, Inc. (MISO) Day 2 costs are: Docket
Nos. E002/M-04-1970, E001/M-05-406, E015/M-05-277 and E017/M-05-284. In addition, the
Commission allowed deferred accounting for costs related to time-of-use rates in Docket No.
E002/M-03-1462.
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standard, that the expenses are subject to review for reasonableness and prudence is
questionable. There is a presumption, discussed below, that, according to the accounting rules,
by deferring these costs they will be recovered. According to OAG witness Lindell:

Recoverability should not be presumed without a review for reasonableness and
prudence. The Commission will have made that presumption if it determines that
this new accounting method should be approved for ratemaking purposes. At the
time that refueling expenses are incurred and deferred there will not have been
any analysis of their reasonableness and prudence. That argues for continuing to
recover the refueling expenses using the direct expense method of accounting, not
under the deferral and amortization method. The Commission’s standards for
deferral of refueling expenses for ratemaking purposes have not been met.
Therefore, the direct expense method should continue to be used for cost recovery
purposes.*!

When asked by the OAG how nuclear refueling costs satisfy the requirements for deferred
accounting, NSP responded that deferral and amortization would:

1) spread the refuel outage costs over the full refueling cycle rather than incurring
the costs in a single month; 2) smooth the increasing nuclear refueling outage cost
impacts on the Company's financial statements; 3) produce a representative cost
level for use in setting customer rates; and 4) during rate proceedings such as this
one, refueling outage costs will continue to be subject to review for
reasonableness.*

Neither in its above-cited response to the OAG nor anywhere in the record in this case does NSP
squarely address the Commission’s requirement for deferred accounting to support the change in
accounting for ratemaking purposes. Further, according to OAG witness Lindell:

First, I would not agree that the refueling costs are spread out over the refueling
cycle rather than being incurred in a single month. Accounting is simply a
measurement of economic events. The economic event in this case is the
expenditure of money for nuclear refueling. That economic event will not change
as a result of this accounting change. Spreading out those costs for accounting
purposes does not change when the costs were incurred. They will still be
incurred in a single month.

“'Ex. 66, Lindell Direct at 26-27.
# See Ex. 15, Heuer Public Rebuttal at 48; see also Xcel’s Response to OAG Information
Request No. 403 shown in Ex. 66, Lindell Direct at Exhibit JJL-5.
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Second, I would agree that the accounting change will smooth out the refueling
outage cost impacts on the Company’s financial statements. However, that would
not be a reason to establish a new recovery method for these costs. NSP will be
recording these costs over the refueling cycle which accomplishes its goal of
smoothing out the impact for financial statement reporting purposes. It is not
necessary that recovery be accomplished the same way as the Commission
explained in its order approving the accounting change.

Third, NSP has not accomplished anything new with this accounting change. The
Commission has always used a normalized method to produce a representative
level for use in setting customer rates. Analyzing a number of years to determine
a normal level of refueling costs allows the Commission to establishing a
representative level of that cost for recovery. The change in accounting did not
produce that benefit; it already existed.

Finally, the claim is that these costs will continue to be subject to review for
reasonableness. The reasonableness evaluation will be more difficult and more
time-consuming as a result of this change in accounting. As a result, it is more
likely the analysis for reasonableness and prudence will suffer.®

NSP has not borne its burden of proof to establish that its nuclear refueling expenses qualify for
deferred accounting treatment and its request to accord them such treatment should be denied.
5. The deferral and amortization method would result in NSP earning a

return on the deferred balances of the nuclear refueling expenses,
contrary to normal ratemaking.

If the Commission were to approve for ratemaking purposes the accounting change from
the direct expense method to the deferral and amortization method, a calculated amount would
be included in rate base for these expenses. “Including deferred costs in the rate base would
provide a return on that amount like capital investments do for NSP. Providing a return on this
expense has not been done in the past.”* According to NSP witness Heuer: “In the case of the
outage expense, the Company incurs the cost at the time of the outage. This cost is capitalized
like plant and amortized over the 18- to 24-month period until the next outage.”* Thus, NSP

wants an expense that is deferred and amortized to earn a rate of return, as if it were a capitalized

“ Ex. 66, Lindell Direct at 25-26.
“ Ex. 68, Lindell Surrebuttal at 18.
4 Ex. 15, Heuer Public Rebuttal at 47.
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asset, which is contrary to normal ratemaking treatment of expenses, and not possible under the
current direct expense method.

In the recent Minnesota Power rate case, the Commission ruled that Midwest
Independent System Operator (“MISO”) Schedule 16 and 17 costs are expenses and are not
allowed a return: “The Commission agrees with the OES that the expenditures in question were
for administrative costs, not capital costs. Such expenses do not earn a return. It would also be
unfair, as the OES argued, to require ratepayers to pay a return on these out-of-period
expenses.”® Thus, not only is it inappropriate to pay a return on out-of-period expenses; it is
inappropriate to pay a return on expenses, in general.

In the case of NSP’s nuclear plants, nuclear refueling occurs within an approximately
one-month period and is not required again for another 18 to 24 months. Until the refueling is
done again in 18 to 24 months, that one month of expense would be earning a rate of return,
according to NSP’s proposal. Nuclear refueling outage expenses would be “out-of-period”
expenses in the year after the refueling is done. If the Commission allows the deferral and
amortization method for ratemaking purposes, it should deny any rate base treatment, analogous
to what the Commission did with MISO expenses for Minnesota Power and the other utilities.

6. The deferral and amortization method would operate like a tracker

and virtually guarantee cost recovery of expenses even if they are
determined to not be prudent and reasonable.

The deferral and amortization method, if used for ratemaking purposes, would create a
regulatory asset with respect to the nuclear refueling costs. According to the FERC Uniform

System of Accounts, which has been essentially adopted by Minnesota for regulatory purposes,”’

“ FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER In the Matter of the
Application of Minnesota Power for Authority to Increase Electric Service Rates in Minnesota,
Docket No. E-015/GR-08-415 (May 4, 2009) at 25.

7 See Minn. R. Part 7820.0200 - 7820.0400.
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regulatory assets are “regulatory-created assets . . . resulting from the ratemaking actions of
regulatory agencies.”* A regulatory asset is essentially an IOU from ratepayers to the utility. If
the utility records a regulatory asset, one of the requirements of the accounting standards for
recording regulatory assets is that there is a presumption that those costs would be recovered.
According to the Financial Accounting Standards Board (“FASB”) Statement of Financial
Accounting Standards No. 71 (“FAS 717), with regard to regulatory assets: “It is probable that
future revenue in an amount at least equal to the capitalized cost will result from inclusion of that
cost in allowable costs for ratemaking purposes.”® Further, FASB defines “probable” as: “The
future event or events are likely to occur.” According to OAG witness Lindell: “Once the costs
are deferred and then begin to be amortized, there is a presumption that they will be recovered.
[However, i]n a rate case setting, under the direct expense method, the refueling costs would be

reviewed for reasonableness and prudence.”'

According to FERC standards: “To qualify as a
regulatory asset, there must be a showing both (i) that the costs at issue are unrecoverable in

existing rates and (ii) that it is probable that such costs will be determined to be recoverable in

* See FERC Uniform System of Accounts 182.3:

Other regulatory assets.

A. This account shall include the amounts of regulatory-created assets, not
includible in other accounts, resulting from the ratemaking actions of regulatory
agencies. . . .

B. The amounts included in this account are to be established by those charges
which would have been included in net income, or accumulated other
comprehensive income, determinations in the current period under the general
requirements of the Uniform System of Accounts but for it being probable that
such items will be included in a different period(s) for purposes of developing
rates that the utility is authorized to charge for its utility services.

¥ Accounting for the Effects of Certain Types of Regulation, Financial Accounting Standards

Board Statement of Financial Accounting Standards No. 71 (2008) at 6 (footnote omitted).
Y Id. n.6.
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future rates.”” The probability of recoverability cannot be presumed, and thus the creation of a
regulatory asset of nuclear refueling expenses is inappropriate.

In addition, “it would be inappropriate to create a regulatory asset unless there is a firm
commitment by parties to test the prudency of those expenditures.”” According to NSP witness
Heuer: “While deferral creates a regulatory asset, we have no greater expectation that these costs
will be found prudent for recovery in a rate case than under the direct expense approach. Our
costs were reviewed by both the OES and the OAG and both agencies found those costs
reasonable and prudent.”* Heuer would have us take comfort in the fact that NSP, pursuant to
the 07-1489 Order, is “now required to make an annual compliance filing that provides our
outage costs and compares those costs using the direct expense method of accounting to the

5 However, OAG witness Lindell notes:

deferral and amortization method of accounting.
“Contrary to Ms. Heuer’s expectations, the OAG will not be reviewing the annual compliance
report and does not expect that the OES will either. In the earlier proceeding to change the
accounting method for financial reporting purposes, OES indicated that it would not be

9956, 57

conducting a prudency review annually. Furthermore, because there is a presumption that

these costs are already reasonable under the deferral and amortization method, it is foreseeable

S Ex. 68, Lindell Surrebuttal at 18.

2 Midwest Independent Transmission System Operator, Inc., 103 FERC q 61,205 at 22 (2003).
“Id. at 17

3 Ex. 15, Heuer Public Rebuttal at 46.

> Id.

% Ex. 68, Lindell Surrebuttal at 17 (footnote omitted).

°7 “The OES notes that there is no need for a separate annual audit as the review of prudence and
reasonableness of these and other costs occurs in general rate cases, and would continue to occur
in the same manner for nuclear outage costs as issues arise in the future.” Reply Comments of
the Minnesota Olffice of Energy Security, In the Matter of a Petition by Northern States Power
Company, a Minnesota Corporation, for Accounting Treatment for Nuclear Refueling Outage
Costs, Docket No. E-002/M-07-1489 (May 19, 2008) at 3.
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that only a limited effort would be made to determine a prudent and reasonable amount for
setting rates.

Finally, the creation of a regulatory asset with regard to nuclear refueling expenses, with
the presumption that it is probable that the costs involved will be recovered, would tend to subtly
shift the burden of proof, or the perception as to which entity bears that burden, from NSP to the
reviewing agency. However, pursuant to Minn. Stat. § 216B.16, subd. 4: “The burden of proof
to show that the rate change is just and reasonable shall be upon the public utility seeking the
change.” Retaining the direct expense method would maintain the burden of proof squarely
within NSP’s domain.

7. The pitfalls of the deferral and amortization method can be avoided if
the direct expense method is retained for ratemaking Purposes.

According to OAG witness Lindell: “In a rate case setting, under the direct expense
method, the refueling costs would be reviewed for reasonableness and prudence. If, for example,
there were years when refueling costs were not reasonable, it would be an opportunity for parties
to investigate whether or not the higher costs were prudently incurred.””® Mr. Lindell calculates

the revenue requirement of the expense for nuclear refueling as follows:

($000’s) Prairie Prairie Monticello Total Number  of
Year Island Island Units
Unit 1 Unit 2

2005 (Actual) 0 18,849 23,568 42,417 2

2006 (Actual) 21,991 16,664 0 38,655 2

2007 (Actual) 0 0 25,209 25,209 1

2008 (Actual) 22,608 32,442 777 55,827 2

2009 (Budget) 26,342 0 25,347 51,689 2
Average 42,760
*72.9% 31,172

8 Ex. 66, Lindell Direct at 18.
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Mr. Lindell calculated his recommendation of $31,172,000 by utilizing information provided by
NSP in response to OAG Information Request 402 shown in Ex. JJL-4 in his Direct Testimony.”
Using a similar method of averaging a series of several years’ nuclear outage expenses,
$25,139,022 is the approved amount set in rates for this expense.” Thus, the OAG would
recommend an increase of approximately $6 million for nuclear refueling expenses.
NSP’s deferral and amortization method, if utilized for ratemaking purposes, would
embroil regulators in a tangled and convoluted process:
The total 2009 Test Year revenue requirement associated with all components
related to nuclear fuel outage costs is $30,692,218. The analysis includes the
impact of the revenue deferral as ordered by the Minnesota Public Utilities
Commission in Docket E002/M-07-1489 totaling $13,105,827. The analysis also
includes the impact of the basic outage cost accounting change. The 2009 Test
Year amortization expense is $30,531,046. The 2009 Test Year outage costs
incurred and deferred under the new accounting method total $37,660,773 and
represent the amount that would have been expensed prior to the accounting
change. Finally, the analysis includes a Test Year adjustment to annualize the

amortization expense to include annual costs for all three nuclear units. This
adjustment totals $2,308,510.°'

NSP seeks to cajole us into favoring its deferral and amortization method by claiming that it
yields a revenue requirement of $30,692,218, while the amount that would have been expensed
prior to the accounting change totals $37,660,773. However, in calculating the latter figure, NSP
failed to normalize its costs over a number of years, and thus its purported savings of $7 million
is improperly calculated based on a single year, i.e., its budget for 2009.

If the Commission adopts a normalized level for nuclear refueling expense, the
calculation of the revenue requirement would not include the calculation of a rate base impact in

addition to an income statement impact. In effect, under NSP’s methodology and under the new

* The data in the table is derived from Xcel’s Response to OAG Information Request 402; the
italicized portion shows Mr. Lindell’s calculations.

% Ex. 15, Heuer Public Rebuttal at 47.

6! Xcel’s Response to OAG Information Request 402 shown in Ex. 66, Lindell Direct at Ex. JJL-
4.
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accounting treatment, a rate of return would be included which, over time, will raise the revenue
requirement for these expenses. The normalization approach, would not include a rate base
impact which inflates the costs by calculating a return on deferred balances. However, if the
Commission were to accept NSP’s approach, it should exclude the rate base revenue requirement
impact of approximately $1.2 million, which would reduce the revenue requirement amount to
$29,487,219 in this case.®

Finally, NSP’s approach should be rejected because of its unnecessary and confusing
complexity. As noted by Mr. Lindell:

My concern would be that if the deferral and amortization method is adopted for

ratemaking purposes, the effort by parties would be devoted to trying to

understand the calculation of a simple expense called nuclear refueling expense to

try to determine whether the calculation was correct rather than trying to

determine whether or not NSP was prudent in its activities and that its refueling
costs were reasonable for recovery from ratepayers.*

The Commission should hold that of the two approaches for determining the rate
component of nuclear refueling expenses, the simplest one, i.e., the direct expense method, is
preferable. The Commission should adopt the OAG’s approach and find that $31,172,000
should be used to establish the expense level for nuclear refueling costs, with no rate base impact
to recover this expense.

C. Rate Case Expense Recovery.

NSP seeks recovery of approximately $1.6 million in rate case expenses that it
purportedly incurred developing and attempting to support its request for a $156 million increase
in its electric rates. In Direct Testimony the OAG provided three recommendations regarding

NSP’s recovery of its rate case expenses. First, the OAG recommended no recovery of

2 Id. at 6
% Ex. 66, Lindell Direct at 22-23.

22



* As noted above, this issue was

unamortized rate case expenses from NSP’s prior rate case.’
resolved when NSP agreed in Rebuttal to no longer seek recovery of prior years unamortized rate

case expenses.” Two rate case expense related recommendations remain contested.

1. NSP’s rate case expenses should be accounted for as normal operating
expenses rather than giving them special accounting treatment.

Rate case expenses are normal operating expenses for a regulated utility. These expenses
are incurred by a regulated utility for the purpose of presenting its request for a rate increase and
include expenses for, among other things, outside legal representation and expert witness
testimony. Instead of treating rate case expenses as normal operating expenses, NSP proposes to
defer and amortize its rate cases expenses as if they were capital expenditures. This special
accounting treatment is unnecessary. The OAG recommends rejecting NSP’s proposal because
NSP has failed to establish any public interest benefit in giving rate case expenses this special
accounting treatment.

There is no rate case dollar adjustment associated with accepting the OAG’s
recommendation to treat rate case expenses as a normal operating expense. The OAG and NSP
are in agreement regarding the amount of rate case expenses assuming NSP is granted 100
percent of its revenue request. Both parties agree that the test year level of rate case expense
should be one-fourth of the total costs and that NSP not be allowed a return on its rate case
expenses. The only impact of accepting the OAG’s recommendation to treat rate case expenses
as a normal operating expense rather than accepting NSP’s proposal to defer and amortize rate

case expenses would be the elimination of a potential future request from NSP to collect any

% Id. at 48.
% Ex. 15, Heuer Public Rebuttal at 15.
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unamortized rate case expenses if NSP files a subsequent electric rate case in less than four
years.®

As discussed above, NSP attempted to recover unamortized rate case expenses from its
prior case in this proceeding. Both the OAG and OES objected to NSP’s request” and NSP
eventually surrendered its efforts to recover these unamortized amounts in Rebuttal.®® The OES
provided several recent Commission decisions where the Commission rejected requests for
recovery of unamortized rate case expenses.” For example, in Docket No. G0O04/GR-04-1487,
Great Plains Natural Gas Company attempted to recover unamortized rate case expenses from a
prior rate case and the Commission held that the unamortized amounts are not recoverable. The
Commission noted that the expenses were incurred outside of the test year, and out-of-test-year
expenses are generally not recoverable.” Normalizing rather than deferring and amortizing
these expenses would prohibit NSP from attempting to once again request recovery of an out-of-
test year expense.

The OES provides additional support for accepting the OAG’s recommendation in its
Direct testimony.”  As the OES notes, ratepayers do not receive a rebate if a utility goes longer
than its normalized or amortized recovery period despite the fact that the test year rate case

expense is built into rates and therefore perpetually recovered by the utility until it does file a

% Ex. 15, Heuer Public Rebuttal at 51.

7 Ex. 66, Lindell Direct at 48, Ex. 103, Lusti Public Direct at 14-16.

% Ex. 15, Heuer Public Rebuttal at 50-51.

% Ex. 103, Lusti Public Direct at 15-16 (citing the Commission’s May 1, 2006 Order in Docket
No. G004/GR-04-1487, the Commission’s November 2, 2006 Order in Docket No. GOO8/GR-
05-1380 and approval of a settlement in Docket No. EO01/GR-05-748).

" FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of a Petition
by Great Plains Natural Gas Company, a Division of MDU Resources Group, Inc., for Authority
to Increase Natural Gas Rates in Minnesota, Docket No. G004/GR-04-1487 (May 1, 2006) at
15.

7 Ex. 103, Lusti Public Direct at 15.
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subsequent case.”” Treating rate case expenses as normal operating expenses, rather than giving
them the special deferral and amortization accounting treatment, avoids potentially penalizing
ratepayers if NSP decides to file a subsequent rate case in less than four years.

Therefore, while there are public interest benefits in treating rate case expenses like the
normal operating expenses that they are, there are only potential ratepayer harms in giving
special accounting treatment to these expenses that NSP proposes. The OAG requests that the
Commission deny NSP’s request to defer and amortize its rate case expenses and instead
establish a normalized level of rate case expenses for recovery.

2. A cost control mechanism should be implemented to encourage
justifiable rate increase petitions.

The OAG’s last rate case expense recommendation relates to the implementation of a
cost control mechanism for these expenses. Specifically, the OAG recommends that the
Commission adopt a policy that ties the amount of rate case expenses that are recovered from
ratepayers to the percentage of the overall rate increase that a utility is ultimately authorized,
compared to what it initially requested. For example, as OAG witness Lindell described in his
direct testimony,” NSP initially requested a $156 million increase. If the Commission authorizes
50 percent of NSP’s request, or approximately $78 million, than under the OAG’s proposal NSP
would be allowed to recover 50 percent of its approximately $1.6 million rate case expenses
from its ratepayers. If, on the other hand, NSP were granted all of its requested $156 million
rate increase, than it would be permitted to recover all of its claimed rate case expenses in rates.

This recommended cost control mechanism recognizes that utilities should recover only
prudently incurred rate case expenses from ratepayers. The mechanism is premised on the fact

that it is imprudent for a utility to incur substantial rate case expenses in attempt to justify an

2 1d.
3 Ex. 66, Lindell Direct at 50.
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excessive rate increase, when in actuality the utility can only support a portion of that request.
The OAG’s recommendation encourages utility’s to incur expenses only to support justifiable
increases and to limit the time and resources that the petitioning utility, intervening parties, the
Commission and its Staff must incur to address red herring issues or issues that clearly do not
justify a rate increase.

Moreover, the OAG’s rate case expense cost control mechanism is founded on
Commission precedent. The Commission has acknowledged that the ultimate determination of
the reasonableness of rate case expenses should be dependent on the final rate case
determination. In Interstate Power and Light’s (“IPL”) 2003 rate case the Commission accepted
a settlement agreement related to rate case expense recovery, but accepted the settlement subject
to potentially reexamining the rate case expense issue on reconsideration. The Commission
stated:

“At this point the dollar amounts slated for recovery for expenses incurred in this

case also appear to be just and reasonable, supported by substantial evidence, and

in the public interest. This determination could change, however, should the

ultimate rate impact of this proceeding prove to be negligible, raising issues of

prudence and reasonableness of rate case expenses.””*

There were only two active parties in the 2003 IPL case, IPL and the Minnesota
Department of Commerce. Neither party requested that the Commission reconsider its approval
of their rate case expense settlement even though the Commission ultimately granted a rather
insignificant percentage of IPL’s requested rate increase. Nevertheless, the IPL Order

demonstrates that the reasonableness and prudence of rate case expenses is tied to the

Commission’s ultimate rate increase determination. The OAG’s recommendation provides a

™ FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER; ORDER MODIFYING
SETTLEMENT, In the Matter of Interstate Power and Light Company for Authority to Increase
Electric Rates in Minnesota, Docket No. E-001/GR-03-767 (April 5, 2004) at 4.
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mechanism that the Commission can implement to tie the recoverability of rate case expenses to
the Commission’s ultimate rate increase determination.

The OAG requests approval of its rate case expense cost control mechanism. Not only
will this recommendation control the expenses associated with rate cases, but it also recognizes
that if the utility cannot justify its requested rate increase then shareholders must bear some of
the expenses associated with the rate increase request.

D. Corporate Cost Allocations.

Each year Xcel Energy’s Service Company charges its affiliates millions of dollars for its
costs of providing services to its affiliates. Many of the Service Company’s costs benefit
multiple affiliates and therefore cannot be directly assigned to any one affiliate, but instead are
spread among numerous affiliates. Some of Xcel’s affiliates are regulated operations and others
are nonregulated operations. The regulated affiliates can pass these costs off to their captive
ratepayers, while the nonregulated operations must recover these costs through the price of their
goods or services. Any time corporate costs are allocated down to both regulated and
nonregulated operations concerns arise that the regulated operations are over-allocated corporate
costs for the benefit of the nonregulated affiliates. Evidence in this case demonstrates that NSP
is over-allocating corporate costs to regulated operations to the detriment of its ratepayers.

1. History of the commission’s concerns related to corporate cost
allocations.

The Commission is appropriately concerned with the issue of corporate cost allocations
in an era of energy utility diversification into both regulated and nonregulated operations. The
Commission has expressed its concerns with corporate cost allocations as follows:

Diversification into affiliated operations...holds the possibility of harm to utility

ratepayers. A monopoly utility has a natural impetus to shift costs from the

nonregulated to the regulated operation, where costs are covered in rates, or to not
acknowledge benefits to the nonregulated entity from joint operations. If
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improper cost or benefit allocations do occur, the result is subsidization of the
nonregulated affiliate by the regulated utility.”

In addition to the cross-subsidization issue identified by the Commission, an over-
allocation of corporate costs to a regulated utility operation compels an inquiry into the
reasonableness of the regulated operation’s rates. The Commission’s concerns related to
corporate cost allocations were so great that in 1990 it initiated a four-year, industry-wide
investigation that resulted in the development of cost allocation principles to guide Minnesota
utilities in apportioning costs between their regulated and unregulated operations.” At the end of
the investigation, the Commission adopted fully allocated cost accounting principles, based on
hierarchical costing principles that the Federal Communications Commission had developed for
use in the regulated telecommunications industry. The four hierarchal cost principles that the
Commission adopted are as follows:

1) tariff rates shall be used to value tariff services provided to non-regulated activity;

2) costs shall be directly assigned to either regulated or non-regulated activities
whenever possible;

3) costs which cannot be directly assigned are considered common costs which shall
be grouped into homogenous cost categories and each cost category shall be
allocated based on direct analysis of the origin of the cost, whenever possible. If

direct analysis is not possible, costs shall be allocated based upon an indirect cost

” In the Matter of an Investigation into the Competitive Impact of Appliance Sales and Service
Practices of Minnesota Gas and Electric Utilities, Docket No. G,E-999/CI-90-1008, Order
Setting Filing Requirements (September 28, 1994) at 2.

® In the Matter of an Investigation into the Competitive Impact of Appliance Sales and Service
Practices of Minnesota Gas and Electric Utilities, Docket No. G,E-999/CI-90-1008, Order
Setting Filing Requirements (September 28, 1994); Order Finding Compliance, Exempting
Northwestern Wisconsin, Requiring Preparation, and Closing Docket (March 1, 1995); Order
Clarifying Commission Order dated September 28, 1994 (March 7, 1995) (1008 Docket”).
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causative linkage to another cost category or group of cost categories for which
direct assignment or allocation is available; and

4) when neither direct or indirect measures of cost causation can be found, the cost
category shall be allocated based upon a general allocator computed by using the
ratio of all expenses directly assigned or attributed to regulated and non-regulated
activities, excluding the cost of fuel, gas, purchased power and the purchase cost
of goods sold.”

The Commission encouraged, but did not require, all gas and electric utilities to adopt
these four cost allocation principles.” In allowing utilities some flexibility to design their own
allocation principles, the Commission warned:

Should a utility wish to base its cost separations on different principles, the

burden of proof would be on that utility to prove that its cost allocation principles

arrive at fully allocated costs, free of any cross-subsidization. The utility would

have to show that the goals of fully allocated costing, as expressed in this and

other Orders, are fully realized. The utility would have the burden of

demonstrating that it has considered all of its costs and that they are allocated to

share burdens and benefits equitably between the regulated and nonregulated

operations.”

In this case NSP has demonstrated compliance with the first three of the four
Commission approved cost allocation principles, but instead of complying with the fourth
principle developed in Docket No. G,E-999/CI-90-1008 (“1008 Order”), NSP proposed an

alternative general allocator for all costs whose causes cannot be traced. Instead of using the

Commission preferred general allocator described in the fourth hierarchical cost principle, NSP

71008 Docket, September 28, 1994 Order at 4.
81008 Docket, March 7, 1995 Order at 1.
1008 Docket, September 28, 1994 Order at 5 (emphasis added).
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uses a three-factor general allocator for indirect Service Company costs based on total assets,
total revenues and number of employees."

Both the OAG and the OES identified concerns related to NSP’s preferred three factor
general allocator.” The OAG and OES offered evidence demonstrating that NSP’s preferred
allocator inappropriately allocated more corporate costs to Xcel Energy’s regulated operations
than non-regulated operations,* and according to the OAG’s analysis, over-allocated corporate
costs to Xcel’s NSP-Minnesota regulated electric utility jurisdiction. As a result, NSP has the
burden to establish the appropriateness of its preferred methodology. NSP has not met its burden
in this case.

2. Contrary to NSP’s representations, its three-factor general allocator
has not been expressly reviewed and approved by the commission.

NSP attempts to dispel the OAG’s and OES’s concerns with its alternative three factor
general allocator by representing that the Commission has reviewed and approved its allocator in
numerous other dockets, including previous rate cases and affiliate interest filings.” NSP
overstates the Commission’s approval. The Commission has permitted NSP to use an alternative
general allocator; however, any Commission approval of NSP’s general allocator is tacit, at best.

Case in point: Otter Tail Power Company (“OTP”) attempted to rely on the
Commission’s tacit approval of NSP’s three factor general allocator in OTP’s 2007 electric rate
case to support the approval of its “virtually identical” three factor general allocator. The

Commission acknowledged that OTP’s three factor general allocator was “virtually identical” to

8 Ex. 17, Heuer Public Surrebuttal at 34.

' Ex. 67, Lindell Rebuttal at 42-49, Ex. 85, Campbell Public Direct at 51-62 and Ex. 101,
Campbell Public Surrebuttal at 22-28.

2 Ex. 85, Campbell Public Direct at 58-59 and Ex. 101, Campbell Public Surrebuttal at 22.

8 Ex. 17, Heuer Public Surrebuttal at 34-35.
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NSP’s alternative three factor allocator, but rejected its use to allocate corporate costs.* In
rejecting OTP’s request to use the “virtually identical” alternative general allocator, the
Commission noted that OTP’s reliance on Commission approval of NSP’s alternative general
allocator was misplaced because “Xcel’s general allocator was not a contested issue in [Xcel’s]
rate case....It was therefore not expressly addressed by the ALJ or the Commission.” The
Commission ruled that Xcel’s use of a virtually identical general allocator “has no precedential
or persuasive value” in the OTP rate case.®

Thus, as recently as August 1, 2008, the Commission acknowledged that NSP’s proposed
alternative general allocator has not been expressly addressed by the Commission. It is therefore
inappropriate for NSP to rely on the Commission’s previous tacit approval of its three factor
allocator to support acceptance of the allocator in this rate case proceeding. The only previously
conducted, genuine rate case review of a proposed alternative three factor general allocator
occurred in the 2007 OTP rate case where the Commission determined that OTP’s “virtually
identical” three factor allocator inappropriately allocates corporate costs. As a result, the
Commission ordered OTP to implement the Commission’s preferred general allocator articulated
in the 1008 Order.” The record as developed in this case similarly supports the rejection of

NSP’s alternative three factor general allocator.

¥ FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of the
Application of Otter Tail Corporation d/b/a Otter Tail Power Company for Authority to Increase
Rates for Electric Utility Service in Minnesota, Docket No. E-017/GR-07-1178 (August 1, 2008)
at 15.

“ Id. at 16.

Id..

¥1d. at 17.
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3. The record demonstrates that NSP’s preferred general allocator
over-allocates corporate costs to Xcel’s NSP-Minnesota regulated
electric utility jurisdiction.

OAG witness Lindell used cost allocation data provided by NSP in response to OAG
information requests to calculate the impact of using the Commission’s preferred general
allocator rather than NSP’s preferred alternative general allocator. Applying the data provided
by NSP, Lindell calculated that implementing the Commission’s preferred general allocator
would result in approximately $3.4 million less of Xcel’s Service Company costs being allocated
to NSP’s Minnesota jurisdiction for the budgeted test year ended 2009.**

In Surrebuttal, NSP disputed Mr. Lindell’s $3.4 million calculation.”” NSP identified

three concerns with his calculation. First, NSP noted that the OAG used costs other than

expenses in its general allocator calculation and NSP interprets the Commission’s 1008 Order to
require the use of only expenses to calculate the general allocator.” Second, NSP noted that Mr.
Lindell mistakenly included in his calculation of allocated direct costs, $33.3 million in capital
labor costs, which for the budgeted 2009 test year had not been directly assigned or attributed to
an affiliate. According to NSP, including costs that had not been directly assigned or attributed
to an affiliate was inconsistent with the Commission’s preferred general allocator.” Third, NSP
argued that the cost data which Mr. Lindell used to compute his $3.4 million adjustment did not
include all Xcel Energy subsidiaries, only those with more than $500,000 of allocated costs.”
NSP argued that Lindell’s $500,000 limit distorted the results.

Commission precedent and further record development addresses NSP’s expressed

concerns. After NSP’s concerns are addressed, the record continues to reflect that NSP has

8 Ex. 67, Lindell Rebuttal at 46-47 and Exhibit JJL-6 at 3.
% Ex. 17, Heuer Public Surrebuttal at 37.

O Id.

' Id. at 38.

2 Id. at 39.
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failed to meet its burden “of demonstrating that it has considered all of its costs and that they are

allocated to share burdens and benefits equitably between the regulated and nonregulated
operations.””

a. Commission precedent instructs that its preferred general

allocator is computed by using the ratio of all costs directly

assigned or attributed to affiliates and is not limited to
expenses directly assigned or attributed.

With respect to NSP’s first concern, it is undisputed that the Commission’s fourth
hierarchical cost allocation principle related to the formula for its preferred general allocator
developed in the 1008 Docket states:

when neither direct or indirect measures of cost causation can be found, the cost

category shall be allocated based upon a general allocator computed by using the

ratio of all expenses directly assigned or attributed to regulated and non-

regulated activities, excluding the cost of fuel, gas, purchased power and the

purchase cost of goods sold.”*

The Commission, however, did not intend to limit the general allocator computation to
only expenses, as NSP argues. Instead, a complete reading of the 1008 Order in conjunction
with a subsequent Commission Order interpreting the 1008 Order instructs that the
Commission’s preferred general allocator is computed by using the ratio of all costs directly
assigned or attributed to regulated and unregulated activities, excluding the cost of fuel, gas,
purchased power, and the cost of purchased goods sold.

First, the purpose of the 1008 Docket was to develop cost allocation principles. The

Commission’s second hierarchical cost allocation principle instructs that costs shall be directly

assigned whenever possible, and according to the third principle, those costs that cannot be

directly assigned are considered common costs that should be grouped and allocated based on

direct analysis if possible, otherwise by indirect cost causative linkage. The fourth principle is

%1008 Docket, September 28, 1994 Order at 5 (emphasis added).
1008 Docket, September 28, 1994 Order at 4.
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intended to allocate those costs that cannot be directly or indirectly allocated. It is inconsistent
to allocate these costs based on a formula comprised of only expenses directly assigned or
attributed to regulated and nonregulated activities when the other cost allocation principles focus
on corporate costs, not merely expenses.

Moreover, in the 2007 OTP electric rate case, OTP attempted to demonstrate the
appropriateness of its virtually identical three factor general allocator by showing that its general
allocator would allocate the same percentage of corporate costs to the utility as the percentage of
common costs allocated to the utility under the Commission’s preferred 1008 methodology. The
Commission was not persuaded by this showing. The Commission stated:

The Commission approved general allocator is based on a more comprehensive
and broadly representative set of costs than just common costs; if it were not, the
cost-allocations orders would have simply used common costs as the general
allocator. Instead, they developed the much more inclusive formula of the ratio

between all costs directly assigned or attributed to regulated operations and all
costs directly assigned or attributed to unregulated operations.”

It is this August 1, 2008 Commission interpretation of its own preferred general allocator that
OAG witness Lindell used to support his calculations comparing the results of implementing the
Commission’s preferred general allocator to the results of using NSP’s preferred alternative
general allocator. NSP’s criticism that Lindell’s calculation is flawed because it used costs,
including capital costs, rather than only expenses is misplaced. The argument fails to consider
the Commission’s most recent interpretation of its preferred general allocator formula and for

this reason its argument should be rejected.

» FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of the
Application of Otter Tail Corporation d/b/a Otter Tail Power Company for Authority to Increase
Rates for Electric Utility Service in Minnesota, Docket No. E-017/GR-07-1178 (August 1, 2008)
at 16 (emphasis added).
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b. The record contains a general allocator calculation that used
actual data rather than budgeted data to cure NSP’s second
concern with the OAG’s general allocator calculation.

The OAG resolved NSP’s second concern that Mr. Lindell included in his calculation of
allocated direct costs, $33.3 million in capitalized labor costs, which for the 2009 budgeted test
year had not been directly assigned or attributed to an affiliate by simply applying NSP’s 2008
values.” Unlike the data for budgeted year 2009, the 2008 data supplied by NSP in response to
OAG IR 130 included the capital costs assigned to each subsidiary. The 2008 values; therefore,
contained only costs that had been directly assigned or attributed to regulated and non-regulated
activities, consistent with the Commission’s preferred general allocator. As Exhibit 69
demonstrates, had the Commission’s preferred general allocator been applied in 2008 rather than
NSP’s preferred allocator, NSP-Minnesota’s electric jurisdiction would have been assigned
approximately $2.3 million less from the Service Company in 2008.

c. NSP obstructed the OAG’s ability to fully address NSP’s third

concern related to Mr. Lindell’s general allocator calculation
by providing a nonresponsive answer to a follow-up inquiry.

In attempt to address NSP’s third concern that Mr. Lindell’s general allocator calculation
was skewed because it only included those subsidiaries with greater than $500,000 of costs
allocated, Mr. Lindell issued OAG IR 1304, which was accepted into the record as OAG Ex. 47.
OAG IR 1304 requested that NSP provide “a follow-up response to OAG 130 with the inclusion
of all companies including those with less than $500,000 of Service Company cost or
assignment.””’ Rather than providing the requested follow-up information, NSP provided a new
schedule which contained all subsidiaries, but only included the cost assignments/allocations of

the Service Company’s Operating and Maintenance expenses for the 2009 budgeted test year.

% Ex. 69, Xcel response to OAG IR 130 with notations by Lindell.
Id. at 5.
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By inappropriately limiting its response to only Operating and Maintenance expenses NSP
obstructed the OAG’s ability to resolve NSP’s final concern.

d. NSP’s general allocator calculations cannot be relied upon
because they contain several deficiencies.

In response to the additional support for the OAG’s recommended general allocator
adjustment that was submitted at the evidentiary hearing,”® NSP offered Exhibit 71. Exhibit 71
contained Service Company Cost Assignments/Allocations for the year ended 2008 and 2009.
Exhibit 71; however, contains inaccurate, incomplete and inconsistent data that cannot be relied
upon to make a reasonableness determination. The Minnesota Court of Appeals has instructed
that if a petitioning utility’s evidence is inaccurate, it has failed to meet its burden of proof, and
the Commission must either deny the rate increase or make appropriate adjustment to utility's
proposal.” NSP’s evidence used to support the appropriateness of its alternative general
allocator contains numerous deficiencies as detailed below and therefore NSP has failed to meet
its burden of proof.

First, despite the heading “Service Company Cost Assignments/Allocations,” the detail
contained in Exhibit 71 is restricted to Service Company operating and maintenance expenses
that were assigned or allocated in 2008.'” NSP’s general allocator calculation included in
Exhibit 71 is similarly limited to a ratio of expenses directly assigned or attributed to regulated
and non-regulated activities. As discussed above, the Commission’s most recent interpretation
of its 1008 Order indicates that the ratio should not be limited to only expenses. Instead, it

should consist of a “much more inclusive formula of the ratio between all costs directly assigned

% Ex. 69
% Application of Interstate Power Co., 500 N.W.2d 501, 504 (Minn. Ct. App. 1993).
Tr, Vol. 3 (June 4, 2009) at 103.
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or attributed to regulated operations and all costs directly assigned or attributed to unregulated

22101

operations.

Second, Exhibit 71 lists “NSP Nuclear” as an affiliate company that had approximately $1
million of operating and maintenance expenses directly charged to it from the Service Company.
NSP’s earlier response to OAG IR 130 did not list “NSP Nuclear,” as an affiliate that had more
than $500,000 of Service Company costs (and not merely operating and maintenance expenses)
directly charged to the affiliate. The data for NSP Nuclear appeared for the first time at the
evidentiary hearing in Exhibit 71 and is inconsistent with data previously provided by NSP.

Third, Exhibit 71 inexplicably shows that the total operating and maintenance expenses
charged to Xcel Energy, Inc. from the Service Company is approximately $9.3 million.
However, according to data NSP provided to the OAG in response to OAG IR 130, Xcel Energy,
Inc. was allocated approximately $8.7 million in Service Company costs.'”” At the evidentiary
hearing the OAG questioned, and continues to question how NSP’s Exhibit 71, which is
restricted to only operating and maintenance expenses could be greater than the value it supplied
the OAG in response to OAG IR 130 which contained capital costs in addition to operating and
maintenance expenses.

Because of the numerous deficiencies, inconsistencies and inaccuracies with Exhibit 71,
the OAG requests that this exhibit be given no weight. NSP has failed to meet its burden of

proof that its alternative general allocator meets the goals established by the Commission in its

91 FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of the
Application of Otter Tail Corporation d/b/a Otter Tail Power Company for Authority to Increase
Rates for Electric Utility Service in Minnesota, Docket No. E-017/GR-07-1178 (August 1, 2008)
at 16 (emphasis added).

12 See Ex. 69 at 2.
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1008 Order. The OAG requests that the Commission make the appropriate adjustment and Order
NSP to implement the Commission’s preferred general allocator as recommended by the OAG.

E. Nuclear Plant Rate Stability Proposal

In a significant departure from traditional rate setting practice, NSP requests approval of
a Nuclear Plant Rate Stability Proposal that attempts to set rates now that are higher than the cost
of service, in an apparent effort to cover costs that have not yet been incurred, but are anticipated
to be incurred in the future. According to NSP the Nuclear Plant Rate Stability Proposal is
necessary to offset the costs from nuclear plant investments that will result from the proposed
extension of the life of NSP’s Prairie Island (“PI”’) nuclear plant.'” If the PI nuclear plant life is
extended in 2010 as is projected, then depreciation and decommissioning expenses for the plant
would be reduced substantially after rates in this case had been set using the higher depreciation

rates.'%

If the Commission allows NSP to continue to collect revenues at the higher 2009
depreciation and decommissioning expense levels, NSP is proposing to defer those revenues and
use them to pay for the anticipated life extension investments that NSP will be incurring over the
next few years.'®

In its Direct testimony the OAG recommended that NSP’s Nuclear Plant Rate Stability
Proposal be rejected because NSP’s proposal to create a deferred revenue tracker mechanism to
collect and track excess revenues is in effect a proposal to set rates based on its anticipated future
cost of service, rather than its actual cost of service as required by Minnesota law.'*

The OES echoed the OAG’s concerns with NSP’s proposed Nuclear Plant Rate Stability

Proposal. The OES noted that the proposal was in essence a request to require ratepayers to pre-

193 Ex. 34, Robinson Direct at 10-11.

1% 1d. at 10.

95 1d. at 11.

'% Ex. 66, Lindell Direct at 32-33 (citing Minn. Stat. § 216B.16, subd. 6).
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pay for future nuclear power costs by setting rates too high in this proceeding. As the OES
noted, “such prepayment would act as an expense account to be used until it runs out and thus
would put the entire burden of overruns in nuclear power costs on ratepayers and takes away the
incentive for NSP to ensure that costs are minimized.”"”

Despite the concerns with NSP’s Nuclear Plant Rate Stability Proposal, the OAG
acknowledges NSP’s desire to establish rates that match anticipated fluctuations in the revenue
requirement related to NSP’s nuclear investments. NSP’s Nuclear Plant Rate Stability Proposal
is not the answer to the matching concern, however. Instead, the OAG supports the OES’s
alternative proposal to set the depreciable life of PI at ten years in this proceeding to balance the
anticipated reduction in depreciation and decommissioning costs and the higher revenue
requirement arising from additional nuclear plant investment associated with the life extension of
the PI Nuclear Facility.'”® The OES’s proposal avoids setting artificially high rates based on
anticipated future costs, which the OAG objects to, while at the same time more closely aligning
the benefits of additional nuclear investment with the costs and purpose of the investments--
extending the useful life of the PI nuclear facilities."” The OAG requests Commission approval
of the OES’s proposal.

F. Revenue Allocations

After the Commission completes the fact-intensive and quasi-judicial process of
determining the total revenue requirement of the utility, i.e., the dollar amount of revenue the
utility needs in order to pay its operating and maintenance expenses and earn a fair and

reasonable return on its investments, the Commission then exercises its policy-intensive

"7 Ex. 85, Campbell Direct Public at 19.

'% See Ex. 68, Lindell Direct at 8-9 (supporting OES’s alternative proposal to address the
matching concern).

' Id. at 9.
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legislative function to determine a just and reasonable allocation of the revenue requirement
among NSP’s customer classes.'’ Regarding the Commission’s revenue requirement allocation
process, the Minnesota Supreme Court has stated:

Once revenue requirements have been determined it remains to decide how, and
from whom, the additional revenue is to be obtained. It is at this point that many
countervailing considerations come into play. The commission may then
balance factors such as cost of service, ability to pay, tax consequences, and
ability to pass on increases in order to achieve a fair and reasonable
allocation of the increase among consumer classes. This determination must
result in rates which are “just and reasonable” and rates ‘“shall not be
unreasonably preferential, unreasonably prejudicial or discriminatory, but shall be
sufficient, equitable and consistent in application to a class of consumers.”"" '

The Minnesota Supreme Court noted important differences between residential and commercial
customers with regard to the allocation of the costs of utility service:

...1t 1s a matter of common knowledge that the custom of the commercial users is
to employ electrical energy profitably, deduct the expense of such energy as a cost
of doing business for income tax purposes, and add the residual cost to the price
of the service or product which they produce, while it is similarly known that
private consumers of electricity cannot so deduct or pass on electrical costs. Such
facts allow the inference that in the majority of cases a rate increase must be fully
paid for in cash by residential consumers, who may also end up paying for a
portion of the commercial rate increase due to the pass-on effect just described. It
is not a leap of logic to then say that for the most part commercial users of

" Hibbing Taconite v. Minnesota Public Service Commission, 302 N.W.2d 5, 9 (Minn. 1981).

- St. Paul Area Chamber of Commerce v. Minnesota Public Service Commission, 251 N.W.2d
350, 357 (1977) (emphasis added); see also Minn. Stat. § 216B.03.

12 The Court found support for considering non-cost factors “with the reasoning expressed by the
United States Supreme Court in the Permian Basin Area Rate Cases, 390 U.S. 747, 815, 88 S.
Ct. 1344, 1385 (1968):

[T]he [Federal Power] Commission‘s exposition . . . has quite appropriately
incorporated in its calculations factors other than producers’ costs . . . .The
Commission’s responsibilities necessarily oblige it to give continuing attention to
values that may be reflected only imperfectly by producers’ costs; a regulatory
method that excluded as immaterial all but current and projected costs could not
properly serve the consumer interests placed under the Commission’s protection.

Id. at 355. In setting rates, the Commission is also urged to bear in mind the observation of the
United States Supreme Court that “[u]tility service is a necessity of modern life . . . .” Memphis
Light, Gas, and Water Div. v. Craft, 436 U.S. 1 (1978) at 18.
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electricity are more “able to pay” a rate increase than residential users. While such
assumptive reasoning would not ordinarily be employed by a court, which must in
most cases confine itself to the evidence, it may be legitimately employed by a
legislative agency attempting to serve the public interest at large in a way that
courts cannot. '

The Commission has adopted the Minnesota Supreme Court’s determination on the issue of
allocation of the costs of utility service:
In determining how to apportion responsibility for the revenue requirement
among customer classes, the Commission considers both cost and non-cost
factors. Traditional non-cost factors include ability to pay, historical continuity,

ease of administration, customer acceptance, ability to pass along costs, ability to
bypass the utility, and tax deductibility of utility expenses.'"

The Commission has elaborated on the importance of the non-cost regulatory policy that favors
rate stability and disfavors abrupt or significant changes to rates:

Avoiding rate shock is a primary ratemaking goal, because sudden, drastic

increases in energy costs can be burdensome for residential and non-residential

customers alike. Avoiding rate shock is particularly important for residential
ratepayers, however, because increases in the cost of basic needs can cause
hardship for customers on low or fixed incomes.'"

OAG witness Lindell acknowledged that the Commission generally begins its revenue
requirement allocation determination with an examination of the Class Cost of Service Study
(““CCOSS”) and then balances the CCOSS results with non-cost factors that the Minnesota
Supreme Court and Commission have recognized. Some parties in this case request that the ALJ

and Commission give great deference to the results of the CCOSS. However, evidence in this

record demonstrates that a CCOSS is an inherently imprecise revenue allocation tool and for this

13251 N.W.2d at 354-355.

"4 In re Minnegasco, a Div. of Nor Am Energy Corp., 170 P.U.R.4th 193, 1996 WL 361224,
Minn.P.U.C., June 10, 1996, (NO. G-008, GR-95-700).

'"> FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of
Application of Midwest Gas, a Division of lowa Public Service Company, for Authority to
Change its Schedule of Gas Rates for Retail Customers Within the State of Minnesota, Docket
No. G-010/GR-90-676 (July 12, 1991) at 35.
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reason, the ALJ and Commission should carefully balance non-cost factors with the questionable
merit of the CCOSS.

1. Evidence in this record questions the reliability of using a CCOSS to
allocate the revenue requirement.

The OAG provided extensive testimony regarding its concerns with relying on the results
of a CCOSS to apportion rate increases and its testimony is supported by evidence in this record
that further explains the limited reliability of CCOSS for apportioning an authorized rate
increase. Due to the limited reliability of the results of a CCOSS, it is important to give careful
consideration to non-cost factors when apportioning rates.

As counsel for XLI demonstrated through the use of the excerpts from the National
Association of Regulatory Utility Commissioners (“NARUC”) Cost Allocation Manual,''® there
are numerous CCOSS methods, some of which are discussed in the NARUC manual. NSP
witness Zins noted through questioning by Commission Staff that there are numerous types of
CCOSS because “there’s lots of analysts like me to dream them up. And each utility looks at
these things differently. Each jurisdiction. The regulatory agencies look at them differently.
And in addition to that, the ideas have evolved over time.”""” Further, Mr. Zins acknowledged
that the selection of the CCOSS used will impact the cost of service results. In fact, Mr. Zins
stated that the implementation of one CCOSS method may produce results that are “materially
different” than the results of a different method.'"®

Mr. Zins testimony supports OAG witness Lindell’s position that a CCOSS is an arbitrary

9

exercise that has limited value in ratemaking.'” This testimony also supports Mr. Lindell’s

"°Ex. 55.

""Tr. Vol 2A (June 2, 2009) at 98, lines 2-5.

"8 Id. at 98-99.

' Ex. 66, Lindell Direct at 41 (citing Baumol, “How Arbitrary is Arbitrary? - or Toward the
Deserved Demise of Full Cost Allocation,” The Public Utilities Fortnightly (September 3, 1987).
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argument that cost studies do not reflect the “actual cost” of providing service to a class of
customers'” and that results of a CCOSS will depend largely on the allocation methods used and
data incorporated within the CCOSS."”" If two different studies applying the same information
can produce cost results that are materially different, than it is inappropriate to claim that the
results of the chosen study demonstrate the “actual cost” of serving a customer class. Similarly,
because results can vary materially depending on the study chosen, it is inappropriate to rely on
the results of a study to make a claim that one class of customers is subsidizing another class of
customers.

Because of the limited reliability of this cost of service evidence, the OAG requests that
the Commission employ great caution in using its results to guide revenue allocation decisions.

2. Public comments demonstrate the extreme financial difficulties that
residential ratepayers are currently experiencing.

The ALJ and Commission are undoubtedly aware that the NSP’s rate increase request
comes in the midst of an economic crisis unlike any experienced in recent times. Minnesotans
are experiencing record levels of unemployment rates and many are fighting to make monthly
payments for necessities such as food, clothing, shelter and utilities. Public comments provide
an applicable litmus test for determining the impacts of a rate increase on the utility’s customers
and whether the proposed increased rates are “reasonable” given the economic climate that we
find ourselves. Numerous customers submitted substantial and thoughtful written remarks

122
t.

regarding the impact and timing of NSP’s rate increase reques All customers submitting

written public comment opposed NSP’s rate increase request.

120 Ex. 67, Lindell Rebuttal at 26.
P Id. at 32.
> The written public comments were filed in two volumes on May 12, 2009.
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Ms. Lois Kelly, a fixed income NSP customer, wrote to express her objection to NSP’s
rate increase request. Ms. Kelly indicates that she has worked diligently to conserve electricity
in an attempt to lower her electric bill. Ms. Kelly further indicates that despite her best efforts to
reduce her monthly bill, she continues to pay more for her electricity. Ms. Kelly states that she
prides herself on timely paying all her bills, but this proposed electricity rate increase will
undoubtedly cause strain on her already fixed budget.

Mr. Thomas Beagan wrote to express his position that no rate increase should be
permitted. Mr. Beagan noted that his employer has frozen wages and is not awarding bonuses
this year. He noted that currently Minnesotans are experiencing extreme difficulty “keeping
their heads above water” and therefore NSP’s rate increase request is untimely.

NSP customer Ms. Erika Schaper echoed the sentiments of many other concerned NSP
customers when she wrote to express her position that given current economic conditions this is
not the right time for ratepayers to experience a rate increase.

These and all other written public comments in the record demonstrate that ratepayers,
especially residential ratepayers, are experiencing grave financial circumstances. The prospect
of raising rates for this class of customers is frightening, especially when most residential
ratepayers will not receive wage increases this year to offset the impact of rising energy rates.
The OAG requests that the Commission give appropriate deference to the public comments when
making its policy-intensive revenue allocation decision.

3. All Classes Should Bear The Same Percentage Rate Increase.

Given the lack of any reliable evidence to demonstrate the actual cost of serving each
customer class or any reliable evidence that residential ratepayers are subsidized by other
customer classes, it is highly inappropriate to place a greater percentage of any approved rate

increase on the backs of the residential class. NSP’s proposal, however, will do just that. As
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demonstrated in OAG witness Lindell’s direct testimony, NSP’s proposal would result in a much
higher proportion of the overall increase being assigned to the residential class.'”

The OAG’s analysis shows that under NSP’s proposal, the residential class will receive
44 percent of the proposed increase even though the residential class only takes 26 percent of
NSP’s total retail Minnesota power.'”* Conversely, commercial and industrial customers
consume 72 percent of the power, but NSP is only proposing that those customers receive 54
percent of the overall increase. The XLI, MCC, and Commercial Group recommend allocating
even more of the authorized rate increase to the residential ratepayers than NSP proposes. As the
record demonstrates, residential ratepayers should not and cannot be asked to shoulder the
burden of this rate increase. Given this record and the dire economic circumstances that all
customers find themselves, the OAG requests that Commission apportion any authorized rate
increase equally among all customer classes.

IVv. CONCLUSION

In summary, the OAG requests that the Commission:

1. Accept the proposed FCA Incentive Settlement that requires NSP to provide a FCA
incentive proposal to the workgroup formed in an alternative docket for consideration by
all stakeholders and for potential implementation by all electric utilities.

2. Accept of the proposed Employee Expense Compliance Plan which will provide a forum
to review and rework, where necessary, NSP’s revised policies for employee expenses
and to ensure that in the future, ratepayers are responsible for only those expenses that are

reasonable and necessary for the provision of utility service to Minnesotans.

' Ex. 66, Lindell Direct Testimony at JJL-1.
124 Id
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3. Accept the OAG’s proposal to establish a cost control mechanism to determine the
appropriate test year level of rate case expenses to be recovered from ratepayers.

4. Deny NSP’s proposed change in accounting for nuclear refueling.

5. Require NSP to adopt the Commission’s preferred corporate cost general allocator and
set rates on the basis of that general allocator, as recommended by the OAG.

6. Denial of NSP’s proposed Nuclear Plant Rate Stability Proposal.

7. Approve a revenue allocation that assigns the same percentage increase to all rate classes.
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INTRODUCTION AND QUALIFICATIONS

PLEASE STATE YOUR NAME AND BUSINESS ADDRESS.

My name is Vincent C. Chavez. I am employed by the Office of the Minnesota Attorney

General ‘as a Financial Analyst in the Antitrust and Utilities Division (“OAG”). My
business address is Bremer Tower, Suite 1400, 445 Minnesota Street, St. Paul, Minnesota,
55101-2127.
HAVE You PREVIOUS‘LY SUBMITTED TESTIMONY IN THIS PROCEEDING?
Yes, 1 filed Direct Testimony in this proceeding. |
PURPOSE OF TESTIMONY
WHAT TOPICS WILL YOU ADDRESS IN YOUR REBUTTAL TESTIMONY??
- I address: | |
. Mpdiﬁcations to Xcel’s proposed Class-Cost-of-Service Study (“CCOSS”) as
recommended by the Minnesota Chamber of Commerce (“MCC” or “Chamber’_’),

Xcel Large Industrials (“XLI”), and the Minnesota Department of Commerce

(“DOC”);

. Modifications to Xcel’s proposed apportionment of revenue responsibility as
recommended by the DOC;

®  Customer charge increases for the Residential and Small General Service

customer classes as recommended by the DOC; and

. The recommendation by Energy Cents Collation (“ECC”) to implement an
Inverted Block Rate structure for Residential ratepayers.

Each is presented below.
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- Q. BEFORE CONTINUING, DO YOU HAVE ANY QUALIFYING REMARKS?

A.  Yes. In Xcel’s last rate case (Docket No. EOOZ/GR—10-971 (“Docket 10-9717)), the

Commissipn established an apportionment of revenue requirement in which the
Residential customer class was assigned 100.1 percent of the costs identified by the
CCOSS. Now, due largely to the loss of two major Commercial ahd Industrial customers
(“C&I™), there is a shift of costs to Residential ratépayers. This shift of costs now changes
th_e amount of costs assigned to the Residential ratepayers to 99.1 percent, which Xcel
wants to “correct.” Residential ratepayers have been paying more than 100 percent of
their costs and are now being asked to pay more costs sirhply due to the loss of C&I
customers, and not because the Residential customers impose more costs on the system.
The proposed shift in costs due to a shift in revenue ié neither fair nor reasonable given

that Residential ratepayers have been and are currently paying their costs.

IIl.  MODIFICATION TO CLASS COST OF SERVICE STUDY (“CCOSS»)
A MINNESOTA CHAMBER OF COMMERCE
Q. DO You HAVE ANY OBSERVATIONS CONCERNING THE TESTIMONY OF MCC WITNESS
KAVITA MAINI?
A.  Yes. According to Ms. Maini:
Xcel is seeking additional revenues due to significant losses in the C&I
rate class, and Xcel has seen elimination or reductions in its largest
ratepayers. These include closing of the Ford Plant and Verso Paper,
switching of sources by the University of Minnesota and Cypress, and an
economic retention rate was needed to support expansion at Gerdau
Ameristeel.!
According to Ms. Maini, these “high load factor businesses are typically energy intensive
24x7 operations and have a stable and predictable load profile. Consequently, such loads
! Maini Direct at 24.
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impose.lesser costs on the system because the utility incurs less load following costs.”
However, as in the case of the Ford Plant, Verso Paper, and other lost C&I customers, |
these are only “energy intensive 24x7 operations” when they are in operation. When
they are not in operation, their load profile is zero.

HOW ARE RATES GENERALLY AFFECTED WHEN A UTILITY EXPERIENCES
ELIMINATION OF OR REDUCTIONS IN ITS LARGEST C&I RATEPAYERS?

Generally, the costs in a CCOSS are assigned to the cost causer -- an outcome Ms. Maini

3

acknowledges.” Here, the C&I class of customers is the cost causer of what Xcel

identifies .as’ significant losses in the C&I rate class. Thus, C&I rates would logically
increase as a result. It would be contrary to ratemaking principles to increase Residential
and Small General Service rates as a result of decreased revenue from C&I customers
because Residential and Small General Service customers are no more expensive to serve
as a result of the elimination of or reductions in the energy consumption of Xcel’s largest
C&I ratepayers. Once again, in Docket 10-971, the Commission assigned 100.1 percent
of residential costs to the Residential customer class, but MCC wants to shift yet more
costs to Residential customers due to the loss of revenue from the C&I customer class.
How DOES MS MAINI PROPOSE THAT XCEL MAKE Upr FOR THE LOST REVENUI;Z
FROM THE C&I RATE CLASS?

Ms. Maini skirts the issue by recommending “to change the CCOSS method to one that is
not punitive to these high load factor customer classes. . . . [and] that the Peak Demand

CCOSS method be used to assign revenue responsibility to customer classes where all

% Maini Direct at 16.
3 Maini Direct at 18 and 21.
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fixed production plant costs are classified as demand or capacity related.”” In other
words, Ms. Maini subjectively»picks a CCOSS methodology‘. that assigns more costs to
Residential and Small General Service customers. Indeed, she states: “The results
comparing Xcel’s proposed cost allocation to the Peak Demand method using 1CP as the
allocator indicate that the C&I demand metered class should be responsible for revenue
deficiency that is $63 million ($158.9 million - $95.9 million) less than what is currently
proposed by Xcel . . .

WHAT Is THE 1CP ALLOCATOR?

The Single Coincident Peak Method (“1CP”) is described in the NARUC Electric Utility
Cost Allocation Manual® (“NARUC Manual”) as hdving the objective of allocating
production plant costs to customer classes according to the load of the customer classes at
the time of the utility’s highest measured one-hour demand in the test year.

WHY DOES Ms. MAINI PROPOSE THIS CHANGE IN XCEL’S CCOSS METHODOLOGY? |
Be;ause the 1CP system péak typically occurs on days with extreme weather, this
allocation methodology will allocate more costs to weather sensitive classes and less costs
to non-weather sensitive classes than other methodologies. Thus; it aliocates more costs
to the Residential class than Xcel’s CCOSS methodology -- the Equivalent Peaker
method.” Since “the Chamber’s position is that there should be no inter class subsidies
and that the revenue apportionment to each class should reflect the cost to serve[,]”®

Ms. Maini’s only recourse is to change the CCOSS to produce a different result that

# Maini Direct at 16-17.
> Maini Direct at 21.

S NARUC (1992).

7 Peppin Direct at 9.

8 Maini Direct at 16.
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favors her clients; i.e., if you don’t like the géme, change the rules. This selective, self-
serving, results-driven approach must be rejected.

WHAT Is THE IMPACT OF MS. MAINI’S PROPOSED CHANGE IN XCEL’s CCOSS
METHODOLOGY?

As shown in Table 8, page 22, Ms. Maini’s proposed 1CP (peak demand) allocator, the
revenue dgﬁciency attributed to the C&I customer class decreases from 10.10 percent to
6.16 percent, while the revenue deficiency attributed to the Residential customer class
increases froni Xcel’s proposed deficiency of 11.70 percent to 18.00 percent. Similarly,
the revenue deficiency attributed to the Small General Service customer class increases

from Xcel’s proposed deficiency of 10.80 percent to 17.10 percenf. These changes

- proposed by Ms. Maini are not fair and not reasonable. Furthermore, such changes inflict

rate shock on the Residential and Small General Service customer classes.

DOES XCEL’S PROPOSED CCOSS ALREADY SHIFT CosTS TO RESIDENTIAL
CUSTOMERS DUE TO PLANT CLOSING OF LARGE C&I CUSTOMERS?

Yés. The OAG requested that Xcel provide the revenue and class cost allocation
ramifications of losing the large C&I customers Ford and Verso Paper individually and

collcétively. In response to the question, Xcel states:

The Company has not prepared jurisdictional and class cost studies
forecast year 2013 with the hypothetical assumption of including the two
customers specified in a question, because those loads have been
permanently lost due to plant closures. Therefore, an estimated revenue
requirement and class cost allocation impact is not available. However,
with the exception of both local costs that are directly assigned and
directly variable costs such as fuel and purchased power, the remaining
fixed costs do not change and continue to have the same revenue
requirement after the loss of a customer loads. In isolation, if a customer
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load reduction is limited to a single class, the class cost allocation impact
would be to increase the revenue requirement of the other classes.’

Thus, Xcel’s proposed cost allocation already shifts costs to other customer classgs due
to the loss of revenue from the plant closures of Large C&I customers.

B. XCEL LARGE INDUSTRIAL

HAVE YOU REVIEWED THE TESTIMONY OF XCEL LARGE INDUSTRIALS “XLI?)
WITNESS JEFFREY POLLOCK?

Yes. Mr. Pollock wants the Commission to ignore non-cost factors in setting rates. 1
address Mr. Pollock’s recommendations to use a different CCOSS and to ignore non-cost
factors in setting rates.

WHAT TYPE OF CCOSS DOES MR. POLLOCK RECOMMEND?

Mr. Pollock offers a CCOSS using the Average and Excess Demand (“AED?”) allocation
method. The NARUC Manual describes the AED method as a method that allocates
production plant costs to rate classes using factérs that combine the classes' average
demands and non-coincident peak (“NCP”) demands.” NCP is the individual or actual
peak demand of each load in an electrical system; it does not 'necessari»ly fall during
system peak (or it would be considered coincident peak). This method of allocation
favors high load factor customérs (e.g., classes Wiﬂe industrial customers), and disfavors
customer classes with lower load factor customers (e.g., Residential and Small General

customer classes). Like the MCC’s witness Ms. Maini, the XLI’s witness Mr. Pollock

_selectively picks a CCOSS that favors his constituents with lower allocated costs and

must be rejected.

9_ Xcel’s Response to OAG IR No. 109, included as Rebuttal Schedule VCC-1
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PLEASE ADDRESS MR. POLLOCK’S ‘RECOMMENDATION ToO IGNORE NON-COST
FACTORS IN SETTING RATES.

Mr. Pollock disagrees with the Minnesota Supreme Court’s directive that non-cost
factors, including the cost of service, ability to pay, tax consequences, and ability to pass
along cost increases, be considered in setting rates, claiming: “The decision dat¢s back to
1977. Circumstances have chaﬁged dramatically in the last several decades.” !

DO YOU AGREE WITH MR. POLLOCK’S STATED POSITION REGARDING THE USE OF
NON-CoST FACTORS IN SETTING RATES?‘

No. I strongly disagree. XLI joins MCC in their assault on Residential ratepayers,
claiming that business customers are subsidizing Residential customers. Repeating the
same mantra in virtually every rate case on record, the MCC contends that “there should

be no inter class subsidies and that the revenue apportionment to each class should reflect

the cost to serve.”!! In this regard, the XLI teamed with MCC in maintaining that

interclass subsidiés have existed among Minnesota Power's customer classes since the
late 1970’s. Tt is of note that MCC has made the same argument in the 2008 MP rate case
(08-415), the Xcel Energy electric 2010 rate case (10-971), the 2008 rate case (08-1065)
and the 2005 rate case (05-1428), the Otter Tail Power 2007 rate case (07-1178), and
many others beginning with the dawn of utility regulation in Minnesota. Indeed, in the
1975 ‘Northern States Power rate case, the participation of MCC (then the St. Paul
Chamber of Commerce) is described as follows:
St. Paul Chamber of Commerce witness Wilson presented his analyses of

the load on the NSP system, of a group of five residential feeders, a group
of 48 St. Paul large C&I customers and 105 large C&I customers from the

10 poliock Direct at 66.
1 Maini Direct at 16.



total NSP system, and an analysis of system and class demand growth
based upon kilowatt-hours and available data for the period July, 1972,
through 1974. Based upon his analyses, he concluded that the large C&I
customers have high load factors. He concluded that the contribution to
the system peak of these customers is less than proportional to their
average demand. He further concluded that these customers contribute
more than proportionally to NSP's rate of return. '

O 00 3O\ Ut &b W=

~After the Commission (then the Public Service Commission) rejected a rate design based

10 on the MCC’s representations, the MCC appealed the decision to the District Court which
11 agreed with the MCC, but which decision was overturned by the Minnesota Supreme
12 Court in the landmark case, St. Paul Area Chamber of Commerce v. Minnesota Public
13  Service Commission, holding in oft-cited language:

14 Once revenue requirerhents have been' determined it remains to decide

15 how, and from whom, the additional revenue is to be obtained. It is at this

16 point that many countervailing considerations come into play. The

17 commission may then balance factors such as cost of service, ability to

18 pay, tax consequences, and ability to pass on increases in order to achieve

19 a fair and reasonable allocation of the increase among consumer classes.

20 This determination must result in rates which are “just and reasonable”

21 _ and rates “shall not be unreasonably preferential, unreasonably prejudicial

22 or discriminatory, but shall be sufficient, equitable and consistent in

23 application to a class of consumers.” Minn. St. 216B.03.13

24

25 Mr. Pollock’s opinion that circumstances have changed in the last several decades and
26 that non-cost factors should be now ignored has no bearing on existing law and what the
27 ~ above language directs the Commission to consider in designing rates.

28 Q. SHOULD THE COMMISSION CONSIDER OTHER NON-COST FACTORS .WHEN
29 DETERMINING THE REVENUE RESPONSIBILITY OF THE RESIDENTIAL CLASS
30 A, Yes. When determining class revenue responsibility, the Commission should consider the

31 low-income Residential ratepayers’ ability to pay, including, in particular, those who do

2 Re Northern States Power Co., 11 P.U.R.4th 385, Mn.P.U.C. 1975 (October 31, 1975).

B St. Paul Area Chamber of Commerce v. Minnesota Public Service Commission, 251 N.W.2d
350, 357 (Minn.1977).



not qualify or are just above the eligibility requirements of the affordability programs.
Minnesota law expressly authorizes the Commission to consider low-income customers’

ability to pay in establishing utility rates. Specifically, Minn. Stat. § 216B.16, subd. 15

27

28

- 29

30

31

32

states:

Thus, in designing rates and establishing reveﬁue allocation procedures, it is appropriate
for the Commission to consider low-income customers’ ability to pay. This is especially
important to low-income customers who do not qualify for the affordabﬂity program and
must pay the increased cost to support this program. In addition, Xcel’s Residential
ratepayers are unable to pass the high cost of their electric bills off to other partips through
sales of their produc’is or services and cannot take a tax deduction like business customers.

The Commission should consider these non-cost factors when setting the revenue

Subd. 15. Low-income programs. (a) The Commission may
consider ability to pay as a factor in setting utility rates and may
establish programs for low-income residential ratepayers in order
to ensure affordable, reliable, and continuous service to low-
income utility customers.

(b) The purpose of the low-income programs is to lower
the percentage of income that low-income households devote to
energy bills, to increase customer payments, and to lower the
utility costs associated with customer account collection activities.
In ordering low-income programs, the Commission may require
public utilities to file program evaluations, including the
coordination of other available low-income bill payment and
conservation resources and the effect of the program on:

(1 reducing the percentage of income that participating
household devote to energy bills:

2) service disconnections; and :

3) customer payment behavior, utility collection costs,
arrearages, and bad debt.

responsibility for the Residential customer class.
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C MINNESOTA DEPARTMENT OF COMMERCE
HAVE YOU REVIEWED THE TESTIMONY OF MINNESOTA DEPARTMENT OF COMMERCE
(“DOC”) WITNESS DR. SAMIR OUANES?

Yes. Dr. Ouanes recommends:

First, the classification and allocation methods used by Xcel are generally
reasonable and the Commission approved these methods in Xcel’s
previous rate cases. Second, the correction made to Xcel’s CCOSS

improves the precision of the revised CCOSS as it relates to the cost
causation principle.'*

The correction to which Dr. Ouanes refers in the .above cite is DOC’s recommendation
that the Commission require the capacity portion of generation plant costs be allocated on
the basis of the summer systerh cbincident peak only, rather than a winter/summer
coincident peak as proposed by Xcel.

WHAT ARE- THE RESULTS OF DR. OUANES’ RECOMMENDED CHANGE?

Dr. Ouanes’ proposed change increased allocation from Xcel’s proposed allocation.by
0.42 percent ($4,469,000) and 0.21 percent ($240,000) for Residential and Small General
Service customer classes, respectively. The increase to Residential and Small General .
Service customer classes results in a decrease to C&I and Lighting customer classes by
0.20 percent ($3,443,000) and 4.18 percent ($1,266,000).

DO YOU HAVE ANY OBSERVATIONS REGARDING DR. OUANES’ RECOMMENDATION?
Yes. I understand that the Commission has previously accepted Xcel’s CCOSS method
in the Company’s previous rate case. I also recognize that the DOC is attempting to
further refine Xcel’s methodology to improve the precision of the -CQOSS. cost

allocations. However, the effort to make any one CCOSS method more precise has

4 Ouanes Direct at 24.
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limited value. Xcel’s CCOSS, even as modified by the DOC, merely provides a rough
estimate of cost, not a precise measure of the actual cost of service.

DO You HAVE ANY FURTHER OBSERVATIONS REGARDING THE DOC’s CCOSS
TESTIMONY?

Yes. Dr. Ouanes does not acknowledge the role of sales forecasts in the determination of
cost allocation. As mentioned above, Xcel’s CCOSS increases the cost allocation to the
Residential and Small General Service customer classes due to loss of revenue from the
plant closings by large C&I customers. The final, approved CCOSS in this case should
reflect the changes in the final sales forecasts approved by the Commission. Department
witness vAdam Heinin recommends a new sales forecast which dramatically increases the
revenue attributable to the Residential customer class. The impact of the new sales
forecast on the CCOSS should be fully identified prior to the Commissioﬁ’s final

decision.

D.  SuMMARY OF THE OAG’s REB UTTAL TESTIMONY REGARDING CCOSS

PLEASE SUMMARIZE YOUR TESTIMONY REGARDING THE CCOSS TESTIMONY
PRESENTED IN DIRECT TESTIMONY.

MCC and XLI are proposing different CCOSS methods which predictably decrease the
cost allocation to the C&I customer class, while dramatically increasing the costs

allocated to Residential and Small General Service customer classes. The DOC

- recommends corrections to Xcel’s proposed CCOSS to make it more precise. However,

as noted in my Direct Testimony, the results of CCOSS models can vary significantly,
and any single outcome cannot be relied upon as an accurate result.'> CCOSS methods

have basic limitations and present a false impression of precision. Xcel’s CCOSS, even

15 Chavez Direct at 6.

11



10
1
12

13

14

15
16
17
18
19
20
21

22

as modified by the DOC, merely provides a rough estimate of cost, not a precise measure
of the actual cost of service. Basing rates entirely on costs derived from any one CCOSS
method does not recognize the directives of the Minnesota Supreme Court, the

Legislature, and the Commission to take non-cost factors into account when establishing

the rate design.

IV. RATE DESIGN PROPOSALS PRESENTED IN DIRECT TESTIMONY

A APPORTIONMENT OF REVENUE RESPONSIBILITY

HAVE OTHER INTERVENORS IN THIS PROCEEDING TAKEN POSITIONS REGARDING THE
APPORTIONMENT OF REVENUE REQUIREMENTS?

Yes. MCC advocates for revenue apportionment equal to the CCOSS. Under the advice
of counsel, XLI witness Pollock understands that the Commission 1s instructed by the

Minnesota Supreme Court to consider “cost of service, ability to pay, tax consequences,

‘ability to pass along cost increases”,'® but recommends that rates be solely based cost. The

DOC recommends a “more moderate move toward cost at this time”!” rather than Xcel’s
proposal, which is purportedly based on costs.‘

DO You HAVE ANy OBSERVATIONS REGARDING MCC’s AND XLI PROPOSED
APPORTIONMENT OF REVENUE RESPONSIBILITY?

Yes. Both MCC and XLI propose basing rates entirely on costs derived from their selected
CCOSS method, but both parties appear to dismiss the directives of the Minnesota
Supreme Court, the Legislature, and the Commission to take non-cost factors into account
when estabiishing the rate design as discussed above. In other words, cost is merely one

factor and other factors must be considered in setting rates.

16 Pollock Direct at 66.
7 Peirce Direct at 6.
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Q. DO You HAVE ANY OBSERVATIONS REGARDING DOC’S PROPOSED APPORTIONMENT OF

REVENUE RESPONSIBILITY?

A.  Yes. DOC witness Ms. Susan Peirce notes that Xcel’s proposed increase “is the highest

revenue increase the Company has ever proposed”'® and that “this case is likely to result in

rate shock to all customer classes.” !°

Q. WHAT ARE THE RESULTS OF THE DOC’s PROPOSED REVENUE APPORTIONMENT

COMPARED TO THE CURRENT REVENUE APPORTIONMENT?

A. A comparison of the current revenue apportionment and DOC’s revenue apportionment is

shown below.

Rebuttal Table 1.

Difference between Current and DOC’s Proposed Revenue Apportionment

Current Percent | DOC’s Percent % Revenue % Rate Increase
of Total of Total Apportionment Difference from
Revenue Revenue Difference Xcel’s Proposed
Increase
Residential 35.90% - - 36.10% 0.20% 0.50%
Sm Gnrl Srve 3.90% 3.90% 0.00% 0.10%
C&I Demand 59.21% 59.00% -0.21% -0.30%
Lighting 0.98% 1.00% 0.02% 1.90%
Total 100% 100.00%

As shown above in Rebuttal Table 2, Ms. Peirce’s recommended revenue apportionment

increases the revenue responsibility from the current apportionment for the Residential

customer class and decreases the revenue responsibility from current apportionment for the

C&I and Lighting customer classes.

18 peirce Direct at 7.

- 1 Peirce Direct at 7.
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APPORTIONMENT

How DOEs THE DOC’s PROPOSED REVENUE APPORTIONMENT COMPARE TO XCEL’s

REVENUE AND THE CURRENT REVENUE
APPORTIONMENT?
A. A comparison of the current, Xcel’s proposed and DOC’s revenue apportionment is
illustrated below.
Rebuttal Table 2
Current, Xcel’s Proposed, DOC’s Proposed Revenue Apportionment
Current Xcel DOC
Percent of Percent Percent of Percent Percent of Percent
Total Increase Total Revenue Increase Total Revenue Increase
Revenue
Residential 35.90% 10.70% 36.21% 11.70% 36.10% 11.20%
Sm Gnl Srvc 3.90% 10.70% 3.90% 10.80% 3.90% - 10.80%
C&I Demand 59.21% 10.70% 58.88% 10.10% 59.00% 10.40%
Lighting 0.98% 10.70% 1.00% 12.60% 1.00% 12.60%
Total 100% 10.70% 100.00% 10.70% 100.00% 10.70%

As shown above in Rebuttal Table 2, the DOC’s recommend apportionment is higher for
the Residential customer class than the current apportionment, but is lower than Xcel’s
proposed apportionment. Using figures from Xcel’s initial petition, the DOC
recommendétion for the Residential customer.class results in an increase of 11.20 percent,
while Xcel’s proposed apportlonment results in an increase of 11. 70 percent. At the same
time, the DOC recommendation for the C&I customer class results In an increase of 10.40

percent, rather than an increase of 10.10 percent.

How DoEs THE DOC JUSTIFY THE RECOMMENDED CHANGES IN THE REVENUE

APPORTIONMENT?

Ms. Peirce recommends that the Commission adopt the DOC revenue ‘apportionment

because it balances “the goal of moving toward cost to lessen the impact of inter-class

14
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subsidies with the goal of moderating the overall revenue increase experienced by each

ClaSS 520

WHAT IS YOUR RESPONSE TO THE DEPARTMENT’S JUSTIFICATION?

First, the best way to achieve the goal of moderating the overall revenue increase
experienced by each class is to maintain the current revenue apportionment which has
already been determined to be fair and reasonable by the Commission in Docket 10-971.
Second, with respect to inter-class subsidies, both the Department’s and Xcel’s proposed
CCOSS already shift costs to the Residential and Small General Service customer classes
due to the loss of revenue from the plant closings of large C&I customers. It is
unreasonable to continually attempt to move closer and closer to cost, when the
Commission’s revenue apportionment in Docket 10-971 for the Residential customer class
is 100.1 percent. Even accepting that Xcel’s CCOSS is “precise” and ignoring every other
factor for setting rate design, Residential customers are paying more than 99 percent of
their “costs.” Residential customers have been and are currently paying their fair share; it
is unfair that both Xcel and the DOC are now recommending an increase from the current
revenue apportionment. I continue to recommend that the Commission maintain the

currently approved revenue apportionment established in Docket 10-971 as a fair and

reasonable allocation to customer classes.

20 peirce Direct at 8.

15



~

10

11

12

13

14

15

16

17

B.  DOC’s Proposed Residential Customer Charges

Q. PLEASE SUMMARIZE DOC’S PROPOSED CHANGES TO RESIDENTIAL CUSTOMER

CHARGES.

A. The DOC proposes to increase its monthly customer charges for the Residential customer

class. Rebuttal Table 3 below depicts both the present customer charges and the DOC’s

proposed customer charges:

Rebuttal Table 3
Present Customer Charges and DOC’s Proposed Customer Charges
DOC's

Percent Proposed

DOC's Increase Fixed Customer

Present Proposed | from Present | Monthly Charge as

Customer Customer Customer Cost of Percent of

Service Category Charge Charge Charge Service Cost

Residential Overhead $7.11 $8.50 19.54% $17.35 48.99%
Residential Underground $9.11 $10.50. 15.26% . $17.44 60.20%

Q. WHAT Is DOC’S JUSTIFICATION TO INCREASE CUSTOMER CHARGES?

A. DOC states that its proposed Residential customer chafge of $8.50 per month is comparable
to other Minnesota utilities that received Commission approval to increase the Residential
customer-charge to $8.00 per month (Minnesota Power) and $8.50 per month (Otter Tail
Power and Interstate Power). Ms. Peirce states that her recommendation “seeks to balance
the impaét thét an increase in fixed customer charges has on customer or hghseholds with
the impact of intra-class subbsidie:s.”21
DO YOU AGREE THAT DOC’s PROPOSED CUSTOMER CHARGES ARE REASONABLE?

No, for two reasons.

2! peirce Direct at11.
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PLEASE EXPLAIN THE FIRST REASON WHY THE DbC PROPOSED CUSTOMER CHARGES
ARE UNREASONABLE.
DOC’s proposed customer charges represent almost a 20 pércent increase over current
customer charges for the Residential customer classes. The DOC’s proposed customer
charge is less than Xcel’s proposed Residential customer charge of $10.00, which |
represents a 40 percent increase over current customer charges for the Residential class.
However, when compared to previous customer charges assessed to the Residential class,
as sﬁown page 14 of my Direct Testimony, an increase of such magnitude has only once
been instituted by the Commission for Xcel’s Residential customer chérges. With one
exception, DOC’s proposed increase in the customer charge from $7.11 per month to $8.50
per month (or vapproximately 20 percent) is larger than the Xéel’s prior Commission-
approved Residential customer charges.?? Moreover, an increase in the monthly increase in
customer charge of approximately 20 percent will induce rate shock.
HAS THE COMMISSION OR HAVE OTHER COMMISSIONS PREVIOUSLY RECOGNIZED THE
IMPORTANCE OF RATI;I SHOCK? -
Yes. The Commission has recognized the importance of a regulatory policy that favors rate
stability and disfavors abrupt or significant changes to rates:
Avoiding rate shock is a primary ratemaking goal, because sudden, drastic
increases in energy costs can be burdensome for residential and
non-residential customers alike. Avoiding rate shock is particularly

important for residential ratepayers, however, because increases in the cost

of basic needs can cause hardship for customers on low or fixed
incomes.? '

22 Chavez Direct, Table 4, at 14. -

23

FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of
Application of Midwest Gas, a Division of Iowa Public Service Company, for Authority to

Change its Schedule of Gas Rates for Retail Customers Within the State of Minnesota, Docket
No. G-010/GR~90-676 (July 12, 1991) at 35.
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Additionally, rate shock is a utility common law concept.* Rate éhock describes the

subjective effect of sudden large rate increases on utility ratepayers. It is recognized by

virtually every utility regulatory commission in the nation. A Westlaw éearch of the Public

Utilities Reports and Federal Energy Regulatory Commission (“FERC”) databases shows

over 2,000 entries that refer to th¢ term “rate shock,” representing almost every state,
\ FERC, as well as Manitoba and Ontario provinces.? Although the term is often used, it is

not formally defined. The Minnesota Commission refers to rate shock as “sudden, drastic

increases in energy costs.”?

Q. PLEASE EXPLAIN THE SECOND REASON WHY THE DOC PROPOSED CUSTOMER CHARGES

ARE UNREASONABLE.

A. As noted above, DOC witness Peirce’s recommendation to increase customer charges
attempts to mitigate the impact of intra-class subsidies.
DO INTRA-CLASS SUBSIDIES MATTER? v

A. Yes, to some extent. Intra-class subsidies can provide advantages to one set of consumers
and disadvantages to another set of consumers. In this case, due to an associated, higher

energy charge resulting from lower-than-cost customer charges, low-use consumers will be

24 Rate shock is also used in the context of insurance rates and interest rates, and is akin to such
terms as “sticker shock.” :

%% The term “rate shock” is used by the following commissions: FERC, Regulatory Commission
of Alaska, Ariz.C.C., Ark.P.S.C, CalP.U.C., Colo.P.U.C,, Conn.D.P.U.C, D.C. P.S.C,
DelP.S.C., Fla.P.S.C., Ga.P.S.C., Hawai'i P.U.C., Idaho P.U.C, IlL.C.C., Indiana U.R.C., Iowa
UB,, Kan.8.C.C., Ky.P.S.C, Maine P.U.C., Mass.D.P.U., Md.P.S.C., Mich.P.S.C., Minn.P.U.C., "
Mo.P.S.C., N.C.U.C, NHP.U.C, NJB.P.U, NMPS.C, N.Y.P.S.C., Nev.P.UC., Ohio
P.U.C, OkL.C.C,, Or.P.U.C, PaP.U.C., RIP.UC, S.C.P.S.C., Tenn.P.S.C., Tex.P.U.C., Utah

P.S.C, VaS.CC., VtP.S.B., W.VaP.S.C, WashU.T.C., Wisconsin PS.C, Wyo.PS.C,

Ontario Energy Bd., and Manitoba P.U.C. _
6 FINDINGS OF FACT, CONCLUSIONS OF LAW, AND ORDER, In the Matter of
Application of Midwest Gas, a Division of Iowa Public Service Company, for Authority to

Change its Schedule of Gas Rates for Retail Customers Within the State of Minnesota, Docket
No. G-010/GR-90-676 (July 12, 1991) at 35.
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subsidized by higher-use consumers. However, to gain perspective, even if the customer

charge were moved completely to Xcel’s CCOSS indicated costs, it would still be true that

‘ higher (lower) use means higher (lower) bills.

HAs THE COMMISSION PREVIOUSLY ADDRESSED LARGE INCREASES IN RESIDENTIAL

CUSTOMER CHARGES?
Yes. As I noted in my Direct Testimony,”’ in its Order in Minnesota Power’s 2008 rate
case (Docket No. E015/GR-08-415), dated May 4, 2009, the Commission stated that it “is
convinced that to adopt an increase in the customer charge to $10.00, as the Company
proposed, not only would have a significant billing impact on low income customers, but
on all residential customers.”?
HAS THE COMMISSION PREVIOUSLY REJECTED INCREASES TO RESIDENTIAL AND
SMALL GENERAL SERVICE CUSTOMER CHARGES?
Yes. As I noted in my Direct Testimony,” in its 2009 rate case (Docket No. E015/GR-09-
1511), Minnesota Power proposed a 60 percent increase in its Residential customer
charges. In its Order, dated November 2, 2010, the Commission stated that it would:
adopt the Administrative Law Judge’s recommendation to maintain
‘Residential customer charges at current levels. The Commission is
reluctant to increase these charges. Customer charges do not vary with
usage, and no amount of conservation permits a customer to reduce these
costs -- short of disconnection. And given that the Company has only
recently increased the Residential Basic customer charge by 60%, the
Commission will decline to authorize another increase at this time. 3°

Similar to Minnesota Power’s rate case, the Commission just recently allowed Xcel to

increase its Residential and Small General Service customer charge by $1.00 on May 14,

27 Chavez Direct at 14,

L Commission Order in Docket No. E015/GR-08—15 at 71.
29 Chavez Direct at 16.

30 Commission’s Order in Docket No. EO1 5/GR-09-1511 at 61.
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2012 in Docket 10-971. It is unfair to these customers to once again increase the customer
charge.

Do YOU WisH To CHANGE YOUR RECOMMENDATION REGARDING RESIDENTIAL AND
SMALL GENERAL SERVICE CUSTOMER CHARGES?

No. I continue to recommend that customer charges to Residential and Small General

Service classes not be increased.

C ENERGY CENTS COLLATION’S (“ECC”) PROPOSED RESIDENTIAL INVERTED
BLOCK RATE STRUCTURE

HAVE YOU REVIEWED THE DIRECT TESTIMONY OF ECC WITNESS PAM MARSHALL
REGARDING THE IMPLEMENTATION OF A RESIDENTIAL INVERTED BLOCK RATE
(“IBR”)?

Yes. Ms. Marshall introduces a five block IBR structure which, she purports, “promotes
more affordable utility service for low and fixed income customers™' and “ensure[s]

affordable energy costs and conservation.”? Ms, Marshall recommends that the IBR

structure be similar to Minnesota Power’s IBR.
WHAT IS YOUR RESPONSE To ECC’s IBR RECOMMENDATION?

I oppose the implementation of ECC’s recommended IBR structure for two primary

reasons.

PLEASE DISCUSS THE FIRST PRIMARY REASON FOR YOU OPPOSITION To ECC’S
RECOMMENDED IBR STRUCTURE.
In Docket No. GO0O8/GR-08-1075 (“08-1075”), the Commission authorized CenterPoint to

terminate the inverted block rate structure. In so authorizing the termination the

Commission stated:

3! Marshall Direct at 21.
32 Marshall Direct at 21.
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CenterPoint’s inverted block rate design unexpectedly resulted in
significantly increased bills for certain customers. Among the customers
adversely effected were low-income customers in poorly-insulated homes,
and renters in multi-unit buildings with only one gas meter. Other

- customers received higher than expected bills because their meters were
not read punctually and their natural gas use during the extended billing
period lifted them into a higher gas-price block. '

The unintended effects of the inverted block rate design on certain
customers and the larger bills that were the result of elongated and uneven
billing periods were contrary to the public interest. There does not appear
to be a way to modify the inverted block rate structure that would be worth
the cost to administer, would not result in even greater customer
confusion, and would still deliver the intended benefits in a measurable
way. Accordingly, this inverted block rate implementation cannot be
reinstated.*?
The Commission’s Order followed an unprecedented number of customer complaints and
CenterPoint’s failure to show any correlation between its IBR and diligent conservation
efforts and lower energy bills. In Docket 08-1075, every party that has . submitted
comments in this period has acknowledged that there were serious problems posed by the
inverted block rates and elongated bills that remained unaddressed.
Q. PLEASE DISCUSS THE SECOND PRIMARY REASON FOR YOU OPPOSITION To ECC’s
RECOMMENDED IBR STRUCTURE. ‘
A. In 2011, the public outcry regarding IBR structures prompted the 87 Minnesota

Legislature:**

* To repeal Minn. Stat. 216B.242, which allowed the Commission to initiate a program
designed to demonstrate the effect of inverted rates on promoting conservation by

Residential customers of natural gas;

3 Commission’s Order Terminating Inverted Block Rate Structure, Accepting Evaluation And
Workgroup Reports, And Requiring Compliance Filings, dated August 10, 2012 at 3 4.
% S.F. No. 1197, 3rd Engrossment - 87th Legislative Session (2011-2012) Posted on May 23, 2011.
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o To strike language in Minn. Stat. 216B.16, subd. 15, which previously stated

“Affordability programs may include inverted block rates in which lower energy

prices are made available to lower usage customers[;]” and

e To strike blanguage in Minn. Stat. 216B.2401 (Energy Conservation Policy Goal)

which previously stated: “It is the energy policy of the étate of Minnesota to achieve
_-annual energy savings . . . through energy consérvation improvement programs and
rate _design, sﬁch as inverted block rates in which lower energy prices are made
available to lower-usage residential customers . . ' .” |
The Minnesota Legislature’s modification demonstrates that the people in the state of
Minnesota should no longer be subjected to IBR structures and ail references to such

structures have been stricken from Minnesota law.

Do YOU HAVE ANY FURTHER DISCUSSION REGARDING YOUR OPPOSITION TO ECC’s

PROPOSED IBR STRUCTURE?

Yes. The two reasons, discussed above, are just the first of many reasons for opposing

ECC’s proposed IBR structure. During workshops held and as presented in the IBR

Modification Workgroup Report (“Workshop Report”) in Docket No. GO008/GR-08-1075,

dated March 1, 2012, the parties conducted in-depth discussions regarding such issues as
customer exemptions (“opt-outs”), effectiveness in promoting conservation, impacts on
low-income households, and the cost feasibility of administration and customer

acceptance.’ In its Comments in response to the Workshop Report, the OAG addressed a

number of concerns specific to opt-outs and concluded:

* IBR Modification Workgroup Report in Docket No. GO08/GR-08-1075, dated March 1, 2012,
included as Rebuttal Schedule VCC-2.
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Due to a myriad of unfair and unintended consequences, IBR has already
been suspended. The parties have met to discuss possible improvements
to the IBR program, but have not reached consensus. In fact, after trying
to tackle the problems associated with IBR head-on, the only proposal is a
system of opt-outs which, for the reasons discussed above, results in an
ineffectual IBR program, increase in customer confusion, higher rates,
additional complexities and unfair and unintended results. The proposed
“solution” may be worse than the first attempt.>

(Emphasis added.)

After the workshop was concluded, CenterPoint did not propose to reinstate a modified

IBR program “based on the information developed in the workgroup process.” 37 The

Commission ultimately terminated the IBR structure on August 1, 2012.

WHAT IS YOUR RECOMMENDATION TO THE IMPLEMENTATION OF AN IBR STRUCTURE
IN THIS CASE?

The CenterPoint IBR pilot has shown ﬁnintended and undesirable consequences for cerfain
customers without any evidence that the inverted block rate promotes energy conservation.
ECC’s proposal does not address or provide solutions to the full array of issues and
problems presented in the Report and as brought forth in the by the OAG in its Comments.
Residential consumers do not need yet another IBR pilot program to further determine

whether or not IBR structures are in the public interest. I recommend that the Commission

reject ECC’s proposed IBR structure.

36 Response of the Office of the Attorney General to the IBR modification Workgroup Report and
CenterPoint’s Revenue Decoupling and Inverted Block Rate Evaluation Report (“Response”),
dated April 2,2012 at 13. The Response is included as Rebuttal Schedule VCC-3. '

at 16.

37T IBR Modification Workgroup Report in Docket No. GO08/GR-08-1075, dated March 1, 2012,
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SUMMARY OF CONCLUSIONS AND RECOMMENDATIONS

- PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY AND RECOMMENDATIONS

REGARDING CCOSS MODIFICATIONS PRESENTED IN THE DIRECT TESTIMONY OF
MCC, XLI AND THE DOC?

In Direct Testimbny, both MCC and XLI provide proposed CCOSS models, which are
proposed for use as the sole determinant in apportioning revenue responsibility. Both
MCC’s and XLI’s CCOSS models propose to increase the allocated costs to the
Residential and Small General Service customer classes. The strict application of MCC’s
CCOSS as the sole basis to determine rates results in an 18.00 percent increase in rates for
Residential customer, which will inflict rate _shock. Xcel’s proposed cost allocation
already shifts costs to other customer classes due to the loss of revenue from the plant
closures of Large C&I customers. Both the MCC’s and XLI’s CCOSS predictably favor
‘only their constituents. I recommend that the Commiission reject the CCOSS methods
proposed by MCC and XLI.

With respect to the DOC’s Direct testimony on CCOSS, the DOC recommends.ﬂ |
modification to further reﬁﬁe Xcel’s CCOSS methodology and to improve the precision
of the CCOSS cost allocations. However, the effort to make any one CCOSS method
more precise has limited value. Xcel’s CCOSS, even as modified by the DOC, merely
provides a rough estimate of cost, not a precise measure of the actual cost of service.
Additionally, the DOC does not acknowledge that ité forecasting witness, Mr. Heinen,
recommends a new sales. forecast which dramatically increases the revenue attributable to

the Residential customer class. The impact of the new sales forecast on the CCOSS has
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not been provided. I recommend that the impacts of the DOC’s new sales on Xcel’s
proposed CCOSS be fully identified prior to the Commission’s final decision.
PLEASE SUMMARIZE YOUR REBUTTAL TESTIMONY AND RECOMMENDATIONS WITH
RESPECT TO THE DOC’SF REVENUE APPORTIONMENT AND RESIDENTIAL CUSTOMER
CHARGE AS PROPOSED BY THE DOC.
The DOC recommends a reveﬁue apportionment and a Residential customer charge, that it
considers to be a moderate movement towards cost-based rates. However, the best way to
achieve the goal of moderating increases experienced by each customer class is td
rﬁaintain the currént revenue apportionment which has already been determined to be fair
and reasonable By the Commission in Docket 10-971. I recommend that the Commission
maintain the cuneqt revénue apportionment and ‘c-urrent customer charges for the
Residential and Small General Service customer classes as established in Docket 10-971.
PLEASE SUMMARIZE YOUR REBUTTAL TESTIMbNY AND RECOMMENDATIONS TO
ECC’s PROPOSED IBR STRUCTURE.
ECC’s proposal did not address or provide solutions to the full array of issues presented
in the IBR Workshop Report and as brought fortﬁ in the by fhe OAG in its Comments in
Docket 08-971. Residential consumers do not need to be subjected to another IBR pilot
experiment to show whether or not IBR structures are in the public interest. I recommend ,

that the Commission reject ECC’s proposed IBR structure.

Q. DOES THiS CONCLUDE YOUR TESTIMONY?

A. Yes,
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[ ] Non Public Document — Contains Trade Secret Data,
[ ] Public Document — Trade Secret Data Excised
Public Document

Xcel Energy

Docket No.: E002/GR-12-961 :

Response To: Office of the Attorney General Information Request 109
Requestot: Ron Giteck ’

Date Received: ~ March 8, 2013 ‘

Question:
For all responses show amounts for Total Company and the Minnesota

jurisdictional electric company unless indicated otherwise, Total Company is meant to
include costs incurred by Xcel Energy Services and NSP Minnesota. both tegulated |

and non-regulated operations.

Provide the revenue requitement and class cost allocation impact of losing the large
C&I Demand customers Ford and Verso Paper individual and collectively. '

Response:

~ with the hypothetical assumption of including the two customers specified in a
"question, because those loads have been permanently lost due to plant closures.
Therefore, an estimated tevenue requirement and class cost allocation impact is not -
available. However, with the exception of both local costs that are directly assigned
and directly vatiable costs such as fuel and putchased power, the remaining fixed costs
do not change and continue to have the same revenue requirement after the loss of a
customer loads. In isolation, if a customer load reduction is limited to a single class,

the class cost allocation impact would be to increase the revenue requirement of the
other classes. :

The Company has not prepared jurisdictional and class cost séudies forecast year 2013

Witness: | Steven‘ V. Huso
Preparer: Steven V. Huso
Title: Pricing Consultant

Depattment: Regulatory Analysis
Telephone: . - 612-330-2944
Date: - March 12,2013
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e ceﬂterpai”t® | : © 800 LaSalle Avenue
: E”elyy | : P.O. Box 59038

Minneapolis, MN 55459-0038

March 1, 2012

_.Dr. Burl Haar, Executive Secretary
Minnesota Public Utilities Commission
121 East 7" Place, suite 350
St. Paul, MN 55101

Re: In thé Matter of an Application by CenterPoint Energy for Authority to Increase
Natural Gas Rates in Minnesota; Docket No. G-008/GR-08-1075

Dear Dr. Haar:

Pursuant to the Minnesota Public Utilities Commission's October 4; 2>O11 Order in the
above-referenced docket, CenterPoint Energy hereby files the Report of the IBR -
Modification Workgroup. :

P.leas_e contact me if you have any questions.
Sincerely, .
Isf

Adam Pyles

CenterPoint Energy

Director, Regulatory Activities
(612) 321-4719

Encloéure .
C: Service List
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AFFIDAVIT OF SERVICE
G-008/GR-08-1075

STATE OF MINNESOTA )

) SS.
COUNTY OF HENNEPIN)

Marie M. Doyle, being first duly sworn on oéth, deposes and says she served or
caused to be served on behalf of CenterPoint Energy this IBR Workgroup Report.

« Electronic filing using the EDockets system for service to the Minnesota Public
Utilities Commission, the Department of Commerce, Division of Energy Resources;
and on the Minnesota Office of the Attorney General; and

» Paper copy on persons on the enclosed service list who so requested, by delivering

by hand at the respective addresses on the list or by placing in the U.S. Mail at the
City-of Minneapolis. o

s/ Marie Doyle
Marie M. Doyle, Tariffs Administrator
Regulatory Services
CenterPoint Energy

Subscribed and sworn to before me
this 1st Day of March, 2012

~_Is/ Linda Bauman
Notary Public
Term expires: 1/31/15
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STATE OF MINNESOTA
BEFORE THE MINNESOTA PUBLIC UTILITIES COMMISSION

Phyllis Reha Vice-Chair
David Boyd Commissioner
. J. Dennis O’Brien Commissioner
Betsy Wergin Commissioner
In the Matter of an Application by Docket No. G-008/GR-08-1075

CenterPoint Energy for Authority to Increase
Natural Gas Rates in Minnesota

IBR MODIFICATION WORKGROUP REPORT

L Procedural Background

On January 11, 2010, the Commission issued its Order approving, among other
things, an Inverted Block Rate (IBR) pricing structure to be charged to
CenterPoint Energy’s residential and small commercial firm sales service
customers. Under this structure, the unit price of gas increased as consumption

_' increased across five consumption blocks. Th|s pricing structure was approved
"asa three-year pilot program. :

On June 1, 2011, the Minnesota Office of the Attorney General (OAG) requested
that the Commission suspend the IBR pricing structure. The Minnesota
Department of Commerce (Department), the Suburban Rate Authority (SRA),
and Community Action Minneapolis (CAM) filed comments supporting
suspension of IBR. Through the comments of parties, and public comments filed
with the Commission, a variety of practical challenges and unintended hardships
affecting various customer groups were identified. On September 16, 2011,
CenterPoint Energy (CenterPoint or Company), along with the Energy CENTS
Coalition (ECC), Minnesota Center for Environmental Advocacy (MCEA), and the
Izaak Walton League of America (IWLA), petitioned to suspend IBR and to
convene a workgroup to discuss a new rate design.
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'On October 4, 2011, the Commission issued its Order which, among other
things, ordered the suspension of IBR and authorized the creation of a
workgroup to address “whether and how to revise the inverted block rate
program”. The Order identified a number of possible revisions for the
workgroup’s consideration. The workgroup was directed to file its report and

recommendations no later than March 1, 2012. This filing is the report of the
workgroup. '

I Workgroup Activity

In response to the October 4, 2011 Order, CenterPoint contacted the parties that
~ participated in the petition to suspend IBR and solicited their participation in a
workgroup to discuss possible modifications to IBR. The following organizations

were contacted and each participated in the workgroup: CAM, the Department,
ECC, MCEA, OAG, IWLA, and SRA.

The members of the workgroup represented a diverse range of opinions about
IBR and related issues. The'workgroup focused its efforts on limiting or
eliminating the practical challenges and unintended hardships of IBR rather than
re-arguing the original points in favor, or not in favor, of IBR. The group
acknowledged that consensus on all points might not be possible. -

The workgroup met once in December, once in January and once in February to
discuss possible modifications to IBR and had various other interactions by
correspondence, telephone, and conference call. The workgroup drafted its
report in February for submission on March 1, 2012.

Nl. Discussions of Modifications to the IBR

The workgroup had wide-ranging discussions about IBR including policy,
operational, and technical considerations as well as program goals, customer
impacts, customer communication, program evaluation and measurement of
results. The general points raised in those discussions are described below,

As stated in CenterPoint’s tariff, the goals of the or,igihal IBR pricing structure
were “to lessen the financial burden on low-use customers and to encourage
. conservation by high-use customers”.! The identified customer impacts of IBR

: Corﬁpany tariif, Original Page 27.a.
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include the magnitude and extent of bill increases for high-use customers or bill
decreases for low-use customers, the potential inability of various customer
groups to take some or any actions to increase conservation in response to IBR
price signals, the bill impacts of longer billing periods under IBR?, and the
perception of fairness or appropriateness of IBR. The workgroup discussed
various factors affecting these issues, including the importance of customer
acceptance of IBR. Acceptance could be increased by improved customer
understanding of IBR through more effective customer communications.

Finally, the group discussed the importance of measurement and evaluation of
the impact of IBR on conservation (or affordability). Whether IBR was (or a
modified IBR could be) effective at promoting conservation is an important
consideration in deCIdmg whether IBR should continue. Equally important.is the
feasibility of administering a modified IBR in a manner that does not create
undue customer confusion or widespread lack of customer acceptance, or that
materially increases operating costs. All of these points formed a background
against which the subsequent discussions were considered.

With these conS|derat|ons in mmd the workgroup took up the set of possible
program modifications identified in the October 4, 2011 Order. These

- modifications generally fell into two categories: IBR exemptions for certain
customer groups or billing modifications for longer billing perlods

A. Potential IBR Exemption Categories and Administration of Exemptions

Regarding possible IBR exemptions for certain customer groups, the Company
attempted to describe what activities would be required to administer exemptions
for each identified customer group. These activities included eligibility; _
applications for, renewal of, and termination of exemption; customer notification;
and various internal processes required to bill some customers on an IBR pricing
structure and some customers on a flat-rate gas cost pricing structure. The
Company also attempted to estimate the potential number of customers that
might be eligible and might seek exemption as well as the cost to implement and
administer the various exemptions.® A detailed description of these activities is

2The Company stated that longer billing periods will continue to occur in the future, for some customers, given the
currect state of gas operations and metering technology.

*The Company estimated the number of customers that might seek exemption based on various assumptions
including extrapolations of known data and assumptions about participation rates. More detail about the
- assumptions is provided in Attachment A. All costs are order-of-magnitude estimates and could vary significantly
dependmg on specific detalls of the administrative and lT processes that would be required.
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included as Attachment A and a summary of each exemption category folléws
below. ‘

1. Cljstomers-with medical conditions requiring additional enérqy usage

Some customers require a higher temperature in their home for medical reasons
These customers may be restricted in their opportunity to conserve energy (e.g.,
lower the thermostat) and there is an argument they should therefore be exempt
from IBR. On the other hand, some of these customers may be able take other
steps to conserve energy that do not require a reduction of temperature in their
home (e.g., furnace replacement or increased insulation).

The Company has no way of knowing which customers may be in this category.
Consequently, the Company would rely on self-declaration to identify customers
in this group. The workgroup discussed the idea of requiring a medical doctor's
certiﬁcatign that higher temperatures were réquired for a given customer, but this
was deemed impractical due to the subjective and potentially burdensome nature
of the request. It would also introduce anothé_r layer of administration by the
Company. Therefore; the workgroup concluded there should be no verification
process other than a customer request.

Such an IBR exemption would be effective with the next monthly bill and be
effective until the following June 30". Customers would renew their exemption
annually. The end-date of June 30" was chosen in an attempt to align the IBR
exemption period with the annual gas cost period (July 1 through June 30).

As a way to estimate the possible number of customers that might be exempted
from IBR in this category, the Company used census data about the percentage
of the population over 65 years of age as a proxy.” The Company then made
assumptions about the percentage of those customers that might face higher bills
under IBR and the percentage of those customers that might apply for the IBR
exemption. In the end, the Company estimated about 11,000 customers in this
category might be exempted.* To administer the exemption for this group of
customers, the Company estimated cost of about $69,000 for the first year and
about $23,000 per year thereafter.

4 The Company estimated the number of customers that might seek exemption based on various assumptions
including extrapolations of known data and assumptions about participation rates. More detail about the
assumptions is provided in Attachment A. All costs are order-of-magnitude estimates and could vary significantly
depending on specific details of the administrative and IT processes that would be required.
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2. Cvustomers in multi-unit housing served by a single meter

Some customers with multi-unit properties served by a single meter may have
high consumption on a per-meter basis, but average or low consumption on a
per-unit or per-household basis. Since the utility account is established at the
meter level and not the unit or person level, the aggregated consumption of two,
three, or more households is applied to the IBR pricing structure and may result
in consumption being billed in the higher priced blocks of IBR when, in fact, the
per-unit consumption may be average or below average.

One possible modification to accommodate this condition would be to increase
the size of the IBR blocks based on the number of units in the property. This was
deemed impractical by the Company due to the complexity of building and
maintaining such capability and data in its billing system. In addition, the
dynamic nature of unit vacancy, sub-dividing into more units, and combining into
fewer units made the Company deem this approach infeasible. Instead, the
workgroup discussed an IBR exemption for this group of customers.

The Company has no way of knowing which customers may be in this category.
‘ Consequently, the Company would rely on self-declaration to identify customers,
~ in this group. Absent a physical property inspection, there is no practical way for

the Company to verify the number of units in a given property. Therefore, there
would be no verification.

The application for IBR exemption would be received year-round, but would be
held for annual processing and would be effective the next July 1 and be

- effective until the following June 30"™. Customers would renew their exemption
every three years. The three-year exemption period was chosen to reflect the

fact that properties change over time and the multi-unit condition may not
permanent. ‘

As a way to estimate the possible number of customers that might be exempted
from IBR in this category, the Company used a report from the City of
"~ Minneapolis that indicated the approximate number of duplex, triplex, and four-
plex properties in the city. The Company then made assumptions about the
percentage of those properties that might be served by a single meter and the
number of similar properties in other parts of its service territory. In the end, the
Company estimated about 7,500 customers might be exempted in this category.
‘To administer the exemption for this group of customers, the Company estimated
- about $47,000 in costs for the first year and about $16,000 per year thereafter.
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3. _Certain renters

Some customers residing in rental propertles may be prohibited by their lease
from making energy conservation investments that affect the physical structure of
the property and equipment (e.g., replacing windows or furnaces or mstallmg
programmable thermostats). These customers may have less opportunity to
conserve energy than do other customers and there is an argument they should
therefore be exempt from IBR. On the other hand, renters. may be able to take
‘other conservation steps such as lowering the thermostat and using window
coverings to reduce heat loss. The Company is uficlear which customers within
the renter category might be deemed eligible for an IBR exemption.

Again, the Company has no way of knowing which customers may be in this
category. Consequently, the Company would rely on self-declaration to identify
-customers in this group. The Company could require customers to request the
IBR exemption and then require landlords or property managers to verify that the
customer resides in a rental property and is prohibited from altering the physical
structure or its appliances. Alternatively, landlords or property managers could
request the IBR exemption on behalf of all customers in their buildings.

The application for IBR exemption would be received year-round, but would be
held for annual processing and would be effectlve the next July 1 until the
following June 30". Customers or iandlords would renew their exemption every
three years. The three-year exemption period was chosen to reflect the fact that

“properties change over time and the rental status of the property may not
permanent.

The Company attempts to gather information about which of the properties it
serves are rental properties, but this information may not be complete or current.
Nonetheless, as of September 2011, the Company had record of about 109,000
rental residential accounts and about 24,000 rental commercial accounts. Given
the uncertainty about which customers within the renter category might be
deemed eligible for an IBR exemption, the Company did not attempt to estimate
the possible number of customers that might be exempted from IBR in this
category or the cost of administering the exemption for this group of customers.
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4. ‘ __Customers receiving Low Income Heating Assistance Program (LIHEAP)
support or otherwise demonstrating low income

Customers with low incomes may be unable to make investments in capital
improvements that could reduce energy usage (e.g., replacing windows or
furnaces or installing programmable thermostats). These customers may have

less opportunity to conserve energy than do other customers and there is an
argument they should therefore be exempt from IBR.

For LIHEAP recipients, the Company could use the receipt of LIHEAP payments
as the event triggering the IBR exemption and those customers would not need

to request an IBR exemption. The Company has no way of knowing which
customers may be low-income but do not receive LIHEAP. Consequently, the
Company would rely on self-declaration to identify customers in this group. The
Company has existing processes for verifying such information that it uses during -
the Cold Weather Rule period. These same processes could be extended to
administer the IBR exemption request verification.

As with the exemption for medical conditions; the IBR exemption would be
effectiye with the next monthly bill and be effective until the following June 30™.
Customers would renew their exemption annually.

As a way to estimate the possible number of customers that might be exempted
from IBR in this category, the Company reviewed the number of LIHEAP
recipients in the 2010-2011 LIHEAP year (about 41,000) and the number of self-
declared low-income customers not receiving LIHEAP in the 2010-2011 LIHEAP
period (about 6,300). The Company then assumed that about half of the self-
declared low-income customers not receiving LIHEAP might apply for the IBR.
exemption. In the end, the Company estimated about 43,200 customers might
be exempted in this category. To administer the exemption for this group of
customers, the Company estimated about $20,000 in costs for the first year and
about $7,000 per year thereafter. The Company would incur additional costs to
modify its information technology (IT) systems to allow for the automatic

triggering of an IBR exemption upon receipt of a LIHEAP payment. Those costs
are included in IT costs in the summary below.
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5. Customers who have made alternative efforts at enerqv conservation or
participated in conservation programs

Some customers have already made energy conservation efforts (e.g., replacing
windows or furnaces or installing programmable thermostats or more insulation).
These customers may have less opportunity to conserve energy than do other
customers because their energy usage already reflects conservation efforts.
There is an argument they should, therefore, be exempt from IBR.

The Company considered using information about which customers participated
in Company CIP programs in the past as a basis for identifying customers in this
category. Since not all customers that have already made conservation efforts
would have also participated in Company CIP programs, this approach was
considered unduly restrictive and was discarded. As a result, the Company has
no way of knowing which customers may be in this category. Consequently, the
Company would rely on self-declaration to identify customers in this group.
Absent a physical property inspection, there is no practical way for the Compény
to verify whether the customer has already made conservation efforts (e.g.,
furnace of a particular AFUE rating). Therefore, there would be no verification.

The application for IBR exemption would be received year-round, but would be
held for annual processing and would be effective with the next July 1 and be
effective until the following June 30™. Customers would renew their exemption
every three years. The three year exemption period was chosen to reflect the
fact that properties change over time and the energy conservation status of the
property may not permanent.

As a way to estimate the possible number of customers in this category that
might be exempted from IBR, the Company made assumptions about the
number of customers that might have already made conservation efforts and the
percentage of those customers that might face higher bills under IBR and the
percentage of those customers that might apply for the IBR exemption. In the
end, the Company estimated about 7,300 customers might be exempted in this

- category. To administer the exemption for this group of customers, the Company

estimated about $46,000 in costs for the first year and about $15,000 per year
thereafter.



" Rebuttal Schedule
VCC-2, pg. 15

6. Other customer groups for whom IBR exemptions might be appropriate

Through the course of workgroup discussions, additional groups that might be
exempt from IBR were identified and discussed. These groups included:
customers with large families (that may use low amounts of energy per person
but higher amounts in total), customers that work from home or otherwise spend
large portions of the day at home, and senior citizens on fixed income. The
issues and process for customers with large families would be similar to the
multi-unit housing served by a single meter category. The Company estimated
about 18,300 customers might be exempted in this category and the first-year
costs to be about $114,000 with subsequent year costs of about $38,000.

The customers that work from home (or that are home due to unemployment)
presumably require a higher amount of energy than customers that are not at
home during the day and there is an argument they should, therefore, be exempt
from IBR. The Company estimated about 7,300 customers in this category might

be exempted and the first-year costs to be about $46,000 with subsequent year
costs of about $15,000.

Customers that are senior citizens on a fixed income arguably can’t afford to pay
higher bills under IBR if they are higher-usage customers or may not be able to
afford to make investments in capital improvements that could reduce energy
usage. Presumably these customers would also be eligible for an IBR exemption
under the low-income customer group. The Company did not attempt to estimate
the number of customers in or the cost to administer this sub-category.

7. Company administration of IBR exemptions

Certain Company actions would be required to support the process of
administering IBR exemptions for one or all customer groups. These include:
modifications to IT systems, increased activity required to maintain information in
the billing system, increased activity for internal control purposes, increased
reporting requirements, and increased customer service and customer
communication activity. The workgroup discussed the importance of customer
acceptance of any modified IBR and the role of customer communications in
increasing such acceptance. The discussions did not, however, identify
significant new communication tactics that could be employed to improve the

overall level of understanding and acceptance of a modified IBR by large
numbers of customers. '
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The table below summarizes the estimated number of exempt customers and the
costs to administer IBR exemptions.

Customer Group Year one cost | Subsequent .Estimated
'| or Cost Activity -} annual cost number of
customers
exempt from
: IBR
Medical conditions $69,000 | $23,000 11,000
Multi-unit/ single $47,000 $16,000 7,500
meter '
Certain renters Not estimated - Not estimated Not estimated
LIHEAP and other $20,000 $7,000 43,200
low-income v o
Customers that $46,000 $15,000 7,300
have already
conserved
Large families $114,000 $38,000 18,300
Customers at-home | $46,000 $15,000 7,300
IT costs $100,000 $10,000
Internal controls $50,000 $50,000
Customer service = | $15,000 $15,000
Customer $50,000- $50,000- $100,000
communication $100,000 _
$557,000 - $239,000 - 94,600
Total $607,000 $289,000

B. Modifications to Accommodate. Length of Billing Period Under IBR '

“Under the IBR pricing structure, the total consumption during the billing period is
applied to the IBR rate blocks. Longer billing periods increase the total
consumption and can increase the usage charged in higher-priced rate blocks.
Customers may have higher total bills in these situations if the consumption for
the days of the longer billing period is billed at a rate higher than it would have
absent a longer billing period. This issue has been discussed in previous fi ilings

- in this docket and in the Commission’s November 8, 2011 Order. Since longer
billing periods would occur under a modified IBR, and in response to the -
Commission’s October 4, 2011 Order, the workgroup discussed this issue briefly.

10
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1. Bill adjustments for length of billing period

CenterPoint indicated that longer billing periods will continue to occur in the
future given the current state of metering technology and it would not be possible -

~ to ensure that billing periods would be limited to a specific length such as 30

days either through metering operations or billing system changes. Instead, the
Company stated that under a modified IBR, it could adjust customer bills for the
length of billing period using the calculation method described in its proposal for
bill adjustments filed with the Commission on December 7,2011.° Incorporating
this adjustment as an ongoing part of the monthly bill calculation would also
require displaying an additional line of information on the IBR customer's bill to

“show any credit for IBR premiums charged on estimated usage after day 35 of -

the billing period.

2. Daily rather than monthly customer charges

The Company stated that under a modified IBR, it would continue to pro-rate

customer charges as it has done under its current tariff. In other words, the
customer charge would be prorated on a daily basis for billing periods longer
than 35 days and shorter than 25 days. The pro-ration of customer charges
occurs whether or not a modified IBR is in place.

Effectiv'eness of IBR and Possible Modifications

The Commission’s October 4, 2011 Order authorized the workgroup to address
“whether and how to revise the inverted block rate program”. The workgroup
discussions about whether to revise IBR centered mainly on the effectiveness of
IBR in achieving its stated goals, the possible modifications to address the

unintended consequences of IBR, and whether administration of a modified IBR
would be feasible.

The effectivéness of IBR in achieving its goals could be assessed by
understanding whether IBR lessened the cost of natural gas for low-use
customers and whether it encouraged conservation by high-use customers.

® On February 23, 2012, the Commission decided that bill adjustments should be made using the calculation
method generally proposed by the Company in its December 7, 2011 filing, but for customers with billing periods

longer than 32 days. Under a modified IBR, the Company could incorporate an adjustment mechanism similar to
" theone adopted by the February 23, 2012 Commision decision, however the Commission has not yet issued its
order and the Company could revise its position depending on the specific language of the order.

11
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A. Impact of IBR on Annual Cost for Low-Use Customers and Monthly
Cost for All Customers

. The consumption and price levels for each of the IBR blocks were designed in

such a way that low-use customers would be billed less for gas costs under IBR
than they would under flat rates.

To test whether the actual results were consistent with the design of IBR, the
Company analyzed a random sample of 490 residential customers to see
whether-low-use customers were billed less under IBR.® Based on discussions -
in the workgroup, the Company included the effect of the IBR true-up in its
analysis. (The group noted that the rate effects of IBR needed to include not only
the rates charged in one year but also the IBR true-up factor in the following
year; a positive IBR true-up factor would increase the amount billed to customers
and reduce the savings from IBR compared to flat-rates.) The results of this
analysis showed about 99.5% of customers with twelve-month usage less than
800 therms were billed the same or less under IBR than they would have been

billed under flat rates._7 This result supports the conclusion that IBR lessened the
financial burden on low-use customers.®

" The table below shows the results of this analysis. |

Twelve Percent billed Percent ' Total Percent
month usage | same orless | billed more of sample
0-799 995 0.5 100.0 414
800-999 92.1 79 = 100.0 233
1000-1199 46.5 53.5 100.0 14.5
1200-1399 4.1 95.9 100.0 ~10.0
1400+ 0 1000 100.0 10.8
Total ' 100.0

While it's possible that individual low-use customers could have paid more under
IBR than under flat-rates if they had an atypical monthly usage pattern (e.g., all
consumption in December-February and no consumption in other months) and

® Other members of the workgroup were not involved in this analysis. :

” This analysis does not consider the impacts of the Commission’s February 23, 2012 decision to require bilt credits
for some IBR customers that were billed for longer billing periods. The decision also allowed for recovery of the
total bill credits from all IBR customers in the 2013 gas cost true-up. These impacts could change the percent of
customers that were billed the same or less under IBR. :

® The sample average consumption was 938 therms and the median consumption was 864 therms. While there is

no specific definition of low-use customers, customers using 800 therms would have used about 15% less than the
average and about 7% less than the median. '

12



Rebuttal Schedule
VCC-2, pg. 19

it's possible that a different sample or analysis could produce a slightly different

set of numbers, the Company believes that IBR lowers the bills of low-use
customers. ‘

Another way to examine the impact of IBR on customers is to determine the
percentage of customers that were billed more or less under IBR regardless of
usage. Some workgroup members believed it is important to understand these
impacts on a monthly basis. Using the same sample of residential customers
discussed above, the Company computed the percentage of customers that
were billed more or less under IBR by month.® This shows that from about 40%
to about 70% of customers paid more under IBR in the winter months of
December through March and about 99% of customers paid the same or less in
the months of May through November. Based on the design of IBR

- consumption blocks and price levels, under normal weather conditions, the
Company expected about 78% of residential customers would pay the same or

less on an annual basis under IBR compared to flat-rates. On a twelve-month
basis, about 70% of customers in the residential data sample paid the same or
less under IBR." The table below shows the results of this analysis.

Month Percent biII‘ed _Percent Total
same or less billed more _
May 2010 * 99.6 : 04 . 100.0
June * 199.2 0.8 100.0
July ' 99.2 0.8 100.0
August ' 99.4 0.6 100.0
. September 99.2 08 100.0
October 99.8 0.2 100.0
November - 98.8 1.2 100.0
December 58.0 ' 42.0 100.0
January 2011 » 30.8° 69.2 100.0
February : - 39.2 - 60.8 100.0
Maich , 54.7 45.3 100.0
April ' 85.5 14.5 100.0
May — April ' 69.8 ' 30.2 100.0

* IBR was not in place in May and June 2010, but these months were used as

proxies when the data for this analysis was collected in May 2011.

° Footnote 7 also applies to this analysis.

° The November 2010 ~ March 2011 period was 5.9% colder than the 20 year average of heating degree days.

This may have contributed to higher usage in the upper blocks of IBR thereby lowering the percentage of
_ customers that were billed less under IBR,

13
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B. Impact of IBR on Conservation by High-Use Customers

IBR was intended to send price signals to high-use customers in order to induce
those customers to reduce their natural gas usage. The workgroup held

“considerable discussion about what was known, or may become known, about
the effect of IBR on conservation.

At this time, the impact of IBR on conservation by high usage customers is not
known and may not be known in the near future. The 2010 decoupling and IBR
evaluation report, filed in March 2011 and supplemented in May 2011, included

six months of data under IBR and was inconclusive as to the effect of IBR on
conservatlon

As to whether the impact of IBR on conservation may be known in the fuiture, the
2011 decoupling and IBR evaluation report will be filed March 1, 2012 and will
include data from the months IBR was in place, January through mid-October
2011. Thatreport may include information that is helpful in understanding
whether IBR contributed to conservation, however it may not be conclusive. If it
is correct that the customer groups identified for possible IBR exemption, in fact,
were unable to reduce energy use due to physical or economic conditions and if
those customers account for a significant number of high-use customers, then
the impact of IBR on conservation may be difficult to detect. Some members
identified difficulties in measuring the precise effects of IBR on conservation
more generally since key data to perform certain statistical tests is not and will
not be available. The workgroup discussed the possibility that data on inverted
block rate designs from other parts of the country could provide some information
about possible impacts on conservatlon however no closely-comparable
programs were identified.

c. Feasibility of IBR Modifications

As previously mentioned, through the comments of parties and customers, a
variety of unintended consequences of IBR were identified. These

consequences highlighted the fact that the members of the residential and small
business classes of customers are not:homogenous in their ability to adjust their -
- energy usage in response to the price signals provided by IBR. This lack of
homogeneity is reflected in differences in health, economic situation, housing

14
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arrangement and autonomy of control in naturél gas usage and led to the
unintended consequences of IBR.

. The possible modifications to IBR described in section llI, above, were developed
to address, to the extent possible, the unintended consequences identified in the
Commi'ssion’_s Order as well as others raised by some stakeholders. The ;
exemption process for customer categories discussed above would allow certain
customers to be exempt from IBR and introduce a bill adjustment mechanism
that could prevent higher bills under IBR dues to longer billing periods.

The workgroup considered several issues when discussing whether the IBR
modifications would be feasible and effective. These issues included: the-
complexity of administering the modifications, whether all identified modifications

would be necessary, the cost to implement a modified IBR, and customer
acceptance of a modified IBR. ‘

The activities required to support the potential IBR modifications described above
would result in increased complexity in billing, gas cost recovery true-up
calculations, and customer service. The complexity of customer billing ‘
operations would increase by billing two separate sets of rates within the affected
rate classes. Gas cost recovery calculations complexity would increase by the
need to perform separate gas cost-true-up calculations for costs recovered under
IBR and under flat-rates. The complexity of customer service interactions would

increase by requiring the customer service representative to explain the IBR
exemption process. '

The Company would incur additional costs to support these activities. These
would include costs to change and maintain information systems and additional
operations expense for IBR exemption request and renewal processing, the
billing.controls function, and customer service. In future rate cases, the

Company would seek to recover these increased costs in base rates to be paid
by all customers. '

The workgroup discussed whether all of the possible IBR modifications would be
necessary and whether the IBR modifications could create their own unintended
consequences. Some members of the workgroup believed that addressing fewer
- than all of the identified categories, such as the exemptions for medical
conditions and multi-unit/single meter categories, was a worthwhile step forward
for a modified IBR. Other members of the workgroup believed it was necessary
to address as many of the customer categories as possible. ‘Some in the

15
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workgroup concluded that the steps needed to administer the exemption process
(eligibility, billing controls, additional complexity in gas cost true-up proceedings,
etc.) might themselves introduce their own unintended consequences. These
consequences could include the unknown impact of a comparatively large
number of customers that might receive IBR exemptions on the iBR blocks and
block premiums and discounts necessary to maintain revenue neutrality.

Customer acceptance of a modified IBR would depend on several factors
including an understanding of the IBR program goals and perception of the
appropriateness of IBR generally. The IBR modifications would introduce an
exemption process which would also need to be understood. Even if it were
possible to fully communicate the objective and rationale for a modified IBR to all
customers, it seems likely that some customers would not agree with the
purpose, process, or results of a modified IBR. This could lead to a lack of

customer acceptance that might not be meaningfully different from the
experience under the original IBR program.

" Recommendations

The workgroup, as a whole, did not reach consensus on whether a modified IBR
should be proposed at this time. Some parties believed it is premature to forego -
the conservation potential of IBR without more information about whether IBR is
effective at inducing conservation. Some parties believed the bill reductions to

low-use customers under IBR should not be abandoned. Some parties believed
a modlf ed IBR is infeasible.

Based on the information developed in the workgroup process, the Company is
not proposing to reinstate a modified IBR program at this time. As a result, the
flat-rate gas cost pricing structure currently in place would remain in effect. Since
the Company is not proposing to reinstate a modified IBR program and since
current tariffs provide for billing of gas costs at flat-rates, CenterPomt has
determined that no tariff revisions are necessary.

The workgroup members did agree they would like the opportunity to file

individual comments on this report or other points related to the consideration of
IBR modifications.

16
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VL. Conclusion

The Company appreciates the participation of the members of the workgroup and
looks forward to additional consideration of these issues by the Commission.
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- STATE OF MINNESOTA
OFFICE OF THE ATTORNEY GEN ERAL
’ SUITE 1400
445 MINNESOTA STREET
h(_)rlél Rhsxgvgéml\g April 2’ 2012 | ST. PAUL, MN 55101-2131

TELEPHONE: (651)296-7575

Dr. Burl W. Haar

Executive Secretary

MN Public Utilities Commission
121 Seventh Place East, Suite 35 0
St. Paul, MN'55101 '

Re:  In The Matter Of The Office of the Attorney General’s Response to the IBR
, Modification Workgroup Report and CenterPoint’s Revenue Decoupling and
Inverted Block Rate Evaluation Report

MPUC Docket No. G-008/GR-08-1075

Dear Dr. Haar:

Enclosed for filing in the above matter, please find the Response of the Oﬁ‘icevof the
Attorney General to the IBR Modification Workgroup Report and CenterPoint’s Revenue
- Decoupling and Inverted Block Rate Evaluation Report.

By copy of this letter all parties have been served. An affidavit of service is also
enclosed. - _

Sincerely,
s/Peter . Shaw

PETER S. SHAW
Assistant Attorney General

(651) 757-1211 (Voice)
(651) 296-9663 (Fax)

Enclosures
cc: Attached Service List (w/ Enclosure)

AG: #2987471-v1

] TTY: (651)v 297-7206 * Toll Free Lines: (800) 657-3787 (Voice), (800) 39'6-4812 {ITY) vWWW.ag.spate.mﬁs .
An Equal Opportunity Employer Who Values Diversity o %#Printed on 50% recycled paper (15% post consumer content)
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STATE OF MINNESOTA :
BEFORE THE PUBLIC UTILITIES COMMISSION
Phyllis Reha Vice Chair
David C. Boyd Commissioner
J. Dennis O’Brien Commissioner
Betsy Wergin Commissioner

‘ _ Docket No. G-008/GR-08-1075
In the Matter of an Application by CenterPoint

Energy for Authority to Increase Natural Gas . RESPONSE OF THE OFFICE OF

Rates in Minnesota THE ATTORNEY GENERAL TO THE
' : IBR MODIFICATION WORKGROUP -

" REPORT AND CENTERPOINT’S

-~ REVENUE DECOUPLING AND

INVERTED BLOCK RATE

EVALUATION REPORT

I INTRODUCTION

The Office of the Attomey General (“OAG”) submits these Comments in response to the

IBR Modlﬁcatlon Workgroup Report and CcnterPomt Energy’s (“CenterPomt” or ‘“the
| Company”) Revenue Decoupling and Inverted Block Rate Evaluation Report. For the reasons
set forth below, the OAG agfees with CenterPoint’s recommendation‘ to maintain a flat rate
pricing structure and recommends formal temlinatidn of the inverted block rate pricing structure.
11. BA‘Ci{GR'OUND :

In 2010, the Minnesota Public Utilities Commission (“the Commission”) approved a pilot
program .in whicthenterPoint would change its rate design to utilize an inverted block rate
pricing structure (sometimes refcrrgd to herein as “IBR™). The IBR program went inté effect ih .
July, 2010, and was later suspende.d by the Commission in October, 201 1.

. Using inverted block rates, customers paid different rates for natural gas depénding on
how much gas they used; in other words, ratépayers who consumed more gas not o_nly paid more

in their total monthly bill because their overall use was higher, but also paid as much as t\‘vov o
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times more for each unit of energy consumed. The theory behind the pilot program was to
incentivize people to lower their energy consumption.. vJuly 22, 2009 Publ,ic. Comments of
CenterPoint Energy, North} Mankato Public Hearing, pp. 29, 30. The premise for the
Commission’s approval of the pilot program was that inverted block rates should promote energy
conservation without adversely affecting ratepayers. The Commission appropnately retained
strict overs1ght over the pilot program, requiring CenterPoint to file annual reports about the
impact of the program and specifically retaining the discretion to terminate the program upon
“unfavorable review” or “for other cause it shall deem adequate " June 30, 2010 Order
Authortzzng Implementatzon of Final Rates and Approving Refund Plan, pp. 4, 5.
On June 1, 2011, the OAG filed Comments with the Commission requesting, among
other things, the suspension of CenterPoint’s inverted block rate program, pending further study
- and review. See generally OAG June 1, 2011 Comments. The OAG’s Comments demonstrated,
* that the_ program was having unfair and unintehded consequences on ratepayers of all stripes.
For example, the program charged higher rétes to many people who had alreardy taken all
available steps within their budgets to be energy efﬁment or who could not afford _energy
upgrades in this bad economy. The program also appeared to charge higher rates to certain
customers who must use more energy for any number of reasons beyond thelr control, such as: |
(1) senior citizens, many of whom are on ﬁxed incomnes and consume more energy because they
are home all day or need warmer hvmg environments; (2) people with medical conditions who
need to stay warm; (3) people who consume more energy because they have larger ‘families'; and
(4) people whose family members are at home more, such as those with young ehildren, stay-at- ,.
home parents, those who work from home and those who are unemployed. The Comments also

'r'evealed that IBR may have had a disproportionéte adverse impact on some lower-income
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cémmunities. Lastly, the Conunehts showed that the inverted block rates were unfairly resulting
in higher bills to those ratepayers billed on longer monthly cycles and who were thus pushed or
kept in t}ie higher-tier rates .forb longer periods of time.

Subseq.ugntly, cvery other party to the rate case, including CenterPoinit, the ‘Departmént
- of Commerce (the “Department”), the Suburban Rate Authority (“SRA™), Energy Cents
Coalition (“ECC”), the Izaak Walton League (“IWLA”) and the Minnerofa Center for
Environmental Advocacy (“MCEA”), recommended suspension of thg IBR'prdgrém to the
Comnﬁssion. -Community Action of Minneapolis, an organization devoted to helping low-
income personé with energy assistance, also submitted a letter to the Commission, supporting the
OAG’s recommendation to suspend the program.

On October 4, 2011, the Commission ordered >suspension of the inverted block rate
program. The Order stated: _

Parties have identified uﬁintended hardships arising from the inverted block rate

- structure, but have yet not [sic] been able to identify appropriate remedies.

Based on a review of the record and the unanimous recommendations of the

parties, the Commission concludés that the practical challenges posed by the

inverted block rate structure require suspension of the program.'
October 4, 2011 Order Suspending IBR Stfuc,turé, Authorizing Workgroup, and Requiring
- Revised Decoupling Rate Adjustment, p. 3. CenterPoint has since reverted to a ﬂaf—rate pﬁcing
system.

The Order also authorized the formation of é workgroup to address W};ether to revise the

inverted block rate program. Id. at 5. The workgroup consisted of the pérties to the rate case and

met several times in the winter of 2011-2012 to discuss the IBR program. On March 1, 2012, the

' In February, 2012, the Commission voted to order CenterPoint to adjust the bills of certain
customers who were impacted by longer billing cycles under IBR. The costs of the bill
‘adjustments will be imposed on CenterPoint’s ratepayers via the annual true-up. .
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workgroup submitted its- IBR Modiﬁcatiorl Workgroup Report. .Brieﬂy, the report surmrtari_zes
the actions of the workgroup and discusses the use of customer exemptlons or “opt-outs” as a
. potentlal modification to the IBR program. The report also detalls and dlscusses the many new
challenges and potential pitfalls of a new IBR program utlhzlng rnultlple opt-outs. Ultimately
the workgroup as a whole did not reach a consensus as to whether and how to modify IBE In
the IBR Modification Workgroup Report, the Company recommends keeping the flat rate system
and not returmng to an IBR program. IBR Modification Workgroup Report p. 16.

Also on March 1, 2012, .CenterPomt submitted its Revenue Decouphng and Inverted
Block Rate Evaluation Report Among other thmgs the report summarizes certam findings
regardmg the impact IBR may have had on energy conservatlon as well as IBR’s impact on
certain ratepayer groups, such as those recewmg LIHEAP Of particular relevance to this matter
the report revealed that IBR had no measurable impact on. energy conservation and indicates that
IBR may not be beneficial to low-income ratepayers See infra pp. 12, 13,

'For the reasons set forth below, the OAG agrees with the Company’s recommendatiorl to
maintain flat rates and requests formal termination of the IBR program.

IIl. OPT-OUTS COULD NOT EF FECTIVELY ADDRESS THE UNFAIR IMPACTS
OF IBR AND MAY LEAD TO ADDITIONAL UNINTENDED CONSEQUENCES

The unfair impacts of IBR are now well—documented. - The workgroup focused its |
attention on the possibility of addr-essir_lg these impacts with potential modifications to the IBR
structure. The only potential modification discussed at any length during the workgroup sessions
was a system of exemptions designed to allow certain categories of CenterPoint ratepayers to
avoid the program’s harsh impact. See IBR Modiﬁqation Workgroup Refort, p. 3. Aside ﬁom
LIHEAP or other low-income customers, all opt-outs would be achieved via self-declaration,

meaning customers would have to take affirmative steps to declare and notify the Company
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" (probably by responding to a bill insert) that they feel they are part of an exempt category of
customers. The OAG does not believe an opt-out system could address the harm caused by IBR;

in faét, it would lead to further unintended consequences.

A, OPT—lOUTS WOULD RESULT IN SUBSTANTIAL CUSTOMER
CONFUSION AND FRUSTRATION, AND DECREASED CUSTOMER
ACCEPTANCE OF IBR.

The record in this rate case already reflects that the IBR program, as implemented by the
Company in 2010-11, lead to substantial customef dissatisfaction and confusion over the
program’s billing structure, impacts and overall pu_rpose; Public corhfnents. _ﬁled with the
Commiésion and the OAG’s Comments showed that ratepayers who took the time to contact
CenterPoint about the program Were not able to obtain answers to basic questions and sometimes
received conflicting or confusing information. See OAG's June I, 2011 Comments, p-22. A
system of opt-outs would only increase customer confusion and dissatisfaction about IBR, and
would be destined to failu;e.

i Confusion Regarding Eligibility

Under a modlﬁed IBR with opt-outs, customers would be sent a bill insert or notice

deta1hng the IBR program and a list of categones under which they might qualify for an

exemption. At least 10 ca-tegones of ratepayers who may merit an exemption were discussed in
the IBR Modification Workgroup Report. See IBR Modification Workgroub vReport, pp. 4-10.

As was noted by the Company in the IBR Modification Workgroup Report, customers
would experience confusion regarding exemption eligibility. First, a number of customers
remain unaware of the program’s design and purpose. Many customers were unaware that the

| program existed, even before its suspension. The ﬁfst hurdle of an opt—out'system would thus be

to ensure that all customers know why, in the first place, they are being asked to look over a list
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of exemptlons Experience under IBR has already shown that this would present a challenge,
even for those who call the Company to receive answers to basic questions about IBR. See
OAG's June 1, 2011 Comments, p. 22.

Another important concern relating to the list of exem'ptions. 1s ensuring that customers
are provided with clear and concise information to determine whether or not they are eligible for
an exemp.tion. A list with multiple categories of exemptions, many of which would need to
contain comprehensive and complex eligibility descriptions, would result in customer confusion.
For. instance, for an exemption involving customers who hgve already taken conservation
measures, it would seem extremely difficult to define and concisely explain what qualifies as a
“conservation effort” and just how much effort needs to be made, by whom and when, before the
exemption applies.? In the “Certam Renters” category, it would be difficult to convey ehgibihty
criteria in a concise manner and likely impossible for consumers to make a determination as to
eligibility without ‘reading the fine priﬁt of their lease, which may or may not state whether they'
are prohxbited from makmg energy conservation efforts, It is foreseeable that, in some cases,

the additional time and effort it might require to achleve ehgiblhty mformatmn may result in
. some consumers abandomng exemption attempts and growing dissatisfied with IBR

The Company agrees that there are justifiable concerns regarding increased customer
confusion. It notes that the “activities required to support the potential IBR
modifications...would result in increased complexity in 'billing,_ gas cost recovery true-up

calculations and customer service” and that the “complexity of customer service interactions

2 It would be equally dlfﬁcult for stakeholders and the Commission to determme and come to a

consensus as to who should qualify for eligibility under this (and other) categones and what
exactly is meant by “conservation measure.” .
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would. increaée by requiring the customer service répresentétive to explain the IBR exemption
process‘.” IBR Modification Workgroup Report, p. 15.
| ii. Frustration Regarding Exémptions

Any list of exemptions no métter how expansive, would still exclude many customers
who feel it is unfair they are subjected to IBR. For instance, many families may have dlfﬁculty
paying their heating bill under a modified IBR especially in the winter when gas use is highest
and more people are subject to high-tier IBR rates. Ifthe family is not considered “low-income,”
however, they would not be eligible for an opt-out. Additionally,v in this economy, many
families are experiencing temj)ofary job loss. Last year’s tax returns may indicate a “middle-
class” income, but temporary unemployment may render their present income zero. It is unclear
whether the temporarily unemployed would Be eligible for an IBR exempﬁon and for how long.
Assuming they are not eligible, these ratepayers would approprjately be dissatisfied with such an
opt-out system.

For several reasons, many customcrs.eli_gible for an opt-out under a modified IBR would
not achieve exemption. First, many customér,s do not and will ndt.read or pay close attention to

 their bills and acoompénying inserts, such as an IBR exemption notification. Many customers

éimply pay their bills and move on with thei'f lives, having become accustomed to inserts and bill
stu_ffers they feel do not pertain to them. A number of CenterPoint customers pay their bills on-
lihe and do not have or take the time to read the actual on-line statement before paying. OAG
July 21, 2011 Reply Comments, p. 10. Second, as dlscussed above, the potentlal for customer

confusmn and the steps customers may have to take to determine eligibility will deter many

eligible customers from seeking an exemption.
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B. A SYSTEM OF EXEMPTIONS WILL REQUIRE MODIF‘ICATIONS TO
THE IBR RATE BLOCKS, WHICH COULD RESULT IN HIGHER
RATES TO THOSE STILL SUBJECT TO IBR.

An éxembtion system would decrease the number 6f customers subject to IBR and would
‘therefore require the restructuring §f the IBR tiers, which were set to ensure the company
.recévers its estimated commodit}-r gas costs. Should a sﬁbstaﬁtial portion of high-use customers
exit the IBR program, the IBR ratqs may have to be increaééd to ensure that the Company does
not substantially under-collect its commodity gas coéts from those remaining in the IBR
program. As has been illustrat_ed previously in this' docket, many customers viewed the véry
( | highest tier rates of thé IBR program as unacceptably high, to the point where they considered
| - the rates punitive. See OAG June 1, 2011 Comments, p. 2. Any increase to the highest tier rates
_WOuld further diminish customer acceptability and méy result in additional harm to those

ratepayers who cannot afford such high rates during peak gas-use months.
‘Additionally, it is nof yet known how many cusfomeré would actually claim exemptions.
The restructured rates would thus, out of necessity, be based on imperfect assumptions régarding
the number of customers who may claim an exemption. This would add additional complexities

to ihe IBR program.,

C., A SYSTEM OF EXEMPTiONS WOULD . LEAD TO "MULTIPLE,
COMPLEX TRUE-UPS, '

A modified IBR featuring an exemption system would likely apply to the residential and
small business customer classes and would result in two customer subclasses amongst each

affected customer class: those subject to IBR and those not. Thus, there would be four

subclasses of ratepayers: two IBR subclasses (one residential and one small business) and two

. non-IBR subclasses (one residential and one small business). The Company would have to

account for these subclasses in any future true-ups, in effect performing a total of four separate
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true-ups, one for each subclass. CehterPoirlt has not~propos’ed a system for dealing with these
additional true-ups, but it seems safe to say that such a complicated system of multiple, anhua'l
true-ups would pose additional questions and burdens for the Company, govemrhental regulators
and the Commission. Indeed, the Company emphasizes vthat, “lelas. cost recoyery calculations
complexity would rncrease by the need to perform separate gas cost true-up calculations for costs
| recovered under IBR and under flat-rates.” IBR-Modz'ﬁcation Workgroup Report, p. 15.

D..  OPT-OUTS WOULD RESULT IN THE DISCLOSURE OF PERSONAL
INFORMATION TO CENTERPOINT

A system of exemptions would require the collection and storage of a large amount of
personal data on individual ratepayers wishing to opt-out. of IBR. Some of this information may
be sensitive, private or confidential, such as informatiorr obout an individual user’s health or
finances. It is unclear whether CenterPoint, an energy utility, is equipped to store and safeguard
ouch private information and what the legal ramifications of this information-sharing might be.
It is likely mémy consumers would have questions ahd concerns regarding such a system.

Moreover, even if CenterPoint could safely store this information, there is the question of

- whether CenterPomt should have access to prlvate information on perhaps thousands of
individual ratepayers Whether it is proper for a utlhty company to be perrmtted to seek and
collect pnvate and confidential information on & substantial portion of its customer base raises
significant privacy concerns and should be carefully considered by the Commission

E. CENTERPOINT WOULD SEEK TO IMPOSE THE COSTS OF
ADMINISTERING AN IBR EXEMPTION ON RATEPAYERS

In the IBR Modification Workgroup Report, CenterPoint states that certain' company
actions would be required to support the process of adrmmstermg IBR exemptions. The '

-Company estlmates that the cost of admlmstenng the IBR exemptrons would range from
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$557,000 to $607,000 in the first year of a modified IBR program. IBR Modification Workgroup -

- Report, p. 10. For each subsequent year under a modified IBR, costs are estimated to be between
$239,000 and $289,000. Id. The Company states that in future rate cases it would seek to
recover these increased costs in base rates to be paid by all customers. /d. at 15. Sufficient detail |

regarding the basis of the costs is not provided in the. IBR Modification Workgroup Report, but

. the costs are clearly s1gmﬁcant and would be ongoing as long as IBR remains in effect.

Accordingly, a modified IBR program would ultimately result in higher rates to
customers, which would likely decrease customer acceptance of the program. It seems ill-
advised to. impose additional costs to consumers for a program that wtll continue to result in
unfair and unintended consequences and Whic-h—-as- discussed below--has not been shou/n to

impact energy conservation.

Iv. A LARCE NUMBER OF OPT-OUTS MAY RESULT IN AN INEFFECTIVE AND
MEANINGLESS PROGRAM. v '

One of the main goals of IBR was to encourage conservation. See OAG June 1, 201 1
Comments, p. 8. As dlscussed below in Sectlon VI, IBR has not been shown to lower energy use '
. or increase censervation among ratepayers. IBR usage compared with usage'before IBR is.

. unchanged. | |

Nevertheless, assuming for the sake of argument that IBR could have some effect on
conservation, permitting htgh-use customers to opt-out of the system may completely nullify any
potential effect on conservation. Accordmg to its promoters IBR is supposed to send a
"‘conservation'signal” to high-use ratepayers to encourage conservation. Id. Under a system of
ercemptions, however; high-use ratepayers (including those who merit exemptions and those who

incorrectly claim an exemption) would exit the IBR program and not receive the intended

“conservation signal.”

10
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V. LONGER BILLS WOULD CONTINUE TO BE A PROBLEM UNDER A
MODIFIED IBR,

In the winter of 2010-1 1, when IBR was in effect, hundreds of thousands of ratepayers
received higher gas bills due to longer monihly billing cycles, which kept them in a high-tier rate
- for a longer period of time or ‘which pushed them into a high-tier rate. This issue has already
been the subject of extensive briefing in this docket and was the subJect a February, 2012
Commission order. The Commission ruled that CenterPoint should make billing adjustments to
certain ratepayers who paid more under IBR as a result of lohger billing cycles. The
Commission, however, also ruled that the billing adjustments were related to the cost of gas and,
thus, could be recovered by the Company in its annual true-up ﬁling. The OAG estimates that
the billing adjustments will result in an approximate $1.2 million surcharge to residential and
small business class ratepayers. |

According to CenterPoint, the problem of longer billing cycles (and the resultant higher
'gas bills) would eontinue, even under a modified IBR system.. Speciﬁcaily, in fhe IBR
Modi-ﬁcation Workgroup Report, fhe Company states, “longer blllmg periods will continue to
occur in the future given the current state of metering technology and it would not be possible to
ensure that blllmg periods would be limited to a specific length such as 30 days either through
metering operatlons or billing system changes.” IBR Modification Workgroup Report, p. 11.

Under a modiﬁed IBR program, the Company might be able to adjust customer bills for
the length of the billing period using calculatlon methods which require the assumption of
average per day customer usage. As noted by the Company, however, “-[i]ncorporating this
adjustment as an ongoing part of the monthly bill calchlatien‘weuld also reé.uire displaying an
additional line of information on the IBR customer’s bill...” /d. Sucha calculation would add

yet another layer of complexity to an already cumbersome and unwieldy modified IBR system.

11
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Moreove;, the addition of another line item to a customer’s bill may result in additional cusfomer
confusion regarding the IBR program. Finally, customer usage varies from day-to-day and a
calculated, average daily use-per-customer will not nécessarily equal the actual, daily use-per-
customer ff)r any specific day in the evaluation p’eriod.( Therefore, any calculation based on an
assumed daily use-per-customer could be unfair to fatepayers.

VL. IBR HAS NOT BEEN SHOWN TO ENCOURAGE ENERGY CONSERVATION
OR TO ASSIST LOWER-INCOME PEOPLE.

In proposing IBR, parties to the rate case stated that IBR would increase energy
c_onservation'and may lead to lower bills for low-usevcustomers, many of whorﬁ, they. claimed,
were low-income. See OAG June 1, 2011 Comments, p. 8-9; OAG July 21, 2011 Response
Comments, p. 4. Thus, two major issues in this docket have been IBR’s effects, if any, on energy
conservation and low-income ratepayers.

On March 1, 2012, CenterPoint filed its Revenue Decoupling and Inverted Block Rate
Evaluation Report. The report attempts to measure the effects o-f IBR on conservation and also
| focuses on the usage of LIHEAP customers. A “Key Finding;’ of the IBR Evaluation Report is
that “IBR may have had a limited impact on aggregated usage” and that residential usage was
flat when cofnpaﬁné Weather normalized therms during.the 12 month pre-IBR peridd and IBR
periods. CenterPoint'’s Revenue Decoupling and Inverted Block Rate Evaluation Report, Section
J, part 2, p. 21. In fact, CenterPoint’s own study notes that while mild price elasticity
(flexibility) was observed, the residential class and every residential subclass exhibited such a
low level of elasticity that all price-demand relationships were considered inelastic. Id. at.patt 1,

p-19. In other words, IBR and its pricing structure has had ‘no measurable impact on

conservation or consumption in general.

12
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+ Another “Key Finding” of the IBR Evaluatlon Report 1s that LIHEAP customers tend to
use nearly as many therms per customer as non-LIHEAP customers. 1d. at part 2, p. 21. This
finding is consistent with the previous IBR Evaluation Report, ﬁled by CehterPoint in the spring
0of 2011, See OAG's June 1, 2011 Comments, p. 15. Moreover, thé OAG has already shown in
this docket that IBR has had a disproportionate impact on so’rﬁe lower-income cbmmum'ties,
when examining the number of households billed in the fifth-tier rate in January, 2011. /4. at 15-
16, These findings, along with the recently released report, tend to show that IBR 'Is not
" beneficial to lower-income people, many of whom may live in oldcr less efficient houses and do
not have the resources to invest in energy-saving measures, such as efficient furnaces.

In sum, the recently released IBR Evaluation Report shows that a primary goal of IBR--

energy conservation--has not been met in any measurable way. Moreover, another key goal of

IBR--increased low—inqome affordability—-has not been proven.
VII. THE CQMMISSION SHOULD TERMINATE IBR. |

| The Commission retained the discretion to terminate IBR upon “unfavorable review” or
“for other cause it shall deem adequate.” June 30 201 0 Order Authorzzmg Implementatzon of
Final Rates and Approving Refund Plan, pp. 4, 5. Due toa myrlad of unfair and unmtended
conseque“xces IBR has already been suspended. The parties have met to discuss possible
- improvements to the IBR program, but have not reached consensus. In fact, after trying to tackle
the problems associated with IBR head-on, the only proposal is a system of opt-outs which, for |
the reasons discussed above, would result in an ineffectual IBR program, increased customer
confusion, higher rates, additional. complexities,and unfair and unintended résults. The proposed

“solution” may be worse than the first attempt.

13
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It should be noted that the Company does not recommend returning to IBR, but instead
- recommends keeping a flat-rate system.

VIII. CONCLUSION

A modified IBR program will not redress the unintended and unfair cbnsequences which
led to the suspension of IBR in the first place. In fact, it would result in additional harm,
complexity and customer confusion. in addition, the IBR program has not been shown to
increase energy conservation or benefit 16wer-income ratepayers. For these reasons, the QAG

recommends that the Commission formally terminate the IBR program at this juncture.

Dated: April 2, 2012 ’ Respectfully submitted,

LORI SWANSON
Attorney General
State of Minnesota

s/Peter J. Shaw

PETER J. SHAW ‘

Assistant Attorney General

Atty. Reg. No. 0390720

445 Minnesota Street, Suite 900
St. Paul, MN 55101-2109
Telephone: (651) 757-1211 o

AG:; #2983341-vi
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AFFIDAVIT OF SERVICE

Re:  In The Matter Of The Office of the Attorney General’s Response to CenterPoint

Energy’s Proposal for Bill Adjustments to Address Impact of Inverted Block Gas Cost
Recovery in 2010 and 2011

MPUC Docket No. G-008/GR-08-1075 ’

STATE OF MINNESOTA )
_ ) ss.
COUNTY OF RAMSEY )

I hereby state that on the April 2, 2012, I efiled the Office of the Attorney General -
Antritrust and Utilities Division’s Response to the IBR Modification Workgroup Report and
CenterPoint’s Revenue. Decoupling and Inverted Block Rate Evaluation Report, served the same
by United States Mail with postage prepaid, and depositing the same in a U.S. Post Office mail
receptacle in the City of St. Paul, Minnesota, by email, and/or interoffice mail.

. s/Julie Mersch
Julie Mersch

Subscribed and sworn to before me
on April 2, 2012,

s/Sandy Howard
Notary Public

AG: #2987471-v1
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NTPC Due Diligence Report

Executive Summary

This report on the Northwest Territories Power Corporation’s (NTPC) revenue requirements and cost
pressures affirms and augments the relevant findings of earlier utility, policy, and governance reviews.
All share the common goal of putting NTPC on a solid financial footing going forward, so it can
generate and deliver electricity efficiently, reliably, and at reasonable rates.

It is worth noting that the GNWT considers electricity an essential service for northern communities. The
NTPC system operates in a harsh environment, with very small loads in widely dispersed communities.
NTPC's ongoing challenge will be to find and implement cost saving measures without affecting safety
and reliability.

Through the course of our investigation and analysis, we have found that NTPC's costs are reasonable,
given the challenges of providing electricity in the NWT. Electricity utilities across Canada are facing cost
pressures, and many are experiencing rate increases that have outpaced those of NTPC over the last five
years. The Utility is to be commended for reducing its staff to 2007 levels, and keeping its O&M budget
increase in line with inflation.

As NTPC had not filed a General Rate Application (GRA) for five years, we found that there was a
significant degree of “catch-up” required with respect to the revenue requirement. The revenue
requirement increase from $87.1 million to $101.6 million, is substantial, especially if implemented in
one year. At the outset of our review, we were made aware of a proposal being developed by NTPC and
the GNWT Department of Finance to limit rate increases to no more than seven per cent per year. This
appears reasonable as a fundamental principle of rate design is the avoidance of “rate shock” As well,
revenue to cost ratios in all rate zones are reasonable, so simple “across the board” percentage increases
to the zone-based rates make sense.

Projected cost impacts for NTPC customers for the next three years (2012-13 to 2014-15) are reflected in
the tables below:

Figure | Forecasted Residential Rate Increases

Anticipated Monthly Power Bill Increases (Winter)

Residential Ratepayers (1000kWh/month)

2012/13 2013/14 2014/15
NTPC Thermal $17 $12 $13 $36
NTPC Taltson $12 $13 $14 $39
NTPC Snare $11 $12 $13 $36

*These are projections of monthly bills for January 1st of target years.



Figure Il Forecasted Commercial Rate Increases

Anticipated Monthly Power Bill Increases (Winter)
Commercial Ratepayers (3000kWh/month)

2012/13 2013/14 2014/15 Total
NTPC Thermal $89 $95 $101 $285
NTPC Taltson $28 $30 $33 $91
NTPC Snare $66 $70 $75 $211

*These are projections of monthly bills for January 1st of target years.

To keep rate increases to a maximum of seven per cent per year requires a GNWT contribution in the
range of $18 million over two years. It should be noted that these figures do not reflect an additional
$15 million in diesel costs over the next three years, related to diminishing natural gas supply in

Inuvik. Just prior to the finalization of our report, we were informed that there is the potential for these
costs to remain ongoing and that they would likely need to be included in the revenue requirement.

A discussion of these additional costs was not included in our review. However, the impact on the
proposed annual revenue requirement is clear - $107 million will be required. To keep rate increases

to a seven per cent maximum and still attain the $107 million revenue requirement, an additional year
would need to be added to the annual seven per cent rate increases. As well, GNWT support during this
transition phase would need to increase to approximately $33 million.

We understand that government support to this level, accompanied by rate increases of seven per cent
for the next four years, is challenging. However, the cost pressures are immediate, and the Utility does
need to attain its $107 million revenue requirement, beginning in 2012-13.

In light of these cost pressures, we have presented our recommendations in two streams, short term
and long term. The short term recommendations identify some immediate actions that could be
considered although we have found that there are few substantive savings to be found. In the long
term, our recommendations should be considered as potential strategies to contain future costs and
ensure rates keep up with inflation.

NTPC Due Diligence Report
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4 NTPC Due Diligence Report

Short-term Recommendations

The Petroleum Products Division (PPD) provides diesel fuel to NTPC for electricity generation under
a Fuel Services Agreement. As diesel use has increased, so have PPD’s revenues from this agreement.
These revenues appear to have outpaced costs. Therefore:

1. NTPC, PPD, and other government officials should attempt to reach a consensus on the cost of the
service PPD provides to NTPC and whether fuel sales in communities served by PPD are indirectly
being subsidized by the PPD charges on diesel fuel used for electricity generation.

We have found that the regulatory process is expensive and have provided a number of suggestions for
change to be considered in the long term. Acceptance of these recommendations and reflecting them
in the GRA to be filed will reduce costs in the short term.

2. Inorder to streamline the examination of diesel fuel prices and price forecasts in GRA reviews,
NTPC should establish a diesel fuel price forecast methodology and submit it to the Public Utilities
Board (PUB) for approval. This methodology should be clear, easy for consumers to understand, and
substantially reduce or eliminate detailed discussion on fuel prices during periodic GRA reviews.

Further, the diesel fuel price forecast should be incorporated into rates on a semi-annual basis
in October and April, ensuring that fuel is treated as a “pass through”item. The rider for the
Consolidated Stabilization Fund should also be reset each October and April with a two year
recovery and there should no longer be a threshold limit before NTPC could apply.

3. Inthe General Rate Application, NTPC should propose a streamlined process to the PUB that
includes no debate of capital structure, return on equity, or development of a detailed cost of
service study. The GNWT should consider supporting this position through a submission to the PUB
explaining the intent of the proposed government support.

4. Recognizing the 2010 Electricity Policy and the desire to keep rates low, NTPC should consider
seeking approval for an Return on equity (ROE) in the 8 to 8.5% range on NTPC's actual equity of
just over 40%, to provide a meaningful discount against the benchmark ROE awarded in Alberta.

Finally, consideration could be given to phasing in new depreciation rates for the reasons we discuss in
our report. During this time of substantially increased cost pressures, the increased costs associated with
a recent depreciation study may not need to be implemented immediately.

5. NTPC should consider advancing its condition assessment for its main assets, use the findings to
update its recent depreciation study, and seek PUB approval for its updated depreciation rates
through a separate written hearing process for implementation in 2013/14 or later.



Long-term Recommendations (and Strategies)

As found in previous reviews, there needs to be greater communication between the GNWT and the
Utility, the mandate and expectations related to NTPC need to be clarified and performance measures
will ensure that the interests of the Utility and the government are aligned.

1. The GNWT and NTPC should implement a regular planning and reporting structure centered on
a Shareholder’s Letter of Expectations, and a subsequent NTPC report back to the GNWT. As well,
the GNWT should revisit the Strategic Direction issued in 2002 and the NTPC Act to ensure they are
consistent with the current corporate structure of NTPC and there is clarity with respect to NTPC's
mandate.

2. NTPC should expand its use of standard industry safety and reliability indexes by setting
measurable targets, reporting results at the community, zone, and system level, and comparing its
results with those of similar utilities.

3. Acomprehensive listing of performance measures should be prepared by NTPC that permit it to
assess corporate performance in the context of shareholder expectations, customer interests and
corporate priorities.

4. NTPC should calculate “GW.h Produced per Employee”as a useful “Key Performance Indicator” (KPI)
to reveal trends at a glance in the future. (Note: This is about 1.89 GW.h/employee with 169 staff in
2012/13, and given recent staff reductions, is trending in a favourable direction).

We have also provided a number of suggestions for the GNWT to consider with respect to the
regulatory process. A more detailed review is required.

5. The GNWT should consider undertaking a review of the Public Utilities Act and the current GRA
process with a view to streamline the process and control costs. This review could either be done
by Government or through an undertaking of the Board.

Both NTPC and the GNWT undertake borrowing but ultimately all of the borrowing falls under the
GNWT debt limit. We believe there will be efficiencies in combining this approach.

6.  GNWT and NTPC should examine the potential savings, advantages, and disadvantages of having
GNWT issue debt on NTPC's behalf.

The largest challenge in the NWT is the lack of economies of scale. Increasing sales will reduce the per-
unit cost of electricity for everyone.

7. NTPCand the GNWT should explore ways to increase sales where there is a surplus in hydro
generation capacity. Electric heating or industrial customers appear to be the greatest opportunity.

While not specifically addressed in this review, continued collaboration among NTPC, GNWT, educators,
and unions will be needed to recruit talented staff. Electricity sector retirement rates are among the
highest of any Canadian industry: 45,000 new and replacement staff will need to be hired in the next
five years. NTPC can attract new workers with favourable career and training opportunities, competitive
salaries and benefits, and job security.

NTPC Due Diligence Report

5



Executive Summary

1.0 Introduction 8
2.0 Objectives, Approach, and Scope 10
3.0 Background to NTPC’s 2012-14 General Rate Application 14
3.1 2006-08 Revenue Requirements Application and Decision 14
3.2 Phase Il Application and Fuel Riders 14
3.3 Review of Rates, Regulation, and Subsidies 15
3.4 Report of the NTPC Review Panel 15
3.5 Government Response: 2010 Electricity Policy 16
4.0 Cost Pressures, Rates, and Rate Increases: Other Jurisdictions ... 18
4.1 Cost Pressures 18
4.2 Rates and Rate Increases 21
5.0 Cost Pressures, Rates, and Rate Increases: NTPC 24
5.1 Overview 24
5.2 Load Forecast 25
5.3 Breakdown of Cost Components and Overview of Potential Efficiencies 26
54 The Proposed“7/7/7" Rate Increase Scenario 27
5.5 Possible GNWT Financial Support 28
6.0 Finding Efficiencies: Strategies to Manage Short Term Rate Increases.......... 29
6.1 Salaries and Wages 30
6.2 Operations and Maintenance Cost Components 31
6.3 Cost of Production Fuels 31
6.4 Regulatory Considerations 35
6.5 Capital Structure and Return on Equity (ROE) 36
6.6 Fixed Asset Amortization (Depreciation Expense) 38
7.0 Closing the Revenue Gap: Long-Term Cost Containment Strategies............. 42
7.1 Governance Structure: the Shareholder-Utility Relationship 42
7.2 Directions to NTPC — Regular Issuance of Shareholder’s Letter of Expectations................ 43
7.3 Long Term Approach to Regulation 44
74 Capital Structure and Dividend Policy 46
7.5 Cost of Borrowing 47
7.6 Revenue Growth Opportunities 47
7.7 Demand Side Management 48
7.8 Other Minor Cost Saving Opportunities 48
7.9 Liquefied Natural Gas Potential 49
8.0 Conclusion 52
Appendices 53
Appendix 1: Safety and Reliability Indices for Utilities 54
Appendix 2: NTPC Rate Application and Rate Change Chronology Since the 2006/08 GRA.............. 55
Appendix 3: Comparisons of Rates and Costs in Selected Jurisdictions 56
Appendix 4: Selected References 61
Appendix 5: Abbreviations 62

Appendix 6: Consultants'Biographies 63



7 -
=

m f@wmh 3 ﬂ
o l.,_ ___,,%gg % TJRJTL_ u?s}_,,,,r ___

——

ffa.i...




8 NTPC Due Diligence Report

1.0 Introduction

NOTE: This review and analysis has been prepared at the request of the Government of the
Northwest Territories (GNWT) based on the draft General Rate Application (GRA) information
compiled by Northwest Territories Power Corporation (NTPC). The information provided for
analysis was received no later than mid-February 2012 and, as a result, does not address any
changes or adjustments that may have been made to the draft GRA materials after that date.

Northwest Territories Power Corporation (NTPC, the Utility, the Corporation) is a regulated Territorial
Crown Corporation serving about 8800 customers directly. It also sells electricity to Northland Utilities
for distribution to customers in Hay River and Yellowknife. Revenues in 2010/11 were $82.8 million,
close to the average over the last five years of $82.3 million. Seventy-four percent of NTPC's electricity is
generated hydraulically; diesel fuel and natural gas account for the remainder. NTPC sells about 314,000
MW.h of electricity annually at an average unit cost in the 26 cents/kW.h range.

There has been no GRA filed by NTPC since 2007/08, when the Utility's revenue requirement was about
$80 million. Since then, NTPC's costs have increased significantly in some areas and there have been
significant rate changes due to the establishment of rate zones, changes to the Territorial Power Subsidy
Program (TPSP), and other GNWT policy decisions.

NTPC is preparing a new GRA that is expected to seek approval for revenues of around $97.3 million

in 2012/13 and $101.6 million in 2013/14. Thanks to an anticipated GNWT contribution of about $18.2
million over two years, the rate impact on customers may be reduced to 7% over each of the next three
fiscal years, or some variation thereto.

Given the public interest in the cost of living in the Northwest Territories (NWT), the essential role
electricity plays in public health and safety, and the substantial government contribution to soften
rate impacts, the GNWT decided that a third party review of NTPC's revenue requirements and cost
pressures should be completed as a matter of due diligence.

Itis important to note that this review does not replace the more detailed GRA examination that will
be conducted by the Public Utilities Board (PUB). This being said, we do suggest ways the PUB's review
may be streamlined to reduce unnecessary regulatory costs for this and future applications.

We would like to thank staff from NTPC, InterGroup Consultants, the Department of Industry, Tourism
and Investment (ITl) and several others who participated in this review, for their cooperation and
contributions.
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2.0 Objectives, Approach, and Scope

The objective of this report is to evaluate and make recommendations about NTPC's expected revenue
requirements, including its main cost drivers, with a view to identifying opportunities for savings. In
particular, it is to:

- Provide an overview of cost pressures of other electricity utilities, including utilities similar in size and
scope as NTPC;

« Review the cost pressures facing NTPC in the context of historical and projected NTPC budgets,
generally identify areas where some operational efficiencies may be realized, and provide an opinion
on whether the costs appear to be reasonable, given the challenge of providing electricity services
in the NWT;

- Identify strategies to mitigate potential rate increases, including continuing GNWT financial support,
approaches to cost drivers, and implementation of identified efficiencies. Specifically:

- the level of net income

- dividend and dividend policy

- the debt/equity ratio

- depreciation rates of NTPC assets

- costs associated with PUB reviews

- fuel costs, including NTPC's contract with the Petroleum Products Division (PPD)

- the balances in NTPC's deferral accounts

The consultants were supported by a small review team that included representatives from NTPC,
InterGroup Consultants Ltd.,, and ITI. NTPC officials cooperated fully, which was of utmost importance in
completing the report in the allotted time.

During our work, we reviewed background government or government-initiated reports, including:
+ "Energy For the Future: An Energy Plan for the NWT" (March 2007, 61 pages)

- "A Review of Electricity Regulation, Rates, and Subsidy Programs in the NWT”
(December 2008, 11 pages)

« “Electricity Review: A Discussion with Northerners about Electricity”
(June 2009, 38 pages)

« “Northwest Territories Energy Report” (May 2011, 52 pages)

« Draft NWT Hydro Strategy Executive Summary (2008, 18 pages) and Draft NWT Hydro Strategy
(61 pages)

We also reviewed three additional reports which guide the GNWT's policy direction in relation to the
NWT electricity system. These additional reports include: Creating a Brighter Future: A Review of Electricity
Regulation, Rates, and Subsidy Programs in the NWT (frequently referred to as the “Electricity Review", 2009);
The Report of the NTPC Review Panel (frequently referred to as the "NTPC Review”, 2010); and the GNWT's
policy document “Efficient, Affordable, and Equitable: Creating a Brighter Future for the NWT Electricity
System” (referred to in this report as the 2010 Electricity Policy) which summarized the GNWT's response
to the earlier independent review documents.



We also:

« Examined NTPC's recent Annual Reports, and NTPC's October 2011 “Strategic Plan 2012—14"

- Met with the President and Chief Executive Officer of NTPC, and the Board’s Vice Chairperson, and
spoke with the Chairperson of the PUB

« Interviewed senior GNWT finance and public works officials

+ Held a workshop with the review team and invited government officials in Yellowknife on January
24 and 25, 2012, to discuss cost pressures, possible ways to reduce NTPC's revenue requirement,
options around rate design, regulatory review options, and potential strategies for the future.

Electricity as an Essential Service: Safety and Reliability

As a result of its recent examination of the NWT electricity system, the GNWT has stated that the
provision of electricity is seen as essential to the residents of the Northwest Territories. It has also
directed NTPC, as a Crown agency, to focus its efforts on ensuring electricity is provided safely and
reliably to the communities that it serves. As a result, NTPC has established a vision stating that it wishes
to be regarded as an exceptional utility, up to the challenge of delivering safe, reliable, and fairly priced
power through a territory-wide system that is efficient and sustainable.

Unlike southern utilities, there is no flexibility in the NTPC system to import power from the North
American interconnected transmission grid. Back up generation capacity is in place in communities to
meet emergency power demands. Examination of indices used to measure utilities suggest that NTPC's
operation is generally reliable and safe when compared to other utilities. (See Appendix1).

Our review and recommendations are not intended to compromise NTPC's safety and reliability
priorities and initiatives. Similarly, when considering future proposals for cost reductions or deferrals, the
paramount criterion should be to ensure safety and reliability will not be unduly eroded.

NTPC Due Diligence Report 1 1
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3.0 Background to the NTPC’s 2012-14 General Rate Application

NTPC's 2012-14 GRA submission represents the first full application submitted for regulatory review
since 2006. Since then, there have been material changes in a number of the Utility’s cost drivers. As
well, as a result of GNWT action, there have been substantial changes to the electricity rate structure.

This chapter briefly summarizes key activities that have occurred since the last GRA filing. A more
complete chronology of main GRA related events during this timeframe is attached as Appendix 2.

3.1 2006-08 Revenue Requirements Application and Decision

The 2006-08 NTPC GRA (Phase ) was filed during November, 2006 - 8 months into the test year which
began April 1, 2006. NTPC delayed filing the GRA until November as it sought ways to mitigate the
rate impacts that were forecast in its initial work. The PUB did not accept a request from NTPC for a
negotiated settlement, and a full oral hearing took place.

In its GRA submission NTPC sought increases of:
« $15.9 million for 2006/07 (from $64 million to $79.9 million); and
« $19.9 million for 2007/08 (to $84.3 million).

The final Phase | GRA decision was over 200 pages and had over 50 “directives’, many of which were
to be addressed at the “next GRA" The PUB's combined decisions reduced the revenue requirement
to $76.6 million in 2006/07 and to $81.1 million in 2007/08. The main effect of the PUB's approvals on
NTPC's revenue requests were to:

+ Reduce return on equity by $1.7 million

- Debt cost recalculation of $0.7 million

- Reduce fuel costs and volumes of $0.2 million

- Reduce salary costs by $0.3 million, by excluding half of bonuses
« Reduce operating and maintenance costs by $0.4 million

- Increase forecast revenues by $0.4 million

The rate riders designed to collect GRA shortfalls and fuel costs were slow to be fully recovered.

3.2 Phase Il Application and Fuel Riders

NTPC filed its Phase Il application in August 2008 to address cost of service, rate design, and fuel rate
riders. (“Rate riders”are meant to capture variances in key cost drivers—usually over which a utility has
little or no control between what was forecast when rates were set, and what actually occurs. Amounts
either owed back to or owing from ratepayers accumulate in regulatory or stabilization accounts.) Diesel
fuel prices had increased dramatically since the 2006 filing and the Phase | GRA shortfalls had not yet
begun to be collected.

During Phase Il, NTPC sought approval for a revised method to recover stabilization account amounts: in
short, it proposed that twice a year the riders would be “trued up”to target a zero balance within twelve
months. The PUB generally accepted this new approach, but ordered NTPC to lower the diesel fuel

price forecast and target a zero balance over eighteen months, not twelve. Diesel fuel price increases
were having a dramatic negative effect on the fuel stabilization account. Subsequently, two payments
from the GNWT of $3 million each in 2010/11 and 2011/12 reduced the balance in the Consolidated
Stabilization Fund. An additional $1 million contribution in September 2011 reduced the Consolidated



Stabilization Fund balance to $1.5 million. However, given the current fuel price, the balance of this
Fund is expected to grow to $4.6 million by March 2012.

In 2009, the GNWT commissioned the NTPC Review and Electricity Review, described below. In
consultation with the GNWT, NTPC concluded it could adopt a “zero/zero/zero” percent rate increase
plan, with no increase in revenue requirements for 2009/10, 2010/11, and 2011/12. As well, the GNWT
also agreed to forego collecting its dividend pending completion of the reviews.

3.3 Review of Rates, Regulation, and Subsidies

The GNWT announced its review of rates, regulation, and subsidies in the 2007 Energy Plan. An
independent panel completed its work in 2009 and its report (the Electricity Review) was tabled in the
Legislative Assembly in November of that year. It called for a renewed focus by all utilities on customer
service, and recommended a series of changes to:

- The structure of the electricity system (e.g. consolidation to increase economies of scale)

- The rate structure (e.g. establish three cost of service zones and a thermal zone rate; GNWT to set
the rate of return for NTPC's assets in the hydro zones; eliminate the dividend to the GNWT; reduce
use of rate riders and replace them with a territorial rider to share costs related to fuel and low water;
revise the TPSP and review the subsidy for residents of public housing)

« The regulatory processes (e.g. amend the Public Utilities Act to to permit the GNWT to provide policy
direction to the PUB; streamline review processes; limit participant funding)

- The role of the GNWT (e.g. improving the lines of authority and accountability for electricity
related matters)

This report and its recommendations were reviewed by the Government. A response to the report was
issued in 2010 (see sub-section 3.5, below).

3.4 Report of the NTPC Review Panel

The independent NTPC Review Panel was established in 2009 and was tasked with examining the
operations, corporate structure, and mandate of NTPC. The Panel did not identify any opportunities for
major cost savings in NTPC operations. Their report indicated that NTPC was operating with reasonable
efficiency and there were limited opportunities to significantly affect the corporation’s cost structure.
The Panel made several recommendations concerning operational efficiency (e.g. fuel handling, safety),
corporate efficiency (e.g. capital project cost estimation, travel, salaries), and mandate (e.g. NTPC's role in
conservation and alternative energy, public engagement, regulatory process delays and costs). Many of
the recommendations are currently being implemented.

NTPC Due Diligence Report 1 5
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3.5 Government Response: 2010 Electricity Policy

The GNWT considered both the NTPC Review and the Electricity Review and issued a comprehensive
response in May 2010. As a result of the direction established in the Government's response, rate policy
guidelines were issued to the PUB in July 2010 with respect to the approach to NTPC rates. Based upon
these guidelines, seven rate zones were established, with no rate increases to any customers (i.e. when
rates were compared to what customers paid in October 2009) and significant rate reductions (down to
a residential rate of 47.3 cents/kW.h) for NTPC Thermal Zone customers. This was achieved by:

+ Ending the 2006/2008 GRA rider that was fully collected by that time;
- A GNWT payment of $6 million to pay down the balances in stabilization funds; and
+ The GNWT foregoing the annual NTPC dividend of $3.5 million for 2010/11 and again in 2011/12.

NTPC filed a Rate Rebalancing Application consistent with the rate policy guidelines, and final rates
were put in place for December 2010. The rates were designed based on 2007/08 costs and loads,
with the exception of items changed by policy, notably a $1.2 million annual decrease in returns from
thermal communities. (NTPC returns in thermal communities are now limited to an interest coverage
ratio of 1.5 times interest expense, which is very close to simple cost recovery plus a small profit.) The
new rates were introduced at the same time as all stabilization fund riders ended.






1 8 NTPC Due Diligence Report

4.0 Cost Pressures, Rates, and Rate Increases: Other Jurisdictions

As a whole, the electricity utility sector is facing ever increasing cost pressures, with electricity rates
rising world-wide due to growing demand, higher fuel costs, operating costs to maintain aging systems,
and capital expenditures to sustain and expand them. In fact, many utilities are finding that significant
portions of their generation and transmission systems, built during high growth periods in the 1960s
and 70s, have reduced reliability, pose safety and environmental risks and are in need of rehabilitation.

NTPC's operations have a number of unique characteristics. However, like NTPC, some utility companies
across Canada provide electricity services in locations that are not connected to electricity grids and
serve small, often isolated populations.

To assist in the examination of NTPC's proposed GRA we examined the provision of electrical
generation, transmission and distribution in Yukon, British Columbia, Alaska, Manitoba and
Newfoundland / Labrador. Detailed findings related to these jurisdictions can be found in Appendix 3.

A summary of our findings can be found in the subsections below.

4.1 Cost Pressures

A utility's operating costs relate to day-to-day operations and maintenance activities, such as costs for
labour, pension expense, materials, travel, supplies and fuel. Utilities face operating cost pressures due to
inflation, customer growth, changing customer service levels, maintenance activities, and public

and employee safety.

Operating and maintenance (O&M) costs usually make up between 20 and 40% of a utility’s revenue
requirements and represent the largest category of “controllable” cost drivers. An example of a largely
uncontrollable cost is the price of fuel — in NTPC's case, the cost of diesel fuel for its primary and
backup generators.

Comparison of cost pressures, in particular those cost pressures that are controllable, suggests that
NTPC has done relatively well in controlling its cost growth. Table 4.1 illustrates that NTPC fares well,
particularly when compared to utilities where future year O&M cost information is available.



Figure 4.1 Non-Fuel O&M Costs, NTPC and Other Utilities (All costs indexed to 2003)

300% BC Hydro
NUL (NWT)
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Bill Paid by Customer
I

Bill Paid by
Government Subsidy

Non-Fuel Related
Actual Cost

Fuel Related
Actual Cost

1. Bill estimates are based on
the current rates published
on the companies’ websites.

2. Cost estimates are based
on the following sources:

« NTPC: 2007/08 COS
study, adjusted for
2010 Rate Rebalancing
Application revisions

« NUL: 2012 COS study from
NUL(YK) and NUL(NWT)'s
2011-2013 GRA

- Newfoundland and
Labrador: 2007 COS study

+ Manitoba Hydro: Prospective
Diesel COS study for 2009

« QEC: 2010/11 study from
QEC's 2010/11GRA

3. Fuel-related actual cost
comprises production
fuel (diesel and gas) and
purchased power costs,
where applicable.
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Figure 4.2 below compares actual costs and bills for NTPC thermal communities with off-grid
diesel communities in Nunavut (Rankin Inlet), Newfoundland, Labrador, and Manitoba. The
bottom left (green) portion is the amount a customer pays. The other three portions show

the actual cost (broken into non fuel and fuel components), the cross subsidies from other
customers, and for the NWT and Nunavut examples, the government subsidies. Newfoundland,
Labrador, and Manitoba actual generation costs are higher, and their customers’bills lower,
than in NWT communities. Unlike Manitoba and Newfoundland and Labrador where lower cost
integrated grid customers subsidize a small minority of diesel off grid customers, in the NWT
and Nunavut it falls primarily to governments to help make electricity more affordable.

Figure 4.2 Residential (Non-Government) Monthly Electricity Bill Comparison
(1000kW.h/month Residential, based on most recent Cost of Service (COS) study and existing rates)
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4.2 Rates and Rate Increases

Rates are largely determined by costs associated with the operation of a utility. As electricity rates are
regulated, only costs that are approved by the regulator (in the NWT this is the PUB) can be included
when the utility revenue requirements are finalized. Approved costs depend, to some extent, on the
organizational structure and government policies that define the Utility's operating environment.

Governments also play a significant role in determining the amount that consumers pay for electricity.
In other jurisdictions, rates are influenced by government subsidies and cross subsidization between
rate zones.

Because of the complexity of approaches taken in various jurisdictions to set electricity rates, it is useful
to monitor the changes in rates over time. Examination of rate change provides a perspective on
revenue requirement changes and on the changing impact of rates on customers. Table 4.1 compares
the monthly residential bill for 1000 kW.h of consumption for Inuvik, Yellowknife, and several cities
across Canada in April 2008 and again in April 2011. The Inuvik and Yellowknife bills include the 2006-08
GRA final rates and riders, implemented in January 2008.

NTPC Due Diligence Report 21



Sources: Hydro Quebec,
2008 and 2011 Comparison
of Electricity Prices in Major
North American Cities (rates
in effect April 1); InterGroup

Consultants Ltd. personal
communication; www.
bankofcanada.ca /rates
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Table 4.1 Comparison of Monthly Bills (5Cdn): 1000 KW.h Consumption

April 2008 April 2011 A"e"gz: &“e"(ﬂz:
Regina 109.11 137.92 8.12%
Edmonton 134.51 164.04 6.84%
Ottawa 106.07 124.37 5.45%
Halifax 117.53 136.23 5.04%
Toronto 111.66 129.01 4.93%
Winnipeg 64.41 73.05 4.29%
Vancouver 69.78 76.81 3.25%
Yellowknife (NUL) 237.58 256.62 2.60%
St. John's 104.31 109.86 1.84%
Moncton 11513 118.23 0.89%
Montreal 68.12 68.21 0.04%
Charlottetown 148.07 145.07 -0.68%
Inuvik 42512 246.02 -16.67%
ﬁg'::':;gg;';ﬁg) 113.5 119.8 1.80%

Note: Inuvik bill is winter season (1000 kW.h TPSP threshold); Yellowknife bill information has

been estimated.

For most Canadians, electricity rate increases have exceeded growth in the Consumer Price Index (CPI)
during the time period. In fact, only four cities identified in the table have seen rate increases that have
been lower than the rise in the CPI. Further, while it is no surprise that Yellowknife's bills are higher than
those in southern cities (due to operational costs, limited economies of scale, etc.), the rate of increase
over the last three years in Yellowknife is lower than all but Montreal and three cities in Atlantic Canada.
It is also important to note that, as a result of the rate restructuring carried out in 2010, the rates for
Inuvik have declined by almost 17% per year.
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5.0 Cost Pressures, Rates, and Rate Increases: NTPC

The earlier sections of this report have provided a context for the upcoming NTPC GRA. This section
examines the main cost drivers described in the 2012-14 GRA, including NTPC's load forecast, the
impact of possible GNWT financial support and the proposed approach to rate increases over the
next few years.

5.1 Overview

In general, utility sales are influenced by economic growth, population growth, and weather. Economic
activity in the NWT has been steady or declining, and prospects for significant new electricity loads are
limited. This being said, there may be possibilities for some industrial growth in the mid to long-term.

The recently released 2011 Canada Census reported that the NWT's population did not change
between 2006 and 2011.The Census also reported that the number of occupied private dwellings in
the NWT has risen by 3.3%, from 14,224 in 2006 to 14,700. This suggests a modest rise in residential
customer loads.

NTPC forecasts a 2012/13 revenue requirement of about $97.3 million. While this is a significant increase
over the previously approved revenue level, it is clear that NTPC has had recent success in bringing its
operating and maintenance costs in line with inflation, which must remain a priority in an operating
environment of no or minimal load growth. Most other components of the revenue requirement are
harder to influence, or are entirely beyond NTPC's ability to control.



5.2 Load Forecast

Table 5.1 provides a summary of NTPC's load changes from 2007/08 through to 2013/14. The forecast is
broken down by zone (including wholesale sales) and is normalized for recent weather variations.

Table 5.1 Summary of NTPC Load Changes (MW.h)

(o) 0,
2007/08 2010/11  PChange  5.3,44 % Change
GRA Actual IS Forecast W

10/11 13/14
Snare Zone
(includes 181,740 182,126 +0.2% 186,525 +2.6%
Yellowknife)
Taltson Zone
(includes Hay 58,702 58,473 -0.4% 58,987 +0.5%
River)
Thermal Zone 72,729 73,950 +1.7% 74,655 +2.6%
Totals 313,171 314,549 +0.4% 320,167 +2.2%

Most utilities benefit from system sales growth, but NTPC is facing very low growth overall. As well,
based on available information, NTPC is expecting reduced sales for some of the 19 diesel communities
in the Thermal Zone. The 2010 establishment of the NTPC Thermal Zone will shield the individual
communities with declining sales from further rate increases as long as the overall sales growth in the
Thermal Zone remain, as projected, to be slightly positive. If overall sales in the Thermal Zone decline,
then rates would rise, as the allocated costs of the Utility would need to be spread over reduced

consumption.

We see no reason not to accept NTPC's load forecast for the purpose of this review. However, it is
important to remember that actual weather in any year can cause significant variations in actual sales

when they are compared to normalized forecasts.

In reviewing the NTPC sales forecast, new revenues will be added starting in 2012/13 to account
for interruptible sales to four government customers for electric heating in Fort Smith ($113,000 by
2013/14). Later in this report we have provided additional context and a recommendation aimed at

increasing sales.
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5.3 Breakdown of Cost Components and Overview of Potential Efficiencies

Table 5.2 is a summary of the preliminary 2013/14 revenue requirement, compared to the 2007/08
approved revenue requirement and includes actual costs for 2010/11. This table illustrates the trends

among the main cost components.

Table 5.2 Preliminary Revenue Requirement Summary ($SMillions, Rounded to Nearest $100,000)

0,
Cost 2007/08 Actual Forecast % Change (‘;“c,:::g:
Components Test Year 2010/11 2013/14 (Six Years) 9
Annual)

Salaries and

$183 $21.2 $235 28% 4.3%
Wages
Non Production $0.7 509 $10 43% 6.1%
Fuel
supplies & $106 $13.0 $11.9 12% 1.9%
Services
Travel & 0 0
Accommodation 222 222 222 0% 0%
Total O&M $31.8 $37.3 $38.6 21% 3.3%
Production Fuel $17.3 $179 $22.7 31% 4.6%
Depreciation/ $126 $14.8 $215 71% 9.3%
Amortization
Interest $104 $96 $116 12% 1.8%
Return on Equity $9.0 $75 $7.2 -20% -3.7%
Total $81.1 $87.1 $101.6 25% 3.8%

NTPC's draft GRA presents cost information that is reasonable and defensible. This being said, there is
some room for further examination and the possibility of some policy-based alterations to the reporting
of depreciation and return on equity. As well, examination of mitigating actions that could be taken to
reduce costs related to the purchase of production fuel and obtaining the best rates when borrowing
money also warrant discussion. Sections 6 and 7 provide further discussion of these matters.



5.4 The Proposed 7/7/7 Rate Increase Scenario

During the course of our review we were informed that the GNWT is considering direct financial
support to mitigate the impact of the required rate increases on customers, keeping the impact to no
more than 7% per year in most cases. We have developed our report based on the implementation of
the proposed 7/7/7 rate increase scenario. This scenario is expected to include the following aspects:

+ Energy rates (cents/kW.h) are to increase by 7% in all communities other than Norman Wells — this
includes wholesale and retail (residential, general service, and street lighting customers);

« Government customers are expected to face the same 7% rate changes on energy as other
customers; and

- No change is expected to customers'demand charges (the fixed $/month component of the bill).

Figure 5.3 below illustrates the revenue forecast from sales under proposed rate increases and the
resulting shortfall in relation to the revenue requirement for 2012/13 - 2014/15 fiscal years. The graph is
based in part on the information provided in Table 5.2.

Figure 5.3 NTPC Revenue Requirement and Estimated Sales Revenue
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While the wholesale energy rate is increasing by 7%, the wholesale demand charge is not. Therefore,
the net cost for wholesale power to NUL in Yellowknife is increasing by something less than 7%. In
addition, NTPC's cost changes do not affect the distribution component of the Yellowknife bills, which
also form the basis for the TPSP calculations. As a result, the net effect on TPSP-eligible bills from NTPC's
application is less than 7% each year.
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5.5 Possible GNWT Financial Support

In order to reduce the immediate impacts of the increased revenue requirement on electricity rates,
NTPC is proposing a deferred implementation of rate changes over three years. This would result in the
smoothing of rate increases. NTPC has therefore proposed that it will seek GNWT contributions of $18.2
million, spread over two years. This contribution, combined with a 7% rate increase in each of the next
three years would permit NTPC to generally meet its revenue requirement and eliminate the current
balance in the Consolidated Stabilization Fund.

In considering this proposal for financing the revenue requirement of NTPC, it will be important that
GNWT decision-makers keep in mind:

- The requirement to establish a timely, efficient way to refund or recover deferral account balances in
the future; and

« How inflationary increases will be managed in 2014/15: at this point, there is limited room to address
inflation costs within NTPC's cost structure.

The impact on customers is a key issue. The tables below provide an estimate on the impacts of
residential (at a thousand kilowatt hours per month) and commercial customers (at 3,000 kilowatt hours
per month).

Table 5.4 Electricity Bill Impacts for Residents, 1000 kWh Consumption

Anticipated Monthly Power Bill Increases (Winter)

Residential Ratepayers (1000kWh/month)

2012/13 2013/14 2014/15
NTPC Thermal $17 $12 $13 $36
NTPC Taltson $12 $13 $14 $39
NTPC Snare $17 $12 $13 $36

*These are projections of monthly bills for January 1st of target years.

Table 5.5 Electricity Bill Impacts for Businesses, 3000 kWh Consumption

Commercial Ratepayers (3000kWh/month)

Anticipated Monthly Power Bill Increases (Winter)

2012/13 2013/14 2014/15
NTPC Thermal $89 $95 $101 $285
NTPC Taltson $28 $30 $33 591
NTPC Snare $66 $70 $75 $211

*These are projections of monthly bills for January 1st of target years.
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6.0 Finding Efficiencies: Strategies to Manage Short Term Rate Increases

The next two sections of this report examine NTPC's GRA and the GRA process. Section 6 provides
comments and recommendations related to key aspects of NTPC's current draft GRA. Section 7
discusses actions that could be taken in the longer term, to contain NTPC and overall system costs.

Although the GRA submission that we reviewed is preliminary and subject to refinement, there are
a number of matters and observations related to NTPC's cost categories that we believe warrant
some consideration.

6.1 Salaries and Wages

NTPC has taken significant steps to minimize the impact of salaries and wages on the proposed revenue
requirements. It has flattened the organization structure and eliminated nine positions, including three
senior management positions. As well, senior management bonuses were not paid in 2010/11, and
going forward, all management bonus pay will conform to GNWT bonus program policies.

The net effect of the restructuring actions by NTPC is to reduce staffing approximately to 2007/08 levels,
with the exception of apprentices. This would seem appropriate recognizing the minimal growth in
sales and customers. It will be important for NTPC to avoid new staffing when the system is static and
there are growing cost pressures from capital investment and fuel costs.

The expected increase in NTPC salaries and wages in the six year period since 2007/08 is $5.2 million,
or an average of 4.3% per year. This is reasonably good performance in a period when electric utilities
throughout Canada have faced a shortage of skilled labour and upward salary cost pressures in excess
of inflation. NTPC is hoping to develop a northern apprenticeship program to train northerners to fill
future job vacancies, a good objective given the growing shortage of technical personnel within

the industry.

There are a couple of additional factors related to salaries and wages that impact the revenue
requirement that should receive some further consideration. The first is related to Overhead Capitalized
(overhead and administrative costs related to capital projects). For most utilities the trend has been to
decrease the Overhead Capitalization Rate as they have fewer new capital expenditures and recent
accounting policy changes encourage expensing of overhead rather than capitalization. The draft

GRA submission indicates that NTPC has recently increased its Overhead Capitalization Rate from 10%
to 18%. While this may be higher than the rate used by some (but not all) other utilities, NTPC's large
capital program justifies a higher Overhead Capitalized Rate.

The impact of a higher Capitalization Rate is to decrease the revenue requirement in the near term as
more expenses are capitalized. Over the longer term the higher rate base of capital projects (including
the Overhead Capitalized) attracts greater depreciation expense and utility return. Therefore, it will be
desirable to reduce the Overhead Capitalization Rate in the future if the capital program winds down.

A second issue to consider is the cost of pension and other post-retirement benefits. For most utilities
these costs have been growing rapidly in recent years. One large factor driving this growth has been the
actuarial reduction in the retirement plan discount rate, the impact of which is to increase the funding
obligation of corporations.

An on-going issue for most utilities is whether to include some or all of employee bonus payments in
the pension obligations and whether these costs should be funded by ratepayers or shareholders. In the
last PUB Decision only 50% of NTPC's management bonuses were allowed for funding by ratepayers.
Since then, NTPC has revised its management bonus levels to be consistent with that of the GNWT. It is
not clear how this corporate policy change impacts the appropriateness of ratepayer versus shareholder
funding of this part of the pension.



6.2 Operations & Maintenance (O&M) Cost Components

The draft GRA also includes Other O&M cost components. Our review of the information provided
suggests that estimated costs in O&M are generally well contained. General comments related to these
cost components can be found below.

Non Production Fuel is fuel for NTPC's vehicles and for heating NTPC's buildings. The target is to keep
fuel consumption volumes the same as the amounts approved in the 2007/08 GRA.

Supplies and Services include materials, insurance, property taxes, and grants in lieu of taxes. These
costs have decreased since peaking in 2009/10 to an average increase of 1.9% per year since 2007/08.

Travel and Accommodation costs have stabilized at $2.2 million. Increases in air charter costs to
fly power line technicians to trouble spots have been offset by greater use of technology, especially
teleconferencing and tele-control, which remotely monitors NTPC's isolated plants.

Taken together, NTPC's estimated expenses for its O&M cost components result in a relatively modest
average annual increase of 3.3 % per year between 2007/08 and 2013/14. Based on the research done
for this review it is important to note that few utilities are managing to keep O&M cost increases to a
level this low.

6.3 Cost of Production Fuels

The cost of fuel (diesel fuel and natural gas) used for the generation of electricity is a major cost
category in the NTPC revenue requirements. It is the second largest area of cost increase (following
depreciation expense) since the last GRA revenue requirements review in 2007/08. Costs have risen
from just over $17.3 million (including Norman Wells) in 2007/08 to a forecast of just under $23 million
in the proposed 2012/13 GRA submission. This increased cost creates a shortfall of $5 million that makes
up one-third of the total revenue requirements cost difference between 2007/08 and the proposed
2012/13 GRA. (Note: The NTPC forecast does not include impacts that may develop in Inuvik due to
reduced natural gas deliverability).

Figure 6.1 shows the changes in diesel production fuel costs to NTPC since 2007, along with the diesel
fuel reference price from the 2007/08 GRA.
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Figure 6.1 Historical Diesel Fuel Prices since the 2007/08 GRA
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Figure 6.1 demonstrates the extreme volatility in petroleum products costs and the low reference price
included in rates back in 2007/08. The impact of not adjusting the reference price quickly enough over
the last five years has been large transfers to the diesel rate stabilization fund.

The total of $7 million in payments from the GNWT (and a possible further $4.6 million in future) to
pay down the Stabilization Fund balances is a major benefit to ratepayers. The payments have reduced
pressure on revenue requirements as well as “clearing” much of the account balances. These payments
and a proposed additional $4.6 million payment in 2012/13 will assist in stabilizing rates going forward,
as long as an efficient mechanism is established and used in a timely manner to revise the reference
price of production fuel.



The Fuel Services Agreement with the Petroleum Products Division

NTPC now purchases all its diesel fuel from the GNWT's Petroleum Products Division (PPD) under a 2005
Fuel Services Agreement. PPD arranges for the purchase and delivery of diesel fuel to the storage tanks
in NWT communities, and invoices NTPC for the actual cost of the fuel, plus a charge per litre to cover
PPD’s own costs for transportation, storage, and administration. The Agreement between NTPC and PPD
appears to have been beneficial to both parties as PPD has realized economies of scale in its diesel fuel
procurement and transportation, and NTPC receives fuel at competitive prices with low overheads.

When negotiated in 2005, the Agreement identified approximately $400,000 in costs that needed to
be recovered by PPD. NTPC's diesel fuel use has increased since the Agreement was signed. As a result,
PPD can expect to receive revenues of over $1.1 million per year during the period covered by the draft
GRA. This figure includes new revenue of $210,000 that PPD will receive when NTPC reverts to diesel
fuel use in Inuvik. The $400,000 in costs identified by PPD in the 2005 Agreement are likely substantially
understated in 2012, but they are unlikely to be as high as $1.1 million.

The current Fuel Services Agreement ends in December 2015, but there may be an opportunity to
renegotiate it before then. There is significant value to the services PPD provides to NTPC, but it is
difficult to see that PPD incurs direct costs of over $1 million. In our view, since both parties benefit
from the economies of scale in purchasing, delivery and storage of the diesel fuel, it would seem fair
that the PPD mark up should not be more than the actual cost of the service provided to NTPC. If the
mark-up is greater than the actual cost of the service being provided by PPD, then electricity rates
would be subsidizing PPD fuel sales. This may be the objective of the GNWT, but nonetheless, should be
considered from a government policy perspective.

No potential cost saving to NTPC from a renegotiated agreement has been factored into our analysis.

Hedging

Both PPD and NTPC appear to have authority to hedge diesel fuel prices to control volatility. However,
an unfortunate hedge in the early 2000s led to considerable criticism of PPD when the hedge went
negative, and PPD is now less likely to hedge future purchases. NTPC also has the ability to hedge prices
to minimize price fluctuations but is equally reluctant to do so.

NTPC should remain alert to financial hedging options to smooth prices but we agree that fuel price
hedges should not be used frequently.

Recommendation

NTPC, PPD, and other
government officials
should attempt to reach
a consensus on the

cost of the service PPD
provides to NTPC and
whether fuel sales in
communities served by
PPD are indirectly being
subsidized by the PPD
charges on diesel fuel used
for electricity generation.
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Recommendation

In order to streamline

the examination of diesel
fuel prices and price
forecasts in GRA reviews,
NTPC should establish a
diesel fuel price forecast
methodology and submit
it to the PUB for approval.
This methodology
should be clear, easy for
consumers to understand,
and substantially

reduce or eliminate
detailed discussion

on fuel prices during
periodic GRA reviews.

Further, the diesel fuel
price forecast should be
incorporated into rates
on a semi-annual basis

in October and April,
ensuring that fuel is
treated as a “pass though”
item. The rider for the
Consolidated Stabilization
Fund should also be reset
each October and April
with a two year recovery
and there should no
longer be a threshold limit
before NTPC could apply.
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The Consolidated Stabilization Fund

There are many factors that have led to the significant increase in revenue requirements since 2007/08.
However, the infrequent updates to the diesel fuel reference price into rates and the build up in the
fuel rider, and now the Consolidated Stabilization Fund, are matters that need not reoccur. NTPC had an
approved methodology to act on both these diesel fuel price matters, but for various reasons the fund
balance has continued to increase. Now that territorial energy policy matters and rate design issues are
being resolved, it is timely to address mechanisms to avoid rate shock from diesel fuel price escalation
and volatility in the future.

The issue of rising and volatile petroleum and natural gas prices is not new and most jurisdictions in
Canada have approved methods to deal with them. For example, in B.C. the natural gas utilities adjust
their commodity prices each quarter based on a forward estimate of natural gas prices from NYMEX. At
the end of each year the differences in actual versus forecast costs held in a deferral account are set for
recovery over a three-year period and a natural gas cost rider is adjusted up or down as necessary. The
regulator reviews these applications for accuracy but no regulatory proceeding occurs. The advantage
of quarterly price adjustments is that prices reflected in rates are never far out of the market and the
benefit of the three-year cost recovery is that the volatility in the market is smoothed out for ratepayers.

The circumstances in NWT are similar and a mechanism could be tailored to the fuel purchase and
delivery patterns in NWT. We found, during our review, that the existing mechanism of adjusting prices
every six months in October and April will work best with the purchasing practices of PPD. Adjusting
the Consolidated Stabilization Fund rate rider also in October and April seems appropriate, although
instead of a one year recovery, a two or more year recovery would help to smooth out the volatility that
will occur in market prices.

Perhaps the most important feature of a revised approach to diesel fuel price setting and changes to
any associated rider is that the mechanism should be automatic - with the regulator reviewing and
approving the changes after due diligence checks, but without an extended and formal regulatory
process. This approach seems reasonable in that there is no “winning”or “losing” involved in the
regulatory review of fuel price changes; the prudently incurred costs will be recovered without profit
or loss.

As well, it is important to recognize that automatic semi-annual adjustments, as a regular feature of
rate setting, will ensure deferral accounts remain manageable and there would be less need for
government intervention.



6.4 Regulatory Considerations

Everyone we spoke to had views on the state of regulation in NWT. Virtually all are disappointed with
the high cost of PUB hearings and the length of time to get Decisions from the Board. The last GRA
proceeding in 2007/08 cost approximately $2.5 million in direct costs for consultants, lawyers,
intervener funding and proceeding expenses. This is a cost of about $130 for every retail electricity
customer, or $60 for every resident in the NWT. For a large utility in the south the cost of a full oral
hearing would likely range from one to several dollars per residential customer. In addition to monetary
costs, there is a cost to the operating efficiency of the Utility as management attention is diverted to the
hearing process.

In its last Decision the PUB issued some 50 Directives to the Utility. Thirty remain outstanding, to be
answered in the upcoming GRA. This is a trend that we have also seen by regulatory tribunals across
Canada. However, it should be remembered that responding to these directives diverts Utility personnel
from their primary task of operating a safe and reliable electricity system. No doubt some directives are
necessary but all regulators should weigh the benefit of each directive against its cost in terms of time
and expense. In the end the ratepayers will pay for all direct and indirect costs.

The PUB will review many of the critical factors and reach its own conclusion as to whether a
streamlined process is appropriate. For example, as discussed in the next section, if NTPC proposes to
the PUB a reduced return on equity, there will be little to debate on these issues at a public hearing.

NTPC has also largely reduced staffing to 2007 levels and revised management bonuses so that salaries
and wages costs are not much more than inflation since 2007. Fuel costs are largely a pass through from
PPD. If there is no change to depreciation rates then the depreciation expense is a matter of verification
rather than debate. Add to this the fact that the GNWT intends to provide direct funding to NTPC to
reduce the impact of the upcoming GRA on consumers and a very good case can be made to the PUB
to implement a streamlined process.

NTPC had forecast $1.6 million as its cost to prepare its application and participate in the regulatory
process. This allocation may drop to below $1.2 million assuming the PUB accepts the case for a
streamlined process and:

« Removes ROE matters from discussion at a public hearing (savings of at least $300,000);

- Determines that a full Cost of Service study is not required (if the GNWT does propose to provide
funding to facilitate “across the board”increases to zone-based rates); and

- Agrees to a combined hearing for Phases | and Il (savings of at least $100,000).

With a decline from $1.6 to $1.2 million in GRA regulatory costs, assuming these costs are recovered
over four years, the amount being built into rates drops from about $400,000 per year to $300,000
per year.

Government should consider presenting these views to the PUB to support the case for a streamlined
process. NTPC, as the agent of GNWT, could make this case in its application, but given its role as
proponent, it might not have as much weight with the Board as it would if it is a Government position.

Recommendation

In the General Rate
Application, NTPC should
propose a streamlined
process to the PUB that
includes no debate of
capital structure, return on
equity, or development
of a detailed cost of
service study. The

GNWT should consider
supporting this position
through a submission to
the PUB explaining the
intent of the proposed
government support.
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6.5 Capital Structure and Return on Equity (ROE)

A regulated investor-owned utility earns its profit based on the awarded ROE on the portion of rate
base funded by shareholder equity. The rate base is the depreciated value of all the approved capital
assets on the books of the Utility. At the time of the last rate setting for the 2007/08 fiscal year NTPC
was awarded an ROE of 9.25% on the actual Capital Structure of 51.4% debt and 48.6% equity. As well,
the cost of debt was funded at its actual cost. Since then there have been major energy policy and
structural changes that impact NTPC's Capital Structure and effective returns of the Utility.

All of the recent changes result in a new paradigm facing NTPC. The 2010 Electricity Policy makes it clear
that NTPC is to remain owned by GNWT and that reliable and affordable electricity supply is an essential
service. The new rate structure creates a new NTPC Thermal Zone with a reduced effective utility return
(1.5 times-interest-coverage) while maintaining the existing ROE and Capital Structure rate setting
methodology for the hydro zones. Even with these changes, as noted above, the GNWT is facing a
significant injection of funds to keep the proposed rate increases to reasonable levels.

In our discussions we heard how NTPC was once structured like an investor-owned utility and that the
substantial dividends provided by NTPC to the GNWT were used to fund the Territorial Power Subsidy
Program (TPSP). The TPSP subsidizes the initial consumption levels of residents living in what is now the
Thermal Zone. However, the link between the amount of the dividend paid and the cost of the TPSP has
now been broken as the TPSP now costs far more than the amount provided by the dividend. Further,
the 2010 Electricity Policy set new limits to the consumption that will be subsidized by government. As
a result of all of these changes it seems fair to say that the TPSP can now be viewed as a social and an
economic program of GNWT and not tied to the NTPC dividend.

All of the changes noted above create an opportunity to revisit the Capital Structure and ROE of NTPC.
For example, if the dividend is no longer tied to the TPSP, is it reasonable to ask if there is a need for
NTPC to have as large a ROE? The ROE drives up the revenue requirement - each percentage point drop
in ROE equals a reduction of approximately $0.8 million in the revenue requirement.

Should changes to the ROE structure be contemplated it will be important to recognize the current
structure of NTPC rate setting. If one reduces the ROE in the Capital Structure, the impact will be to
reduce costs and rates in the hydro zones which then leads to higher costs to government to subsidize
the Thermal Zones'initial block consumption down to the now lower “Yellowknife” rate.

In looking at the near term circumstances, we considered the level of equity needed by NTPC and the
ROE. In this context we also considered the regulatory costs and time to have the issue adjudicated

in an oral public hearing before the PUB. Generally, the issues of Capital Structure and ROE are hotly
contested and very expensive when canvassed at a revenue requirements hearing. There are the high
costs of experts and an inordinate amount of time consumed in public hearings, often followed by
lengthy delays before a tribunal renders a Decision. These issues are usually acrimonious, which reduces
opportunities for utilities to work harmoniously with their customers.



Establishing an Appropriate Rate of Return

A suggested in the discussion above, for a Crown utility like NTPC there may be less need to maximize
shareholder returns. Rather, there may be a greater desire to keep costs low for ratepayers. An early
version of NTPC's draft GRA requests a market ROE of 9% on an actual equity component of just over
40% of rate base. This follows what appears to be a fairly traditional approach. However, there are
alternatives. The Alberta regulator has recently awarded its benchmark investor-owned utilities an ROE
of 8.75% for 2012.

All parties we spoke to, including NTPC, seem to support setting the ROE below the maximum that
could be awarded by the PUB - although no specific level of discount was agreed upon. While
reducing NTPC's revenues, this action would likely simplify approval, reduce regulatory costs and
provide lower rates to ratepayers.

One option that was suggested was to set the ROE at perhaps 8-8.50%, which is below the level likely

to be awarded to a low risk investor-owned utility anywhere in Canada. If the ROE were to be set at

this level then there would be no reason to review this in a public hearing since the Utility would be
accepting a return less than the regulator would otherwise be obligated to award. With the current

low interest rates already existing, the proposed ROE would likely remain below market levels into the
future. An alternative could be to prescribe a discount below the annual ROE benchmark set by Alberta’s
regulator. The discount would need to be meaningful to avoid calls for expert evidence: perhaps a
discount of 0.5 to 1.0% would suffice.

The PUB has historically recognized the actual level of equity held by NTPC. Elsewhere it is not
uncommon for regulators to deem a level of equity if it is felt that the actual equity component is too
high. If the deemed equity for NTPC was set below the actual level of equity, it would mean that NTPC
would receive only the weighted average debt percentage return on the portion of equity deemed
to be funded by debt. However, in NTPC's case, as the current actual level of equity is close to the 40%
there may not be much to be gained by artificially adjusting the equity component.

Interest Coverage

Another area to consider is the mandated 1.5 times-interest-coverage margin that is currently
applied to debt servicing costs for assets in the NTPC Thermal Zone. The application of interest
coverage, rather than establishing a ROE, helps reduce rates in the thermal communities. The
overall result of the application of interest level coverage in the Thermal Zone will also be a lower
level of government subsidy.

The use of 1.5 times interest coverage makes some sense when one considers typical debt covenants
on borrowings. This being said, it is not clear that the interest level coverage is set at an optimal level,
recognizing the ROE and equity thickness in the NTPC hydro zones.

We believe that the 1.5 times interest coverage should be continued for NTPC's thermal zones. This
action reduces the overall revenue requirement when compared to a full commercial type ROE.

Recommendation

NTPC should consider
seeking approval for an
ROE at a level in the 8.0

t0 8.5% range on NTPC's
actual equity component
of just over 40%, to provide
a meaningful discount
against the benchmark
ROE awarded in Alberta.
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6.6 Fixed Asset Amortization (Depreciation Expense)

The depreciation expense on fixed assets is a significant driver in the 2013/14 forecast revenue
requirement. Since the last rate setting in 2007/2008, NTPC forecasts that the annual depreciation
expense will need to increase by $8.9 million to about $21.7 million. A significant portion of this
additional cost relates to increases in the amortization of the deferred costs for things like water
licenses and generation plant and equipment overhauls. This deferred cost portion makes up $3.2
million of the $8.9 million increase. Much of the remaining $6.7 million increase can be attributed to
new capital additions which result in an increase in the net rate base to which the individual asset’s
depreciation is applied.

NTPC's draft GRA also provides for the implementation of revised depreciation rates resulting from a
recent review of the Corporation’s assets by an experienced depreciation firm (the “depreciation study”).
No depreciation study was completed for the last GRA, so the most recently completed study is from
the year 2000. NTPC's auditors have indicated an updated study is needed. It is our understanding that
the net effect of the proposed new depreciation rates is about a $1.6 million increase in depreciation
expense compared to the currently approved rates.

The proposed increase in depreciation expense suggested by the depreciation study arises from

a combination of changes to estimates of the lives of assets and the treatment of the cost of asset
retirement (negative salvage). The largest increases relate to updated estimates of the life of diesel
generating assets ($1.7 million, with the remainder of asset classes yielding a net $0.1 million reduction
in costs).

Depreciation studies are highly technical and are subject to considerable judgment, so that the
approval process for changes to depreciation rates could be involved and lengthy. Changes in
depreciation rates are not normally allowed on an interim basis, and it is unlikely the new rates would
be approved in time for the upcoming 2012/13 fiscal year.

Negative Salvage

NTPC's depreciation consultants have advised the Corporation that its provision for “negative salvage”
is excessive when compared to actual costs for equipment retirement. The negative salvage balance

is about $40 million and today’s rates include about $2 million/year to build up this balance. The
depreciation study concludes the appropriate balance should be $21 million and that $1.5 million
should be set aside each year. To remedy this situation, NTPC proposes to stop collecting negative
salvage from ratepayers at this time (i.e, put $0/year in rates) until the balance is more appropriate. This
reduces overall depreciation expense by about $2 million per year compared to existing rates.

Notwithstanding NTPC's proposed approach to the matter, there are many options for dealing with the

issue of negative salvage and the reduction in the "over-collection” In some jurisdictions energy utilities

are not approved to collect negative salvage at all. The thinking in support of this perspective is that an

asset, like a diesel generator, that has reached its end of life, will be replaced by another generator at the
same site and the net cost of removal of the old generator becomes part of the capital cost of installing

the new generator. This has not been the practice in NWT.

The options available to the regulator in approving new depreciation rates range from a temporary halt
in collecting negative salvage (as proposed by NTPC) to a more aggressive approach based on drawing
down some or all of the current negative salvage balance (either the excess or the full amount).



Determining the Life of Assets

The second proposed change in depreciation expense results from an overall reduction in expected
asset lives. This change would increase NTPC's depreciation expense by about $3.8 million per year.

A major source of the increased depreciation expense is the proposed reduction in expected life of
diesel generation assets in 3 categories:

- Structures (plants) from 40 years to 30 years
« Engines from 25 to 20 years
- Diesel Generation Electrical Equipment from 28 to 21 years.

These changes are very significant and it can be expected that they will be challenged during the
regulatory process.

In our view, NTPC should reassess expected diesel life by size of unit and by unit status (i.e. primary
use versus back up use units). For example, it is hard to imagine that the average life of the large
diesels backing up Yellowknife would only be 20 years. Conversely, a very small primary generator in a
small community might have a shorter life. NTPC's 2011 Strategic Plan notes the need to complete a
condition assessment for its main assets to help prioritize overhauls, upgrades, and replacements.

NTPC would like to file its depreciation study with the PUB and move forward to regulatory review and
approval of updated depreciation rates for implementation in 2013/14. This seems prudent due to the
auditor’s direction to do so, but this should occur only after the condition assessment is completed.
Presumably this could be done as a separate application and reviewed in a written hearing process,
perhaps with an initial workshop for the Corporation to explain its study findings and final proposal.

Recommendation

NTPC should consider
advancing its condition
assessment for its main
assets, use the findings
to update its recent
depreciation study, and
seek PUB approval for its
updated depreciation
rates through a separate
written hearing process
for implementation

in 2013/14 or later.
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Recommendation

The GNWT and NTPC
should implement a
regular planning and

reporting structure
centered on a
Shareholder’s Letter

of Expectations, and a
subsequent NTPC report
back to the GNWT. As well,
the GNWT should revisit
the Strategic Direction
issued in 2002 and the
NTPC Act to ensure they
are consistent with regard
to the current corporate
structure of NTPC and
there is clarity with respect
to NTPC's mandate.
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7.0 Closing the Revenue Gap: Long-Term Cost Containment Strategies

[tis important to recognize that not all opportunities for cost containment and revenue enhancement
will be realized immediately. Nevertheless, there is considerable value in identifying those activities that
will be of highest priority, in the longer-term, in controlling costs and then establishing a plan for further
study and future decisions.

If we consider the period 2012 to 2014 as “transition years’, then action related to the subjects discussed
below can provide potential ways to reinforce a stable financial foundation for NTPC (and the GNWT) in
the post-GRA era.

7.1 Governance Structure: The Shareholder-Utility Relationship

The NTPC Act mandates its Board to “act in accordance with the directions and policy guidelines that
may from time to time be issued or established by the Executive Council” That Act also mandates NTPC
to prepare long-term generation and transmission plans, update these plans annually, and to undertake
programs to conserve energy.

As well, in 2002 the GNWT issued an “expectations document”to NTPC. The document included a listing
of priorities that must now be reconsidered in light of GNWT recent policy changes. The priorities listed
in the document included direction that NTPC:

- Aggressively pursue alternative generation technologies

- Aggressively pursue new domestic and export markets with a view to expanding the electrical sales
base

- Aggressively pursue partnerships and joint ventures with northern parties
« Maximize the value of NTPC through profitable expansion and diversification

With the subsequent creation of Northwest Territories Hydro Corporation and its business development
subsidiaries, NTPC's focus is now correctly on the provision of safe, reliable power at fair, regulated rates.
However by doing so it is technically straying from its statutory mandate.



7.2 Direction to NTPC - Regular Issuance of Shareholder’s Letter of Expectations

Long-term efficiencies are more likely to be achieved if there is well developed two-way reporting and
communication between GNWT and NTPC. Both the NTPC Review and the Electricity Review discussed
the need to improve this relationship. With new executive leadership in both organizations, changes
have already occurred and both are eager to take further positive steps.

NTPC is a corporate structure and the GNWT is its sole shareholder. Both GNWT and NTPC officials
expressed support for a“Shareholder’s Letter of Expectations” (SLE). Every year or two, a SLE would

be prepared by the GNWT and sent to NTPC. The SLE would describe GNWT's perspective on NTPC's
priorities and performance expectations for the period covered by the letter. The SLE would provide a
way for NTPC to be formally advised of changing government priorities and policies. For the SLE process
to be most effective it would be important that NTPC have input into the preparation of the SLE.

NTPC would be expected to submit reports to the GNWT, outlining its successes in achieving stated
priorities and describing the corporate results in relation to any performance measures in the SLE. The
establishment of a SLE, and an appropriate reporting mechanism, may reduce the temptation for the
GNWT to “micromanage”NTPC operations, reduce misunderstandings and miscommunications and
encourage cooperation.

Measurement of Corporate Performance

The SLE and NTPC's response should include performance measures and targets. NTPC already refers
to the need to develop and implement a set of KPIs in its 2071 NTPC Strategic Plan. As well, its annual
reports have, for some time, summarized trends in customer satisfaction, worker safety and reliability,
and may be a source for information leading to the creation of some of the desired KPIs.

NTPC's performance measures should involve target setting by all employees. They should summarize
the service, safety, and reliability of the system, and include industry standard measures to enable
comparisons with peer utilities. Selected performance measures should also be “SMART": specific,
measurable, actionable, repeatable, and targeted. The performance measures could be developed in
consultation with the GNWT, industry associations, interested parties and customers.

In addition to the traditional reliability and safety performance measures, we have seen instances
where customers want statistics on the average speed with which utility representatives answer
complaints or emergency calls and the results of customer satisfaction surveys. Finally, while there is
merit in benchmarking to similar utilities, customers often want to see that their utility is improving its
performance statistics year over year. In Performance Based Regulation a utility is generally not able to
share in financial incentives unless it meets its performance targets.

The performance measures will also prove helpful in communicating with and demonstrating to
customers and ratepayers that their utility is providing safe and reliable service at reasonable costs.

Recommendation

NTPC should expand its
use of standard industry
safety and reliability
indexes by setting
measurable targets,
reporting results at

the community, zone,
and system level, and
comparing its results with
those of similar utilities.

Recommendation

A comprehensive

listing of performance
measures should be
prepared by NTPC

that permit it to assess
corporate performance
in the context of
shareholder expectations,
customer interests and
corporate priorities.

Recommendation

NTPC should calculate
“GW.h Produced per
Employee”as a useful "Key
Performance Indicator”
(KPI) to reveal trends at a
glance in the future.
(Note: This is about 1.89
GW.h/employee with
169 staff in 2012/13,
and given recent staff
reductions, is trending in
a favourable direction).
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7.3 Long Term Approach to Regulation

While criticisms of the PUB costs and process exist, there appears to be continuing public support for
and trust of the PUB. This is an important finding since a regulatory tribunal relies on its independence
and public trust to remain effective.

An overall goal of governments, regulators and utilities is to keep GRA review timelines and costs
down, while respecting the meaningful role of the regulator. The 2006-08 NTPC GRA review, which
cost ratepayers around $2.5 million on an $80 million application, is not a preferred regulatory model
to pursue.

Addressing Intervener Costs

The Public Utilities Act gives the PUB the authority to require a utility applicant to pay interveners’ costs.
NTPC paid over $300,000 to fund interveners in the 2006-08 GRA process. As the Electricity Review noted,
interveners and information requests (over a thousand for the last GRA) are significant expenses and the
costs for these elements of the regulatory process are passed on to customers.

The Electricity Review recommended that cost awards should be limited to non-tax-based communities
and non-profit organizations. The 2010 Electricity Policy (Action 9) stated the PUB would be directed to
develop cost recovery guidelines that will outline eligible costs and standard reimbursement rates. Most
provincial utility regulators have prepared similar guidelines, which can serve as models to consider.

Addressing the Costs of the Regulatory Process

Upon the completion of the current GRA, the GNWT may wish to undertake a review of the current
legislation, the process, and the government’s role in that process, and consider additional ways to
ensure regulatory costs are low and proceedings are streamlined.

In discussion with the Board Chair, he is open to more efficient regulatory methods while maintaining
the integrity of the Board. He has also identified that NTPC is likely to face future pressures as costs of
the Bluefish dam enter the rate base and costs are incurred related to declining natural gas in Inuvik and
Norman Wells.

With fewer than 9,000 NTPC customers, the regulatory regime must be tailored to minimize regulatory
costs while maintaining effectiveness. There are many options that should be considered, including:

- Written hearings and other streamlined application protocols for less substantive applications;

- Establishing intervener budgets and perhaps having Board Counsel assist interveners on procedural
matters so that other lawyers are not required;

« Establishing defined time limits for the regulatory process;

- Setting targets for application “turnaround” times and reporting results;

« Establishing multi-year rate setting with some inflationary components; and

- Negotiated settlement processes, and multi-year performance based rate setting.

For example, if NTPC had an on-going mechanism to revise diesel fuel costs and clear out variances, a
stretch inflation (inflation less productivity) component for variable costs, a fixed ROE and automatic
adjustments to annual depreciation for the completion of previously approved capital projects, NTPC
could likely avoid hearings for many years. Most of these items need only be verified by the regulator
rather than open to debate.



Establishing a process to adjust rates due to inflation is comparable to the simplified rate adjustment
mechanism that was in place in New Brunswick for most of the last two decades. Utilities were
required to file a summary package with the PUB for their information within some deadline after the
rate change occurred (e.g., 90 days). If so desired by the Minister, the PUB may be asked to provide
comments on the package, which would become part of the consideration as to the need for any
further adjustments in subsequent years.

A more substantial change could be to adopt some aspects of the Saskatchewan model and change
the quasi-judicial approach of the PUB to one more along the lines of an advisory council. The

merits of such an approach should be studied in depth as to how it could be applied to the unique
circumstances in the NWT. This includes the structure of the industry in the NWT and the fact that there
are both public and private utilities, a complicating factor. Changes in regulatory oversight for investor
owned utilities are often (justifiably) viewed differently than for government owned utilities.

The recent amendment to the Public Utilities Act enables the Minister to request that the Board perform
undertakings on behalf of the Government. Therefore, at the Minister’s request, the PUB itself could
undertake a review and provide recommendations to Government on the opportunities to streamline
the GRA process.

The GNWT likely does not have the legislative authority to issue direction specific to a GRA. Section 12 of
the Public Utilities Act gives the Executive Council the authority to issue directives to the PUB respecting:

“(1) (@) policies to be applied by the Board in the determination of its orders, decisions and rules; and
(b) the general performance of the duties of the Board.

(2) The Board shall ensure that directives of the Executive Council are implemented promptly
and efficiently”

Many jurisdictions have this directive-making power in their utility regulator’s enabling legislation.
The extent to which such directives can legally intrude on the normal powers of the regulator is a
theme visited frequently by legal advisors. Notwithstanding the recent changes made to the PUB
legislation, the GNWT should explore making further changes that consider the options for change
discussed above.

Recommendation

The GNWT should
consider undertaking

a review of the Public
Utilities Act and the
current GRA process with
a view to streamline the
process and control costs.
This review could either
be done by Government
or through an undertaking
of the Board.
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7.4 Capital Structure and Dividend Policy

In the medium to long-term it appears that there may be the need for some substantial policy changes as
established in the 2010 Electricity Policy. Most notably, the new Thermal and Hydro Rate Zones have return
requirements that seem at odds with each other. Also, breaking the link between the NTPC dividends as a
funding source for the TPSP calls into question the need for substantial dividends to government. The two
issues are interlinked and should be considered together.

Consideration of recapitalization options may require consideration by the GNWT because of their potential
impact on NTPC and GNWT debt ratings - those provided by debt rating agencies. It is well beyond the
scope and timing of this review but we offer some comment since it would be to everyone’s benefit to
simplify the understanding of the Utility funding and rates.

Comparing the Diesel and Hydro Zone Rates of Return

There is currently a difference in the approach to setting a return for the Thermal and Hydro Zones. The
current approach does not make much sense except to reduce the overall costs in the Thermal Zone while
maintaining higher costs in the Hydro Zones (due to the use of a different approach to return on equity, or
setting required reserve levels).

The investor-owned type Capital Structure and ROE structure that existed for NTPC has been mandated for
some other Crown-owned energy utilities in Canada, and not for some others. Two examples of alternate
approaches can help illustrate the matter.

In the early 1990s the Government of B.C. mandated that the rates of BC Hydro (a Crown Corporation) be
set on a notional Capital Structure and that the pre-tax ROE be equal to the return of the most comparable
investor-owned energy utility. Prior to that time BC Hydro had been funded almost entirely by government
debt and rates were set at cost. BC Hydro had one of the lowest rate structures in Canada and the
government saw an opportunity to receive large dividends from BC Hydro by changing its approach. Even
now that BC Hydro rates are rising rapidly due to large capital investments and purchased supply contracts,
the B.C. government is reluctant to decrease its dividends.

In contrast to B.C, the Province of Manitoba has not created an investor-owned type Capital Structure and
ROE for Manitoba Hydro. That Crown utility has traditionally operated on a cost recovery basis with very low
reserves or ‘equity”levels and no dividend paid to the owner (with one exception, in 2003). Starting in the
early 1990s, with a ratio of 95% debt and 5% equity or reserves, Manitoba Hydro began to build up equity in
order to improve its ability to withstand adverse events such as droughts. Manitoba Hydro generates nearly
all of its electricity from hydraulic sources, and exports substantial proportions of this energy (up to 40% of
revenues come from export customers). The result is that Manitoba continues to have some of the lowest
electricity rates in North America.

One might also wish to consider the effective tax incidence when considering charging an ROE to customers
that then becomes a dividend revenue source to government. Typically the income tax system is more
progressive than collecting government revenue via the electricity rates.

There are a host of options the GNWT could consider, including maintaining the existing separation
between the capital recovery in the Thermal versus Hydro Zones. One radical idea might be to move the
NTPC to a debt basis with an interest coverage target and direct that some or all the interest coverage be
recovered from the Hydro Zones. This would lower NTPC rates in the thermal communities to a cost only
basis and maintain rates in the hydro communities for interest coverage on debt purposes. A reduction in
the differential between the zones could reduce the cost of the TPSP subsidy program.



7.5 Cost of Borrowing

NTPC will need to borrow funds over the next few years to finance its significant capital programs. Crown-
owned electricity utilities in western Canada generally borrow money through their provincial government
shareholder in an effort to minimize interest payments on utility debt. NTPC's borrowing costs may be
reduced if it borrowed through the GNWT's Department of Finance, assuming the GNWT can borrow in
capital markets at lower costs than NTPC could achieve on its own. NTPC may also realize some O&M savings
by simply utilizing GNWT resources to obtain its financing requirements. As an example, from 2003 to 2010
GNWT's Department of Finance loaned funds to NTPC at short-term floating rates with an interest saving
estimated by Finance at $1.2 million over the commercial cost of funds.

As well, centralizing borrowing activities for both NTPC and other government entities may lower the overall
cost of GNWT debt by increasing the amount of GNWT debt in the market.

However, the GNWT has its own cash and borrowing constraints, and as NTPC's borrowings are included in
the GNWT's debt cap, it is important to ensure NTPC's future debt requirements are well understood. Any
further savings from this area may be small as NTPC's debt is already guaranteed by the GNWT.

7.6 Revenue Growth Opportunities

NTPC receives about $1.2 million per year in non-power revenues, including connection fees, contract work,
pole rentals, and heat sales.

NTPC's diesel and natural gas power plants are heated using residual heat, and partnerships have been
developed in three NWT communities to heat adjacent buildings. For example, the Fort Liard heat recovery
system, funded by GNWT with a contribution from NTPC, connects several buildings to that community’s
diesel plant.

Residual heat projects often have high up-front costs and extended payback periods, but will become more
feasible as oil prices rise. NTPC's ratepayers should share in the revenues from these projects, based on the
value of the heat and the way the project was funded. NTPC and GNWT might be able to sell greenhouse
gas emission reduction (carbon) credits as a way to improve residual heat recovery project economics: at an
emission factor of 0.00276 tonnes of CO2e per litre, the 63,000 litres per year saved at Fort Liard has a value of
$4,400 per year at $25 per tonne.

As discussed earlier in this report, NTPC is currently selling interruptible power from the Taltson generation
plant to government customers in the Town of Fort Smith. NTPC should ensure these interruptible revenues
continue to be included in its revenue forecasts: any such sales in the hydro zones will make a small but
positive contribution, given that short-term firm load growth is expected to be minimal.

In the Snare Zone, there is a small surplus capacity of hydro-generated power during the summer months.
This is interruptible power, but could be sold through NUL to larger facilities in Yellowknife that wish to install
duel fuel heating systems. (As with residual heat, selling carbon credits might help offset costs). Should this
occur, NTPC may increase its sales of wholesale power. There are also more lucrative revenue possibilities
from the proposed Yellowknife Community Energy System and Giant Mine remediation project.

In the NTPC Taltson Zone there is five to eight megawatts of surplus hydro generation capacity and it is

our view that greater efforts should be made to sell this surplus electricity, either through electric heating,

or through marketing efforts aimed at potential resource development in the area. Higher sales improve
economies of scale, allowing NTPC to spread its overhead across more units of electricity sold, and ultimately
reducing the cost of electricity for everyone.

Recommendation

GNWT and NTPC should
examine the potential
savings, advantages,
and disadvantages of
having GNWT issue
debt on NTPC's behalf.

Recommendation

NTPC and the GNWT
should explore ways

to increase sales where
there is a surplus in hydro
generation capacity.
Electric heating or
industrial customers
appear to be the
greatest opportunity.
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7.7 Demand Side Management

Demand Side Management (DSM) encompasses GNWT's and NTPC's initiatives to reduce electricity
consumption on the customer’s side of the meter. DSM electricity savings are the difference between the
actual amount of electricity consumed and the amount that would have been consumed in the absence
of DSM programs. For utilities with growing loads, DSM resources are logical alternatives to supply-side
additions as the cost per kW.h saved is usually lower than the cost of constructing new generation. In
addition, most DSM programs have employment and environmental benefits.

Even though NTPC has a strong public mandate through its legislation to undertake programs to conserve
energy, given its flat load growth and modest summer hydro surplus, it is arguably not in NTPC's interest to
have its revenues reduced due to DSM investments. Rather, opportunities lie with the GNWT to use DSM
programs to reduce the amounts budgeted for electricity subsidies. For example, about $5.2 million is spent
annually to reduce NWT Housing Corporation tenants’electricity rates down to six cents/kW.h. Since 2008,
NWT Housing has undertaken energy retrofits in about 175 units. The pace of energy retrofits could be
expanded and seasonal jobs created, perhaps funded by a redesign of the electricity benefit portion of the
Housing Support program. Electricity bills for tenants of retrofitted housing could remain unchanged, with
reduced consumption offsetting a reduced subsidy.

A"back to the basics”theme underpins much of NTPC's recent strategic planning and messaging

to its shareholder and customers. DSM programs should be evaluated in an effort to balance the

costs and benefits among the competing interests of ratepayers, taxpayers, the utilities, and the

GNWT. As a general principle, if NTPC is to invest in DSM programs, funding should come from governments,
not ratepayers.

NTPC should also continue to pursue initiatives to reduce corporate energy use, examples being gas

and diesel generator efficiencies, vehicle fleet fuel consumption, and line losses in its transmission and
distribution grids. The 2011 Strategic Plan references NTPC's need to lead by example in a northern
conservation culture, noting initiatives to reduce its environmental footprint and proposing a Five Year
Environmental Plan. It will be useful to develop performance measures and targets to help fully engage
NTPC staff in reducing “in house” energy consumption. As discussed above, the nature and degree of NTPC's
responsibilities to promote electricity efficiency and conservation should be clarified.

7.8 Other Minor Cost Saving Opportunities

In 2010/11, NTPC contributed $152,000 to 68 organizations and events around the NWT as an investment
in building NTPC's positive reputation in communities. It is important to note that these amounts are not
built into the revenue requirements of the Corporation. While this amount is fairly insignificant to the overall
revenue requirement (16/100 of one percent) it is proportionately higher than some larger utilities (e.g. BC
Hydro's is 4/100 of one percent). This higher proportion may well be justified; nevertheless NTPC should
ensure these expenditures are aligned with core operational requirements. NTPC expects to complete an
assessment of its Donations and Sponsorship Policy in mid 2012.

As noted in Section 6.2, NTPC's budget for non-production fuel (fuel for vehicles and space heating) is
about $1 million per year, up about 5% per year since 2007/08. NTPC expects fuel consumption to stay
relatively constant; the increase shown in the cost components of the Corporation is due to the rise in the
price per litre.



NTPC may wish to consider joining a fleet management program. “Fleetsmart”is a component of Natural
Resources Canada’s ecoENERGY for Fleets program, offering free advice. The “E-3 Fleet” (Energy Environment
Excellence) is another Canada-wide program that helps 120 public and private organizations operating
50,000 vehicles. It offers fleet reviews, fleet ratings, and ways to help increase fuel efficiency and reduce
emissions through driver training, idling reduction, vehicle “right-sizing’, maintenance, and trip planning.
Fees are scaled by fleet size and designed to be affordable. Cost savings average around 10% per fleet, which
could translate into order of magnitude savings of $50,000 per year assuming vehicles account for half of the
$1 million non-production fuel budget.

7.9 Liquefied Natural Gas Potential

Liquefied natural gas (LNG) may offer material reductions in long-term electricity rate increases in the larger
centres of Inuvik and Norman Wells (which are natural gas ready) and perhaps for smaller Thermal Zone
communities that could be converted to natural gas as diesel generators need to be replaced or retrofitted.
LNG is natural gas, cooled to minus 160 degrees Celsius to keep it in liquid form. LNG has been safely used
and transported around the world for fifty years. It is a relatively stable fuel: if LNG spills, it will warm, rise, and
dissipate into the air. Across North America there is renewed interest in LNG as the price differential between
natural gas and fuel oil has increased so markedly. For example, at current market prices, LNG fuel costs 40%
less than marine diesel fuel. Work is underway in the north to examine LNG as a potential option in Yukon.

Yukon Energy Corporation is examining LNG as a transition fuel away from diesel, and has released a
background paper “LNG Transition Option” (www.yukonenergy.ca/energy/public_engagement/Ing/) for an
LNG workshop in Whitehorse in January 2012. This report concludes:

« LNG liquefaction facilities in Kitimat or Fort Nelson can supply cost competitive LNG by truck to Yukon.

A potential LNG liquefaction facility at Spectra Energy’s Fort Nelson gas processing plant would cost
around $26 million, but take advantage of cheaper gas supplies; trucking distances are also lower than
Kitimat-sourced LNG.

« Subject to securing LNG supplies, natural gas power plants can be relatively easily integrated into the
Yukon grid as conversions or replacements for existing diesel plants.

- At either $9/mmbtu for LNG at Kitimat or $6/mmbtu at Fort Nelson, and diesel at $0.89/litre ($26/
mmbtu), LNG is more cost effective than diesel for the various Yukon power generation options and
locations that were examined.

- Estimated power generation costs from LNG single or combined cycle generators ranged from 14.2 to
17.9 cents/kW.h (8% cost of capital, capital costs assume a 20 year economic life).

Given the current cost of diesel electricity the potential to introduce LNG solutions at the scale needed for
NWT Thermal Communities with either barge or road access merits further study. The cost of permitting and
developing the supply chain for sourcing, transporting, storing, re-gasifying and distributing natural gas is
unknown, but much can be learned from other jurisdictions.

The Province of BC has released “Liquefied Natural Gas: A Strategy for BC's Newest Industry”
(www.gov.bc.ca/ener/natural_gas_strategy.html). The province has committed to having three new LNG
facilities in operation by 2020 as part of its goals for clean energy and climate change. Provided the supply
chain infrastructure can be put in place, LNG could become the fuel of choice, displacing diesel in stationary
power and perhaps transportation uses across the North. As well, Fortis BC Energy Inc. is mid-way through

a BCUC-approved pilot program to provide LNG for truck fleets, which could present a viable option for
Inuvik, via the Dempster Highway. Barging solutions for communities along the Mackenzie River may also be
possible. To help advance the LNG option, GNWT and NTPC should consider pursuing more detailed
feasibility analyses in conjunction with governments, gas industry, and utility interests in BC, Yukon,
and Nunavut.
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8.0 Conclusion

This report on NTPC's revenue requirements and cost pressures affirms and augments the relevant
findings of earlier utility, policy, and governance reviews. All share the common goal of putting NTPC on
a solid financial footing going forward, so it can generate and deliver electricity efficiently, reliably, and
at reasonable rates.

All electricity utilities are facing cost pressures, and as detailed in our report, many are experiencing
revenue requirement and rate increase percentages outpacing those of NTPC.

For NTPC, there are no “silver bullets” We have identified areas in both the short and long term where
savings can be realized. In the short-term:

+ Reducing the return on equity requested by NTPC and taking other measures to streamline the GRA
process will result in savings of several hundred thousand dollars;

- There are likely potential savings from a review of PPD’s administration charges to NTPC; and
« There are savings in deferring implementation of the new depreciation rates for at least 2012-13.

In the long-term, we have identified a number of steps to be taken to ensure NTPC does not “fall
behind”again, including:

- Areview of the regulatory system to ensure a simplified, predictable regulatory and rate setting
regime that secures modest annual inflationary increases and routinely manages deferral accounts;

- The possible transfer of NTPC's borrowing function to GNWT's Department of Finance;

« The development of new sources of revenue from the sale of interruptible hydro and sales to
potential industrial developments; and

« A number of recommendations aimed at performance measurement, results reporting, and
enhanced communication between the Utility and the GNWT as the shareholder.

While not specifically addressed in this review, continued collaboration among NTPC, GNWT, educators,
and unions will be needed to recruit talented staff. Electricity sector retirement rates are among the
highest of any Canadian industry: 45,000 new and replacement staff will need to be hired in the next
five years. NTPC can attract new workers with favourable career and training opportunities, competitive
salaries and benefits, and job security.
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Safety and Reliability Indices for Utilities

The January 2010 Report of the NTPC Review Panel concluded that NTPC's safety policies and
procedures rate highly. One measure of safety is the industry standard of accident severity, measured
using worker days lost due to accidents. The five year rolling average (2007-2011) of days lost by NTPC
employees per 200,000 hours worked is 14.1, very close to the Canadian Electricity Association (CEA) five
year rolling average (2007-2010) of 15.5 days lost per 200,000 hours worked. NTPC's 2011 Strategic Plan
notes that NTPC already has a strong safety program and now needs to improve the safety “culture” by
considering safety as a life value, not as a set of rules to be followed.

Reliability indexes are important in helping to identify aging assets or deficient maintenance: as with
all utilities, NTPC needs to invest in its assets so they can continue to provide reliable service. NTPC's
outage statistics usually meet or are better than industry averages for two of the three standard
reliability indexes:

- Customer Average Interruption Duration Index (CAIDI) is the average interruption in hours per
interrupted customer. NTPC fares well, with an average outage duration of 0.44 hours (i.e. 26
minutes) in 2008/09, compared to a CEA average of 2.42 hours.

- System Average Interruption Duration Index (SAIDI) indicates the percent of time in a year the lights
are on or out. For the average NTPC customer, power was available 99.93% of the time in 2010/11.
Put another way, in 2008/09 the power was out an average of 2.43 hours, comparing favourably with
the CEA average of 5.21 hours per year in the last three years, and 7.0 hours for the CEA's “Region 2"
utilities in 2010. Region 2 utilities tend to have less favourable SAIDI scores as they have both urban
and rural service areas.

- System Average Interruption Frequency Index (SAIFI) measures the number of interruptions per
customer per year. In 2008/09, the power went out on 5.6 occasions for the average NTPC customer,
compared to the CEA average of 2.2 times and the CEA Region 2 average of 2.5 times.

NTPC's SAIFI index is higher because the system lacks the redundancy of an integrated grid. More
importantly though, when a community loses its primary generation source, NTPC has the back-up
capability in place to minimize risks to life, health, and public safety.

As noted in the NTPC Strategic Plan, being able to compare NTPC's performance to peer utilities will
help meet customer expectations over reliability and cost, and benchmarking will help in discussions
with the PUB and GNWT.



Table A2.0 NTPC Rate Application and Rate Change Chronology since the 2006/08 GRA

Fiscal

Year

APR'06 Start of first 2006/08 GRA test year. Application not yet filled
, NTPC files 2006/08 Phase | GRA, as well as application to
NOV 06 ) S ) )
implement interim GRA rates, and increase fuel riders
, PUB Decision on Interim Refundable GRA rates and Fuel
2006/07 1 JAN'07 Rider changes; New Fuel Riders implemented
FEB'07 2006/07 Interim Refundable GRA Riders implemented
MAR'07 Releas.e Energy Plan; |n.d|cate |nt'er1t|on
to review rates, regulation, subsidies
MAY 07 2006/08 GRA hearing - 3 days
AUG'07 PUB First decision on Phase | GRA matters
2007/08
DEC'07 PUB First decision on Phase | refiling matters
JAN'08 Final GRA Phase | rates and riders implemented
MAY 08 Initiate review of rates, regulation, subsidies
AUG'08 NTPC files 2006/08 GRA Phase Il Application
NOV ‘08 Final GRA Phase Il rates and riders implemented plus increases to fuel riders
2008/09 ; . o
, Appoint commission and initiate independant
DEC'08 - ) o
review of rates, regulation and subsidies
FEB'09 Fuel rider application filed - proposed no change - largely on track for March 2010 target
JUN'09 Appoint independent team and initiate
review of NTPC operational efficiency
, Fuel rider application filed - proposed no change despite Independent team completed review
AUG'09 ) ) e
no longer being on track for March 2010 target rates, regulation and subsidies
2009/10 :
JAN'TO Independent team completes review
of NTPC operational efficiency
FEB10 2010/11 Business Plan Prepared - targets 0-0-0; no GRA for 2010/11 or 2011/12
APR"10 Fuel rider update filed - not on track for March 2011 - no changes proposed
MAY 10 GNWT releases response to independent review
JUL"10 PUB received rate policy guidelines; initiates rate rebalancing process GNWT issues rate policy guidelines to PUB
AUG'10 NTPC files application for rate rebalancing
NOV'10 PUB releases decision on rate rebalancing and recommendations
2010/ to GNWT regarding revisions to rate policy
DEC'10 New “rebalanced”rates in effect; ultimately declared final in March 2011
JAN'11 NTPC files rate stabilization fund update - notes no need for riders due to GNWT payment
, GNWT issues revised rate policy
FEB'11 . )
reflecting PUB recommendations
, Issue final payment of $6 million
APRI'T1 - e
2011/12 contribution stabilization fund balances
SEP'M Fuel rider update - balance below trigger until January - no rider propsed
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Comparisons of Rates and Costs in Selected Jurisdictions

The sections below describe the current situation in other selected jurisdictions and identify a variety of
approaches used by governments and utilities to manage costs and rates.

Yukon

Similar to the NWT, two utilities generate and distribute electricity in Yukon. Yukon Energy Corporation
(YEC), owned by the Yukon Government, generates and transmits most of the Territory’s electricity. The
Yukon Electrical Company Ltd. (YECL), a private utility owned by ATCO Electric Ltd., distributes electricity
to most Yukon customers.

Table A3.1 Installed Capacity (MW): Yukon and Northwest Territories

Yukon NWT
Hydro 76.7 550
Natural Gas 0 222
Diesel 534 743
Wind 0.8 0
Total 1309 151.5

There are about 17,500 electricity customers in Yukon. YEC directly serves about 1800 of them, mostly
in the Dawson City-Mayo area. YECL buys wholesale power from YEC and sells it to retail customers

in most other communities, including Whitehorse. YECL generates and distributes its own diesel-
generated electricity in five communities away from the Whitehorse-Aishihik-Faro (WAF) transmission
grid, a situation similar to the four NWT communities in the NUL (NWT) Thermal Zone.

Many of Yukon’s diesel facilities are stand-by or backup plants to the hydro stations that power the WAF
and Mayo-Dawson systems. So, while hydro accounts for less than 60% of Yukon's installed capacity,
over 93% of its electric energy is generated by hydro. Yukon has reduced its diesel fuel dependence: in
the mid 1990s the hydro/diesel energy split was about 60/40. Diesel's contribution is further reduced
with the completion of YEC's Mayo-Carmacks-Stewart Crossing Transmission Project, and “Mayo B" hydro
expansion project. These two projects are 50% funded by the Federal Government (up to $71 million) as
a"Green Energy Legacy Project” The integration of the two hydro grids will allow Yukon to maximize its
hydro usage.

Operations of both utilities are regulated by the Yukon Utilities Board (YUB). Each utility filed a GRA
in 2008 for forecast revenue requirements for 2008 and 2009. The main components of the 2009
consolidated revenue requirements, totaling $52.3 million, are:

- Fuel $5.8 million.

- Operations and Maintenance $22.2 million.
- Depreciation $9.9 million.

- Income tax $0.2 million.

+ Return on rate base-debt $7.4 million.

« Return on rate base-equity $6.8 million.



Yukon is divided into four rate zones: Hydro, Small Diesel; Large Diesel, and Old Crow. Each has its own
set of rates for customer classes, although there are very few rate differences across these zones. 2011
rates for the “Non Government Residential” customer class, comprising 98% of the 14,380 residential
customers, are set in three inclining blocks. The following rates include all riders, rebates, and GST:

Table A3.2 Yukon Electricity Rates

Hydro; Small Diesel;

Large Diesel (LT
Basic Charge/month $15.27 $15.27
First 1000 kW.h/month $0.1023/kW.h $0.1023/kW.h
1000-2500 kW.h/month $0.1373/kW.h $0.1373/kW.h
Over 2500 kW.h/month $0.1495/kW.h $0.3244/kW.h

Rates for the 800 customers in the federal and territorial government residential and government
general service classes are significantly higher.

The consolidated cost of incremental diesel generation is about 28 cents/kW.h, and is spread across all
zones so Hydro Zone customers subsidize those in diesel communities. However the cost of fuel makes
up only 11% of the utilities'revenue requirements, so the impact on rates is considerably less than in the
NWT, where fuel costs comprise about a quarter of NTPC's revenue requirements. A Fuel Adjustment
Rider —currently a surcharge of 0.352 cents/kW.h on all consumption—is meant to cover changes in the
cost of fuel. Given the large swings in the account’s balance, the YUB has directed the utilities to provide
a written policy on how the rider can be better managed and understood by customers.

Rate design is emerging as an issue in Yukon. Under Orders in Council (OIC) since the mid 1990s, the
portion of revenue requirements paid by various customer classes was set by government, not the
YUB. For example, non-government residential customers pay only about 79% of their true costs;
government customers pay 144%. In a December 2010 Decision, the YUB directed the two utilities to
file a joint Cost of Service Study and rate design proposals to correct these imbalances after the current
OIC expires at the end of 2012. If acceptable to both the regulator and government, residential rates
could rise to over $0.15/kW.h, and higher if a government rebate of $0.0266/kW.h on the first 1,000 kW.h
per month is discontinued.

Alaska

Diesel fuel powers 16% of Alaska’s electricity generation, slightly higher than NTPC's 12%.
Hydroelectricity supplies 17%, natural gas 61%, and coal 6%. As in the NWT, generation varies by region,
with rural communities in western and interior Alaska relying mostly on diesel fuel. Wood generates
both heat and electricity in community-level thermal facilities in about ten communities, mostly in the
southeast Alaska panhandle.

There are about 100 separate electricity utilities servicing Alaska, a mixture of investor-owned utilities,
municipal utilities, and rural cooperatives. Ownership and size dictate regulatory status with the
Regulatory Commission of Alaska (RCA): in general, rates are regulated for co-ops and investor-owned
utilities if revenues exceed $50,000 per year.
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Communities in southeast Alaska that rely primarily on hydroelectricity from almost fully depreciated
assets have rates as low as $0.10/kW.h. Residents of Anchorage and other communities with gas fired
generation pay around $0.15/kW.h. Alaskans relying on diesel fuel have the most expensive electricity,
mostly between $0.50 and $1.00/kW.h. The State’s Power Cost Equalization Program (PCE) subsidizes
bills in most diesel communities.

The average rate paid by Alaska residential customers in 2009 was $0.162/kW.h (before PCE subsidies),
up from $0.112/kW.h in 1999. This 45% increase over the decade is double the Canadian CPl increase of
23% over the same period.

Alaska's PCE Program was established in 1984 to subsidize rural residents at the same time state funds
were being used to subsidize major generation and transmission projects servicing urban communities.
In 2010, 183 communities served by 84 utilities benefited from the PCE Program; about 78,000 people
live in these communities. Payments totaled $30.6 million, a per capita subsidy of $392. Without PCE,
electricity bills would be 2.5 to three times higher. PCE Program rules are complex. The RCA determines
utility eligibility and calculates the amount of PCE per kW.h payable to the Utility, which reduces each
eligible customer’s bill by that amount for up to 500 kW.h per month. A formula is used to determine
the PCE rate, to a maximum of $0.82/kW.h. Utilities must meet diesel generation efficiency and line loss
standards.

British Columbia

After being frozen by the Provincial Government through the late 1990s, BC Hydro's residential rates
have increased from 6.46 cents/kW.h in 2001 to 8.50 cents/kW.h in 201 1. This 31.6% increase outpaced
the rise of 22.3% in the CPI for the same period.

In March 2011 BC Hydro applied to the BC Utilities Commission (BCUC) for rate increases of 9.73% for
each of the next three years, a cumulative total of 32%. Concerns were expressed about the impact the
rate increases would have on customers. The B.C. government ordered a review of BC Hydro, seeking
recommendations and options for reducing the increases.

The review panel of three Deputy Ministers was supported by a consulting team of twenty, working on
site at BC Hydro for several weeks. The 124 page June 2011 report, “Review of BC Hydro" made several
recommendations about governance, operating costs, procurement, and electricity policy. It was
particularly critical of BC Hydro's operating costs, which make up 22% of BC Hydro's $3.6 billion annual
revenue requirement and have been increasing by over 10% per year. Staffing levels rose from 3796 to
5615 employees over the four years ending in 2010.

As recommended by the review panel, BC Hydro filed an amended Application with the BCUC for rate
increases of 8%, 3.9%, and 3.9% per year, or 17% over three years. Cost reductions totaling $818 million
were comprised of:

- Operating cost decreases, $163 million.

- Deferred capital projects, $54 million.

- Lower than forecast capital projects in service for 2010/11, $61 million.

- Higher export income, $175 million.

- Extended Demand Side Management (DSM) amortization and reduced DSM spending, $127 million.
- Lower than forecast interest rates, $161 million.

- Regulatory account refunds, $27 million.

- Reduced taxes, increased miscellaneous revenues, $50 million.



BC Hydro has eliminated 550 positions and plans to eliminate another 150 over the next three years.

The BCUC has approved interim increases of 8% for 2011/12 and 3.9% for 2012/13. It has also ordered
that the deferral accounts rate rider rise from 2.5% to 5.0% for 2012/13. With compounding, this
represents an increase in 2012/13 rates of 7.1%. The BCUC concluded that BC Hydro's deferral account
balances are continuing to grow, and that doubling the rider is consistent with BC Hydro's approved
mechanism to reduce account balances.

Separate from the BC Hydro Review, in October 2011 the Auditor General of British Columbia released a
report, “BC Hydro: The Effects of Rate-Regulated Accounting”that criticized BC Hydro's use of regulatory
or deferral accounts. It recommended that the Provincial Government determine how BC Hydro will
recover the net deferred costs totaling $2.16 billion in 27 regulatory accounts, either through rate
increases, operating efficiencies, or cash infusions.

The BC Auditor General's report also recommended that BC Hydro's financial statements be prepared
fully in accordance with Canadian Generally Accepted Accounting Principles (GAAP). Rate regulated
deferral accounting is not permissible under International Financial Reporting standards (IFRS), and
Canada will be adopting IFRS as a Canadian GAAP for business enterprises. Starting in 2012/13, the full
costs of operating expenses are to be shown in the year they are incurred, rather than being deferred
to future years. The B.C. government has rejected this recommendation, stating that retaining rate
regulated accounting is a policy decision made to maintain rate stability, and one that is also being
made in other jurisdictions. Regulatory deferral accounts will continue to be used by Manitoba Hydro,
Ontario Power Generation, Hydro One, Hydro Quebec, Nova Scotia Power, New Brunswick Power,
Newfoundland Power, Fortis BC, Fortis Alberta, Enbridge Gas, and TransCanada.

BC Hydro operates off-grid diesel generation systems in 17 communities, mostly in northern BC.
Revenues cover about one-quarter of costs. Rates for the first 1500 kW.h per month are the same as the
integrated system (7.84 cents/kW.h for energy) but rise to 13.47 cents thereafter, to discourage electric
space heating.

BC Hydro is expanding service to additional communities through its Remote Community Electrification
Program. Its goals are to offer BC Hydro electricity to up to forty more communities, and to build
sustainable relations with First Nations. Twenty-one First Nations communities receive electricity from
diesel generators operated by Aboriginal and Northern Development Canada, which has agreed

in principle to transfer funding to BC Hydro where BC Hydro takes over operations and billing. A
complementary provincial initiative, the Remote Community Implementation Program, helps subsidize
supply and demand side clean energy projects for off grid communities.

NWT electricity interests should keep apprised of BC Hydro activities in the Fort Nelson area. Natural gas
producers are planning to install new natural gas gathering and processing capacity in the Horn River
region, about 90 km northeast of Fort Nelson and 120 km south of Trout Lake. Industry is increasingly
interested in grid-supplied electricity instead of self supply, particularly as expectations rise for
mandated or voluntary greenhouse gas emission reductions. BC Hydro is considering a double circuit
287kV line from the south Peace to meet the combined needs of Fort Nelson and Horn River regions.

Manitoba

Manitoba Hydro is a Crown utility serving all electricity customers in Manitoba. Rates have traditionally
been low and stable. However, since 2004/05, rates began to steadily increase, rising by approximately
20% by the end of 2010/11, or over 3% per year on average. Going forward, Manitoba Hydro's long term
business plan is based on rate increases typically at the 3.5% per year level for the next ten years. Major
new generation and transmission is planned over the next decade. Consistent with current practice,
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Manitoba Hydro is expected to continue to operate on a cost recovery basis, with no dividends being
paid to the shareholder over this period.

The recent period of increases in rates has corresponded with major increases in the costs to operate
Manitoba Hydro. In the five years from 2007 to 2012, Manitoba Hydro’s O&M costs increased by more
than 30%. Staff levels have increased by more than 10%, from approximately 6000 staff to almost 6700.

Manitoba Hydro serves four small diesel communities, where costs to serve residential customers
average about 15% higher than NTPC's costs to operate in its Thermal Zone. Despite these costs,
the rates paid by non-government customers in these communities are the same as those paid by
Manitoba Hydro's integrated grid customers.

Newfoundland and Labrador

Crown-owned Newfoundland and Labrador Hydro (NLH) provides power at a wholesale level to the
investor-owned distribution utility, Newfoundland Power, and a number of industrial customers, plus
provides retail electricity directly to over 36,000 rural customers in Newfoundland and Labrador.

Of the directly served customers, approximately 3500, representing 48 GW.h of generation, are in
isolated diesel communities either on the island (900 customers) or in Labrador (2600 customers).
Average costs to serve these areas in 2006 was over 70 cents/kW.h (approximately 63 cents/kW.h in
Labrador, and $1.07/kW.h on the island). However customers in these isolated areas only pay 17-29% of
these costs, with the remainder allocated to non-industrial customers on the interconnected system.

Similar to Manitoba Hydro, NLH was previously (pre-2001) regulated on the basis of a very low

equity ratio, and with no formal Return on Equity. This was changed by legislation to require NLH

to target a commercial type return in all areas other than the rural and isolated service areas (which
have traditionally earned no ROE). At that time NLH had very low levels of reserves that it had begun
classifying as equity (below 20%). The Provincial Government suspended dividend payments starting

in 2006/07 to aid in bringing the equity levels up to a target range (at that time equity levels were at
approximately 14% of total capital, and the company was targeting equity at 20% of total capital). The
Government also contributed $100 million as a new equity contribution to NLH. This was the first time
such an equity injection had occurred, although Government had played a role in the past by paying off
balances in the Rate Stabilization Plan to minimize impacts on customers. At present, NLH has exceeded
their new target equity ratio of 25% of total capital, and has resumed paying dividends when this does
not drop the equity levels below the target.
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Useful Websites

University of Alaska Institute of Social and Economic Research: www.iser.uaa.alaska.edu
Alaska Energy Authority: www.akaenergyauthority.org

Auditor General of BC: www.bcauditor.com

BC Hydro and Power Authority: www.bchydro.com

BC Ferry Commission: www.bcferrycommission.com

BC Utilities Commission: www.bcuc.com

Electricity Sector Council: www.brightfutures.ca

Energy Planning, Dept. of Industry, Tourism and Investment, Government of the Northwest Territories:
www.iti.gov.nt.ca/energy

Northland Utilities Ltd.: www.northlandutilities.com

Northwest Territories Power Corp.: www.ntpc.com

Northwest Territories Public Utilities Board: www.nwipublicutilitiesboard.ca
Yukon Electrical Co. Ltd.: www.yukonelectrical.com

Yukon Energy Corp.: www.yukonenergy.ca

Yukon Housing Corp.: www.housing.yk.ca

Yukon Utilities Board: www.yukonutilitiesboard.yk.ca
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Abbreviations

BCUC: British Columbia Utilities Commission
CAIDI: Customer Average Interruption Duration Index
CEA: Canadian Electricity Association

CO2e: Carbon Dioxide equivalent

CPI: Consumer Price Index

DSM: Demand Side Management

GAAP: Generally Accepted Accounting Principles
GRA: General Rate Application

GNWT: Government of the Northwest Territories
IFRS: International Financial Reporting Standards
[TI: NWT Department of Industry, Tourism and Investment
KPI: Key Performance Indicator

kW.h: Kilowatt hour

LNG: Liquefied Natural Gas

mcf: thousand cubic feet

MW: Megawatt

MW.h: Megawatt hour

NLH: Newfoundland and Labrador Hydro

NTPC: Northwest Territories Power Corporation
NUL: Northland Utilities Ltd.

NYMEX: New York Mercantile Exchange

PCE: Power Cost Equalization Program (Alaska)
PPD: Petroleum Products Division

PUB: Northwest Territories Public Utilities Board
QEC: Quillig Energy Corporation

RCA: Regulatory Commission of Alaska

ROE: Return on Equity

SAIDI: System Average Interruption Duration Index
SAIFI: System Average Interruption Frequency Index
SLE: Shareholder’s Letter of Expectation

TPSP: Territorial Power Subsidy Program

WAF: Whitehorse-Aisihik-Faro

YEC: Yukon Energy Corporation

YECL: Yukon Electrical Company Ltd.

YUB: Yukon Utilities Board
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1. BACKGROUND

By letter dated July 12, 2002, the Northwest Territories Power Corporation
(“NWTPC") filed a 2001/02 Revenue Shortfall Rider and 2002/03 Interim
Refundable Rates Application (“Application”), to collect the revenue requirement
for 2001/02 and an increase in the current interim rates to reflect the revenue
shortfall of 2002/03.

On May 9, 2001, NWTPC submitted to the Board, its Phase | General Rate
Application (“GRA”) for the fiscal years April 1, 2001 to March 31, 2002 and April
1, 2002 to March 31, 2003 (“Test Years”). The GRA requested that the Board:

1. Determine a rate base for NWTPC’s property that is used or required to be
used in providing energy and related services to the public within the
Northwest Territories, including the appropriate allowance for working capital,
and fixing return thereon for NWTPC's fiscal years April 1, 2001 — March 31,
2002 and April 1, 2002 — March 31, 2003 (the Test Years);

2. Determine the revenue requirements for the Test Years for the provision of
energy to the public in the NWT;

3. Approve NWTPC'’s application for Required Firm Capacity Planning Criteria
for the Snare Yellowknife Zone, Diesel Communities and dual fuel generation
communities;

4. Approve NWTPC's application for Alternative Energy Fund;

5. Approve continuation of Rate Stabilization funds, as well as various
adjustments to the Funds, to mitigate the impact on rates of changes in fuel
prices and deviations in hydro conditions from average water levels;

6. Approve revised Terms and Conditions of Service.

Pursuant to the provisions of section 13. (1) of the Rules of Practice and
Procedure, the Board, by letter dated May 10, 2001 directed NWTPC to publish
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notice of the public hearing of the GRA in newspapers that circulate in the
Northwest Territories. The notices were published in May and June 2001,
included details of the GRA, and invited interested persons to file a request with
the Board for intervenor status (Ex.1)

Those persons who were granted intervenor status were provided the opportunity
to make written information requests of NWTPC and to file evidence. The
requests elicited written responses from NWTPC. Written evidence was filed on
behalf of the Village of Fort Simpson by letter dated 14 September, 2001 and on
behalf of the City of Yellowknife and the Town of Hay River by letter dated 24
September, 2001. Further information requests were issued in response to the
written evidence. All written information requests by the Board and intervenors
together with the responses were made available to all parties before the

hearing.

NWTPC, by letter dated October 10, 2001, confirmed its intention to contact all
interested parties to determine whether they were receptive to a negotiated
settlement conference. NWTPC, by e-mail dated October 23, 2001, provided the
Board with a copy of a public notice of the negotiated settlement conference.

The Board, by letter dated October 24, 2001, acknowledged receipt of NWTPC'’s
letter and e-mail. NWTPC was requested to provide the Board with a list of those
interested parties intending to participate in the meeting and to prepare and file a
proposed Negotiated Settlement Agreement, if any, by November 16, 2001.

By e-mail dated October 30, 2001, NWTPC informed the Board that notice of the
negotiated settlement meeting was published in the News North newspaper of
October 29, 2001. The list of participants in the negotiated settlement meeting
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and a list of the issues identified by the parties were provided to the Board by
letter dated November 8, 2001.

The Comprehensive Negotiated Settlement Agreement (“Agreement”) was
dated and filed with the Board on November 20, 2001, together with letters of

endorsement from all interested parties and revised GRA schedules.

The Board accepted the Agreement as filed in Decision 1-2002, dated February
15, 2002, subject to a number of Board Directives. In its Decision, the Board

determined Rate Base and Revenue Requirement for the two Test Years.

Concurrent with the filing of the GRA, NWTPC filed, separately, an interim
refundable rate application, designed to prevent the requirement for a sizeable
revenue deficiency rider to be implemented at the same time as the proposed
rate increases. Along with the application for an interim refundable rate increase,
NWTPC filed under separate cover an application to adjust the Norman Wells
Fuel Stabilization Fund, Rider “B” downward, in consideration of the new fuel
price that will be reflected in the new interim rate, if approved. The Board

approved the interim refundable rate application in Decision 5-2001.

NWTPC’s Application of July 12, 2002, states that since the approved 2001/02
interim refundable rates collected only 50% of the revenue requirement shortfall
during the 2001/02 fiscal year, NWTPC'’s final 2001/02 financial results record a
substantial under collection of NWTPC'’s approved 2001/02 revenue requirement.
In addition, if the current interim refundable rates were to continue through
2002/03 the result would be a substantial under collection of the approved

2002/03 revenue requirement.
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Copies of the Application were distributed to interested parties across the NWT,
at the time of filing with the Board. The Board, by letter dated July 22, 2002,
advised all parties that it would appreciate receiving any comments with respect
to the Application by July 26, 2002. Attached to its letter to the parties, the Board
provided a copy of a letter, of the same date, to NWTPC requesting a response

to a number of information requests by August 2, 2002.

By letter dated July 22, 2002, the City of Yellowknife/Town of Hay River
(“YK&HR”) expressed its concerns about the Application and requested that the
Board direct NWTPC to file additional information in order that the 2001/02
shortfall rider and the 2002/03 interim rates can be based on cost and revenue

data by rate zone and major wholesale and industrial customer.

Miramar Mining Corporation (“Miramar”), by letter dated July 25, 2002, provided
comment with respect to the proposed refund to the Giant Mine, the proposed
2002/03 Interim Refundable rate for the Giant Mine, and the Con Mine contract.

Counsel for the Village of Fort Simpson (“the Village”), by letter dated July 25,
2002, in the interest of avoiding duplication, requested a delay in responding to
the Application until they had an opportunity to review the response to the
Board’s information requests. On July 29, 2002, the Board approved the request,

subject to the Village responding to the Application no later than August 9, 2002.

NWTPC provided response to the information requests of the Board by letter
dated July 31, 2002. NWTPC also responded to YK&HR'’s letter concerning the
Application.

By letter dated August 7, 2002, counsel for the Village advised the Board that the
Hamlet of Fort Liard (*Hamlet”) had authorized him to represent the Hamlet in
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the proceedings. Separately, the Village/Hamlet enclosed information requests
to NWTPC.

The Board, by letter dated August 8, 2002, informed NWTPC that the responses
to the information requests will assist the Board in its review of the Application
and requested that NWTPC respond to the information requests by August 14,
2002.

YK & HR, by letter dated August 9, 2002, advised that after review of NWTPC'’s
responses to the Board’s information requests had further comment with respect

to the Application.

NWTPC by letter dated August 14, 2002 responded to the information requests
of the Village/Hamlet.

In Decision 6-2002 dated August 15, 2002, the Board rejected NWTPC's July 12,
2002 Application to change non industrial rates. The Board noted that the
Application for interim rates applicable to non industrial customers was based on
the concept of a single rate zone which remains to be tested. Accordingly, the
Board directed NWTPC to refile its Application for interim rate adjustments based
on existing rate zones. In Decision 6-2002, the Board approved NWTPC's
request to change rates for the Miramar Giant Mine, effective September 1,

2002, on an interim basis.

By letter dated September 5, 2002, NWTPC filed a revised Application for

approval of interim rates.
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2. APPLICATION

In its July 12, 2002 Application, NWTPC proposed a $0.02 per kwh across the
board increase for all non industrial customers to recover the 2001/02 revenue
shortfall and a further 10% across the board increase to the energy component of
non industrial rates to ensure those rates on a going forward basis are reflective
of the 2002/03 approved revenue requirement. NWTPC also proposed carrying
charges on the 2001/02 revenue deficiency be approved calculated on the mid
year balance of the deficiency over a two year period at the approved rate of

return on rate base of 9.477%.

In its September 5, 2002 refiled Application, NWTPC pro